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1.0 OVERVIEW

This document was prepared to provide the public and industry with
background information on the industrial boiler source category in
support of potential new source performance standards. Fossil fuels
discussed and analyzed include coal, o0il, and natural gas. Background
information for nonfossil fuel fired boilers (wood, solid waste, bagasse
and fossil/nonfossil mixtures) is included in a separate document
EPA 450/3-82-007.

This document contains information on the use of industrial boilers
in different industries and an assessment of controlled and uncontrolled
emissions from different configurations of boilers firing fossil fuels.
Cost and environmental assessments for several model boiler configurations
to meet alternative control levels are also presented.
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2.0 TINTRODUCTION

2.1 BACKGROUND AND AUTHORITY FOR STANDARDS

Before standards of performance are proposed as a Federal requlation,
air pollution control methods available to the affected industry and the
associated costs of installing and maintaining the control equipment are
examined in detail. Various levels of control based on different technolo-
gies and degrees of efficiency are expressed as control alternatives. Each
of these alternatives is studied by EPA as a prospective basis for a
standard. The alternatives are investigated in terms of their impacts on
the economics and well-being of the industry, the impacts on the national
economy, and the impacts on the environment. This document summarizes the
information obtained through these studies so that interested persons will
be able to see the information considered by EPA in the develnpment of the
proposed standard.

Standards of performance for new stationary sources are established
under Section 111 of the Clean Air Act (42 U.S.C. 7411) as amended, herein-
after referred to as the Act. Section 111 directs the Administrator to
establish standards of performance for any category of new stationary source
of air pollution which ", . . causes, or contributes significantly to air
poliution which may reasonably be anticipated to endanger public health or
welfare."”

The Act requires that standards of performance for stationary sources
reflect ". . . the degree of emission reduction achievable which (taking
into consideration the cost of achieving such emission reduction, and any
nonair quality health and environmental impact and energy requirements) the
Administrator determines has been adequately demonstrated for that category
of sources.” The standards apply only to stationary sources, the construc-
tion or modification of which commences after regulations are proposed by
publication in the Federal Register.
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The 1977 amendments to the Act altered or added numerous provisions
that apply to the process of establishing standards of performance.

1. EPA is required to list the categories of major stationary sources
that have not already been listed and regulated under standards of perform-
ance. Regulations must be promulgated for these new categories on the
following schedule:

a. 25 percent of the listed categories by August 7, 1980.

b. 75 percent of the listed categories by August 7, 1981.

c. 100 percent of the listed categories by August 7, 1982.

A governor of a State may apply to the Administrator to add a category not
on the list or may apply to the Administrator to have a standard of perform-
ance revised.

2. EPA is required to review the standards of performance every
4 years and, if appropriate, revise them.

3. EPA is authorized to promulgate a standard based on design, equip-
ment, work practice, or operational procedures when a standard based on
emission levels is not feasible.

4, The term "standards of performance" is redefined, and a new term
"technological system of continuous emission reduction” is defined. The new
definitions clarify that the control system must be continuous and may
include a low- or non-pd11uting process or operation.

5. The time between the proposal and promulgation of a standard under
Section 111 of the Act may be extended to 6 months.

Standards of performance, by themselves, do not guarantee protection of
health or welfare because they are not designed to achieve any specific air
quality levels. Rather, they are designed to reflect the degree of emission
limitation achievable through application of the best adequately
demonstrated technological system of continuous emission reduction, taking
into consideration the cost of achieving such emission reduction, any
non-air-quality health and environmental impacts, and energy requirements.

Congress had several reasons for including these requirements. First,
standards with a degree of uniformity are needed to avoid situations where
some States may attract industries by relaxing standards relative to other
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States. Second, stringent standards enhance the potential for long-term
growth. Third, stringent standards may help achieve long-term cost savings
by avoiding the need for more expensive retrofitting when pollution ceilings
may be reduced in the future. Fourth, certain types of standards for coal-
burning sources can adversely affect the coal market by driving up the price
of low-sulfur coal or effectively excluding certain coals from the reserve
base because their untreated pollution potentials are high. Congress does
not intend that new source performance standards contribute to these
problems.

Promulgation of standards of performance does not prevent State or
local agencies from adopting more stringent emission Timitations for the
same sources. States and local agencies if authorized by State law are free
under Section 116 of the Act to establish even more stringent emission
1imits than those established under Section 111 or those necessary to attain
or maintain the National Ambient Air Quality Standards (NAAQS) under
Section 110. Thus, new sources may in some cases be subject to Timitations
more stringent than standards of performance under section 111, and
prospective owners and operators of new sources should be aware of this
possibility in planning for such facilities.

A similar situation may arise when a major emitting facility is to be
constructed in a geographic area that falls under the prevention of signif-
icant deterioration of air quality provisions of Part C of the Act. These
provisions require, among other things, that major emitting facilities to be
constructed in such areas are to be subject to best available control

technology. The term Best Available Control Technology (BACT), as defined
in the Act, means

. an emission limitation based on the maximum degree of reduction
of each pollutant subject to regulation under this Act emitted from, or
which results from, any major emitting facility, which the permitting
authority, on a case-by-case basis, taking into account energy,
environmental, and economic impacts and other costs, determines is
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achievable for such facility through application of production

processes and available methods, systems, and techniques, including

fuel cleaning or treatment or innovative fuel combustion techniques for
control of each such pollutant. 1In no event shall application of "best
available control technology" result in emissions of any pollutants
which will exceed the emissions allowed by any applicable standard
established pursuant to Sections 111 or 112 of this Act.

(Section 169(3))."

Although standards of performance are normally structured in terms of
numerical emission limits where feasible, alternative approaches are some-
times necessary. In some cases physical measurement of emissions from a new
source may be impractical or exorbitantly expensive. Section 111(h)
provides that the Administrator may promulgate a design or equipment
standard in those cases where it is not feasible to prescribe or enforce a
standard of performance. For example, emissions of hydrocarbons from
storage vessels for petroleum 1iquids are greatest during tank filling. The
nature of the emissions, high concentrations for short periods during
filling and low concentrations for longer periods during storage, and the
configuration of storage tanks make direct emission measurement impractical.
Therefore, a more practical approach to standards of performance for storage
vessels has been equipment specification.

In addition, Section 111(1i) authorizes the Administrator to grant
waivers of compliance to permit a source to use innovative continuous
emission control technology. In order to grant the waiver, the
Administrator must find: (1) a substantial Tikelihood that the technology
will produce greater emission reductions than the standards require or an
equivalent reduction at lower economic energy or environmental cost; (2) the
proposed system has not been adequately demonstrated; (3) the technology
will not cause or contribute to an unreasonable risk to the public health,
welfare, or safety; (4) the governor of the State where the source is
located consents; and (5) the waiver will not prevent the attainment or
maintenance of any ambient standard. A waiver may have conditions attached
to assure the source will not prevent attainment of any NAAQS. Any such
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condition will have the force of a performance standard. Finally, waivers
have definite end dates and may be terminated earlier if the conditions are
not met or if the system fails to perform as expected. In such a case, the
source may be given up to 3 years to meet the standards with a mandatory

progress schedule.

2.2 SELECTION OF CATEGORIES OF STATIONARY SOURCES

Section 111 of the Act directs the Administrator to list categories of
stationary sources. The Administrator ". . . shall include a category of
sources in such list if in his judgment it causes, or contributes signifi-
cantly to, air pollution which may reasonably be anticipated to endanger
public health or welfare." Proposal and promulgation of standards of
performance are to follow.

Since passage of the Clean Air Amendments of 1970, considerable atten-
tion has been given to the development of a system for assigning priorities
to various source categories. The approach specifies areas of interest by
considering the broad strategy of the Agency for implementing the Clean Air
Act. O0ften, these "areas" are actually pollutants emitted by stationary
sources. Source categories that emit these pollutants are evaluated and
ranked by a process involving such factors as (1) the level of emission
control (if any) already required by State regulations, (2) estimated levels
of control that might be required from standards of performance for the
source category, (3) projections of growth and replacement of existing
facilities for the source category, and (4) the estimated incremental amount
of air pollution that could be prevented in a preselected future year by
standards of performance for the source category. Sources for which new
source performance standards were promulgated or under development during
1977, or earlier, were selected on these criteria.

The Act amendments of August 1977 establish specific criteria to be
used in determining priorities for all major source categories not yet
Tisted by EPA. These are (1) the quantity of air pollutant emissions that
each such category will emit, or will be designed to emit; (2) the extent to
which each such pollutant may reasonably be anticipated to endanger public
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health or welfare; and (3) the mobility and competitive nature of each such
category of sources and the consequent need for nationally applicable new
source standards of performance.

The Administrator is to promulgate standards for these categories
according to the schedule referred to earlier.

In some cases it may not be feasible immediately to develop a standard
for a source category with a high priority. This might happen when a
program of research is needed to develop control techniques or because
techniques for sampling and measuring emissions may require refinement. In
the developing of standards, differences in the time required to complete
the necessary investigation for different source categories must also be
considered. For example, substantially more time may be necessary if
numerous pollutants must be investigated from a single source category.
Further, even late in the development process the schedule for completion of
a standard may change. For example, inability to obtain emission data from
well-controlled sources in time to pursue the development process in a
systematic fashion may force a change in scheduling. Nevertheless, priority
ranking is, and will continue to be, used to establish the order in which
projects are initiated and resources assigned.

After the source category has been chosen, the types of facilities
within the source category to which the standard will apply must be
determined. A source category may have several facilities that cause air
pollution, and emissions from some of these facilities may vary from
insignificant to very expensive to control. Economic studies of the source
category and of applicable control technology may show that air pollution
control is better served by applying standards to the more severe pollution
sources. For this reason, and because there is no adequately demonstrated
system for controlling emissions from certain facilities, standards often do
not apply to all facilities at a source. For the same reasons, the standards
may not apply to all air pollutants emitted. Thus, although a source
category may be selected to be covered by a standard of performance, not all
pollutants or facilities within that source category may be covered by the
standards.
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2.3 PROCEDURE FOR DEVELOPMENT OF STANDAKDS OF PERFORMANCE

Standards of performance must (1) realistically reflect best demon-
strated control practice; (2) adequately consider the cost, the non-air-
gquality health and environmental impacts, and the energy requirements of
such control; (3) be applicable to existing sources that are modified or
reconstructed as well as new installations; and (4) meet these conditions
for all variations of operating conditions being considered anywhere in the
country.

The objective of a program for developing standards is to identify the
best technological system of continuous emission reduction that has been
adequately demonstrated. The standard-setting process involves three
principal phases of activity: (1) information gathering, (2) analysis of
the information, and (3) development of the standard of performance.

During the information-gathering phase, industries are queried through
a telephone survey, letters of inquiry, and plant visits by EPA representa-
tives. Information is also gathered from many other sources, and a litera-
ture search is conducted. From the knowledge acquired about the industry,
EPA selects certain plants at which emission tests are conducted to provide
reliable data that characterize the pollutant emissions from well-controlled
existing facilities.

In the second phase of a project, the information about the industry
and the pollutants emitted is used in analytical studies. Hypothetical
"model plants" are defined to provide a common basis for analysis. The
model plant definitions, national pollutant emission data, and existing
State regulations governing emissions from the source category are then used
in establishing "control alternatives." These control alternatives are
essentially different levels of emission control.

EPA conducts studies to determine the impact of each control alterna-
tive on the economics of the industry and on the national economy, on the
environment, and on energy consumption. From several possibly applicable
alternatives, EPA selects the single most plausible control alternative as
the basis for a standard of performance for the source category under study.
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In the third phase of a project, the selected control alternative is
translated into a standard of performance, which, in turn, is written in the
form of a Federal regulation. The Federal regulation, when applied to newly
constructed plants, will 1imit emissions to the levels indicated in the
selected control alternative.

As early as is practical in each standard-setting project, EPA repre-
sentatives discuss the possibilities of a standard and the form it might
take with members of the National Air Pollution Control Techniques Advisory
Committee. Industry representatives and other interested parties also
participate in these meetings.

The information acquired in the project is summarized in the background
information document (BID). The BID, the standard, and a preamble
explaining the standard are widely circulated to the industry being
considered for control, environmental groups, other government agencies, and
offices within EPA. Through this extensive review process, the points of
view of expert reviewers are taken into consideration as changes are made to
the documentation.

A "proposal package" is assembled and sent through the offices of EPA
Assistant Administrators for concurrence before the proposed standard is
officially endorsed by the EPA Administrator. After being approved by the
EPA Administrator, the preamble and the proposed regulation are published in
the Federal Register.

As a part of the Federal Register announcement of the proposed
regulation, the public is invited to participate in the standard-setting
process. EPA invites written comments on the proposal and also holds a
public hearing to discuss the proposed standard with interested parties. All

public comments are summarized and incorporated into a second volume of the
BID. A1l information reviewed and generated in studies in support of the
standard of performance is available to the public in a "docket" on file in
Washington, D. C.

Comments from the public are evaluated, and the standard of performance
may be altered in response to the comments.
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The significant comments and EPA's position on the issues raised are
included in the "preamble" of a promulgation package," which also contains
the draft of the final regulation. The regulation is then subjected to
another round of review and refinement until it is approved by the EPA
Administrator. After the Administrator signs the regulation, it is
published as a "final rule" in the Federal Register.

2.4 CONSIDERATION OF COSTS
Section 317 of the Act requires an economic impact assessment with

respect to any standard of performance established under Section 111 of the
Act. The assessment is required to contain an analysis of: (1) the costs of
compliance with the regulation, including the extent to which the cost of
compliance varies depending on the effective date of the regulation and the
development of less expensive or more efficient methods of compliance;

(2) the potential inflationary or recessionary effects of the regulation;
(3) the effects the regulation might have on small business with respect to
competition; (4) the effects of the regulation on consumer costs; and

(5) the effects of the regulation on energy use. Section 317 also requires
that the economic impact assessment be as extensive as practicable.

The economic impact of a proposed standard upon an industry is usually
addressed both in absolute terms and in terms of the control costs that
would be incurred as a result of compliance with typical, existing State
control regulations. An incremental approach is necessary because both new
and existing plants would be required to comply with State regulations in
the absence of a Federal standard of performance. This approach requires a
detailed analysis of the economic impact from the cost differential that
would exist between a proposed standard of performance and the typical State
standard.

Air pollutant emissions may result in additional costs for water
treatment and captured potential air pollutants may pose a solid waste
disposal problem. The total environmental impact of an emission source
must, therefore, be analyzed and the costs determined whenever possible.

A thorough study of the profitability and price-setting mechanisms of
the industry is essential to the analysis so that an accurate estimate of
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potential adverse economic impacts can be made for proposed standards. It
is also essential to know the capital requirements for pollution control
systems already placed on plants so that the additional capital requirements
necessitated by these Federal standards can be placed in proper perspective.
Finally, it is necessary to assess the availability of capital to provide
the additional control equipment needed to meet the standards of
performance.

2.5 CONSIDERATION OF ENVIRONMENTAL IMPACTS

Section 102(2)(C) of the National Environmental Policy Act (NEPA) of
1969 requires Federal agencies to prepare detailed environmental impact
statements on proposals for legislation and other major Federal actions
significantly affecting the quality of the human environment. The objective
of NEPA is to build into the decisionmaking process of Federal agencies a
careful consideration of all environmental aspects of proposed actions.

In a number of legal challenges to standards of performance for various
industries, the United States Court of Appeals for the District of Columbia
Circuit has held that environmental impact statements need not be prepared
by the Agency for proposed actions under Section 111 of the Clean Air Act.
Essentially, the Court of Appeals has determined that the best system of
emission reduction requires the Administrator to take into account counter-
productive environmental effects of a proposed standard, as well as economic
costs to the industry. On this basis, therefore, the Court established a
narrow exemption from NEPA for EPA determination under Section 11l.

In addition to these judicial determinations, the Energy Supply and
Environmental Coordination Act (ESECA) of 1974 (PL-93-319) specifically
exempted proposed actions under the Clean Air Act from NEPA requirements.
According to Section 7(c)(1), "No action taken under the Clean Air Act shall
be deemed a major Federal action significantly affecting the quality of the
human environment within the meaning of the National Environmental Policy
Act of 1969." (15 U.S.C. 793(c)(1)).

Nevertheless, the Agency has concluded that the preparation of environ-
mental impact statements could have beneficial effects on certain regulatory
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actions. Consequently, although not legally required to do so by sec-

tion 102(2)(C) of NEPA, EPA has adopted a policy requiring that environmen-
tal impact statements be prepared for various regulatory actions, including
standards of performance developed under Section 111 of the Act. This
voluntary preparation of environmental impact statements, however, in no way
legally subjects the Agency to NEPA requirements.

To implement this policy, a separate section in this document is
devoted solely to an analysis of the potential environmental impacts associ-
ated with the proposed standards. Both adverse and beneficial impacts in
such areas as air and water pollution, increased solid waste disposal, and
increased energy consumption are discussed.

2.6 IMPACT ON EXISTING SOURCES
Section 111 of the Act defines a new source as

. any stationary
source, the construction or modification of which is commenced . . ." after
the proposed standards are published. An existing source is redefined as a
new source if "modified" or "reconstructed" as defined in amendments to the
general provisions of Subpart A of 40 CFR Part 60, which were promulgated in
the Federal Register on December 16, 1975 (40 FR 58416).

Promulgation of a standard of performance requires States to establish

standards of performance for existing sources in the same industry under
Section 111 (d) of the Act if the standard for new sources limits emissions
of a designated pollutant (i.e., a pollutant for which air quality criteria
have not been issued under Section 108 or which has not been listed as a
hazardous pollutant under Section 112). If a State does not act, EPA must
establish such standards. General provisions outlining procedures for
control of existing sources under Section 111(d) were promulgated on
November 17, 1975, as Subpart B of 40 CFR Part 60 (40 FR 53340).

2.7 REVISION OF STANDARDS OF PERFORMANCE

Congress was aware that the level of air pollution control achievable
by any industry may improve with technological advances. Accordingly,
Section 111 of the Act provides that the Administrator ". . . shall, at
least every 4 years, review and, if appropriate, revise . . ." the
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standards. Revisions are made to assure that the standards continue to
reflect the best systems that become available in the future. Such
revisions will not be retroactive, but will apply to stationary sources
constructed or modified after the proposal of the revised standards.
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3.0 CHARACTERISTICS OF THE INDUSTRIAL BOILER SOURCE CATEGORY

3.1 GENERAL
In this section, industrial boilers are described and classified by

type, fuel, and method of construction. The existing population of
industrial boilers is characterized by design type and capacity. In
addition, fuel usage patterns are discussed by EPA region, and boiler usage.
Existing regulations applicable to industrial boilers are also presented.
3.1.1 Industrial Boiler Source Category

Industrial boilers are used in manufacturing, processing, mining, and
refining industries to provide steam, hot water, and electricity. The
industrial generation of electricity is quite limited, however, with the
majority of industrial boiler fuel consumption dedicated to steam or hot
water production. Between 10 and 15 percent of industrial boiler coal
consumption and 5 to 10 percent of industrial boiler o0il and gas consumption
is used for electricity generation.1

Industrial boilers cover a broad range of sizes, with a few units as
large as 200 MW (700 x 10°
sufficiently small to allow shop fabrication and shipment as packaged

Btu/hr) thermal input. Some units are

boilers. When used for heating, they may have a steam pressure as low as
13.8 kPa (2 psi) and a temperature no higher than 375 K (215°F). Extremely
large units, in contrast, may produce as much as 545 Mg/hr (1,200,000 1b/hr)
of steam at a pressure of 12400 kPa (1800 psi) and a temperature of 811 K
(1000°F) .2
3.1.2 Classification of Industrial Boilers

Boilers can be classified by type, fuel, and method of construction.
Boiler types are identified by the heat transfer method (watertube, fire-
tube, or cast iron), the arrangement of the heat transfer surfaces
(horizontal or vertical, straight or bent tube), and, in the case of coal,
the fuel feed system (pulverized or stoker). Pulverized coal-, 0il-, and
gas-fired boilers can be subclassified further by burner configuration
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(tangential, front wall or horizontally oppo.ed). Most industrial boilers
that are ~quipped with burners use the front wall configuration. For the
purposes of this study, the burner-equipped boiler group will not be
subclassified according to burner configuration.

Figure 3-1 illustrates a scheme for classifying boilers. According to
this scheme boilers are first classified by the major distinguishing charac-
teristic -- heat transfer mechanism -- into watertube, firetube, or cast
iron design types. Watertube boilers can be either field-erected or shop-
built packaged units, but essentially all firetube and cast iron units are
packaged boilers. These boilers are further classified by fuel type. The
fuel feed mechansim is an important characteristic affecting coal-fired
boiler emissions. As shown on Figure 3-1, three types of stoker feeding
mechanisms are used, in addition to pulverized coal systems. Differences in
emissions and their potential for control exist among these boiler types due
to the fuel fired and the mechanism for introducing that fuel (see
Section 3.2 and Chapter 4).

3.1.2.1 Industrial Boiler Design Types. The three major boiler
designs -- watertube, firetube, and cast iron -- are each manufactured to

meet specific application and site requirements. Unit size, design steam
pressure and temperature all depend on the application. Each of these
boiler types may burn coal, oil, or gas and are increasingly being designed
to burn more than one fuel type. Each of the three major design types are
discussed in the following subsections.

3.1.2.1.1 MWatertube boilers. Watertube boilers are used in a variety
of applications ranging from supplying large amounts of process steam to
providing space heat for industrial facilities. As the name implies,
watertube boilers are designed to pass water through the inside of heat
transfer tubes while the outside of the tubes is heated by direct contact
with the hot combustion gases. This process results in generation of
high-pressure, high-temperature steam.

Watertube boilers are available, as packaged or field-erected units, in
capacities ranging from less than 2.9 to over 200 MW (10 to 700 x

106 Btu/hr) thermal imput. As discussed in Section 3.2, industrial boilers
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typically have a thermal efficiency of approximately 80 percent. Hence, the
steam capacity range of these watertube units is less than 3.6 Mg/hr

(8,000 1b/hr) to over 254 Mg/hr (560,000 1b/hr). Packaged boilers are
generally smaller than the field-erected units. Virtually all units with a
steam capacity of 4.5 to 45 Mg/hr (10,000 to 100,000 1b/hr) are packaged.3
The maximum size of industrial packaged boilers is Timited by transport-
ability. Units up to 115 Mg/hr (250,000 1b/hr) of steam can be transported
to operation sites by railroad, and larger ones can be moved by barge or
freighter.

Industrial watertube boilers can burn coal, residual oil, distillate
0oil, natural gas, liquefied petroleum gas, and other fossil and nonfossil
fuels. The packaged units, however, usually use premium quality fossil
fuels -- 01l and natural gas -- and do not offer the fuel flexibility that
many buyers have recently desired.4 More than half of the installed
capacity of coal-fired industrial boilers are field-erected watertube
mode]s,5 which are available as stoker or pulverized coal-fired units. A
stoker is a conveying system that feeds coal into the furnace and also
provides a grate upon which the coal is burned. In comparison, pulverized
coal-fired units operate by using suspension burning. Coal pulverized to
the consistency of powder is pneumatically injected into the furnace.
Specific details of these boiler types are presented in Section 3.2.

3.1.2.1.2 Firetube boilers. Firetube boilers are used primarily for

heating systems, industrial process steam, and portable power boi]ers.6
Essentially all firetube boilers are packaged units with some being portable
(or movable) rather than stationary. In firetube boilers, the hot gas flows
through the tubes and the water being heated circulates outside of the
tubes.

Firetube boilers are usually limited in size to 5.9 MW (20 x 106
Btu/hr) thermal input.6 However, some firetube designs have been built with
heat input up to 14 MW (50 x 106 Btu/hr). In general, firetube boilers
offer the benefit of quick response to moderate load changes.7 Most
industrial firetube boilers currently available have tube arrangements that
classify them as either horizontal return tube (HRT), firebox, or Scotch.
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These tube arrangements are described in Section 3.2.3.2. Most of the
installed capacity of firetube units is oil- and gas-fired.8 Coal may play
a more important role in the future, however.3

Boilers which are portable or semiportable are also used in industrial
applications. Small boilers on wheels are used in a variety of industries
for steam cleaning and pressing. Larger firetube units with complete piping
and water supply systems may be mounted on trailers or flat beds and used
for temporary heat or wall drying at construction sites. Portable or rental
boilers do not differ in design from other package boilers but are typically
provided with a very short stack.9

3.1.2.1.3 Cast iron boilers. In cast iron boilers, the hot gas is

contained inside the tubes and the water being heated circulates outside the
tubes. The units are constructed of cast iron rather than steel. Cast iron
boilers are used to produce either low-pressure steam or hot water.
Generally, boiler capacity ranges from 0.001 to 2.9 MW (0.003 to 10 x 10
Btu/hr)10 thermal heat input with pressure ratings up to 690 kPa (100 psi)
for hot water units and 100 kPa (15 psi) for steam um'ts.11 Thus, cast iron

6

boilers are most commonly used in domestic or small commercial
apph’cations.10
3.1.2.2 Industrial Boiler Manufacturers. Tables 3-1 and 3-2 list

manufacturers of industrial boilers. Manufacturers of watertube and fire-

tube boilers are listed in Table 3-1. Most manufacturers of industrial
watertube boilers make coal-fired units, but only a few of the firetube
boiler manufacturers make coal-fired units. Establishments manufacturing
cast iron boilers are listed in Table 3-2. According to the Hydronics
Institute, which is the trade association for cast iron boiler manufac-
turers, only five firms produce units large enough for industrial
apph‘cations.12

3.1.3 Population of Industrial Boilers

The installed population of industrial boilers is summarized by design
type in Table 3-3. Figure 3-2 illustrates the relative distribution by
capacity. As shown on this graph, watertube boilers are available over a
larger size range than the other types. Note on Table 3-3 that nearly

3-5



Table 3-1. MANUFACTURERS OF INDUSTRIAL FIRETUBE AND WATERTUBE BOILERS]'3

_———===__m
Firetubes Watertubes

Upper size Hmlt.'
0il & 0il & Md (106 dtu/hr)
Manuf acturer gas Coal gas Coal thermal input

ABCO Industries X X 29
Abilene, TX (100)

American Hydrotherm Corp. X 10
New York, MY (35)

Babcock and Wilcox X X
North Canton, OH

Bettran Assocliates, Inc. X
8rook lyn, NY

Bethlehem Corp. X X
Easton, PA

8igelow Co. X X X
New Haven, CT

8ryan Steam Corp. X 6
Pery, IN (21)

Burham Corp. X
Lancaster, PA

Clayton Manufacturing Co. X 6
£1 Monte, CA (21)

Cleaver Brooks X X 29
Milwaukee, Wi (100

Combustion Engineering X X
Windsor, CT

Conbustion Service & Equipment Co. X X
Pittsburg, PA

Delta Steel Boiler Industries X X
Chicago, IL

Deltak X
Minneapolis, MN

Durham-8ush X
West Hartford, CT

3Manufacturers of watertube boilers with no upper size 1lmit 1isted produce units
greater than 73 M¥ (250 x 10* Btu/hr) heat input.



Table 3-1 Continued. MANUFACTURERS OF INDUSTRIAL FIRETUBE AND WATERTUBE BOILERS]3

P —

Firetubes Watertubes

Upper size limit,?
011 & 011 & M (106 Btu/hr)
Manuf acturer gas Coal gas Coal thermal input

Eclipse Lookout Co. X
Chattanooga, ™

Foster-Whee ler X X
Livingston, NJ

Industrial Boiler X X
Thomasville, GA

Industrial Combustion, Inc. X
Mtlwaukee, Wl

International Boiler X X 73
€ast Stroudsburg, PA (250)

Johnston Boiler Co. X X
Ferrysburg, MI[

€. Keeler X X
Williamsport, PA

Kewanee Boiler Corp. X X
Kewanee, IL

Kipper and Sons Engineers, Inc. X X
Seattle, WA

James Leffel Co. X X
Springfield, OH

Nebraska Botler Co. X X X 73
Lincoln, NE (250}

North American Manufacturing Co. X X
Cleveland, OH

Ocean Shore Boiler Works X
San Francisca, CA

Oswego Pack age Boiler X
Oswego, NY

Ray Burner Co. X X
San Francisca, CA

L } :
3Manufacturers of watertube boilers with no upper size limit Jisted produce units

greater than 73 MW (250 x 10* Btu/hr) heat input.
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13
Table 3-1 Concluded. MANUFACTURERS OF INDUSTRIAL FIRETUBE AND WATERTUBE BOILERS

w

Firetubes Watertubes
Upper size 1imit,?
0il & oil & Md (10% Btu/hr)
Manuf acturer 9as Coal gas Coal thermal input
Riley Stoker X X
Worcester, MA
Seattle 8oiler Works X X 14
Seattle, WA (50)
Sellers Engineering Co. X
Danville, KY
Steamaster Automatic 8oiler Co. X
Los Angeles, CA
Struthers Wells X 29
Winfteld, XS (100)
Superior Boiller Works, Inc. X
llutchinson, XS
Thermo-Pak Boiler, Inc. X 6
Memphis, TN (20)
Trane Company X X 13
Lacrosse, Wl (250)
Vapor Division of Brunswick Corp. X q
Chicago, IL (15)
Henry Vogt Machine Company X X 7]
Louisville, XY (250)
Williams and Davis Boiler and X
Welding Co., Inc.
Hutchins, TX
York-Shipley X
York, PA
John Zink X X 73
Tulsa, 0K (250)
lurn Industries X X X X
Erie, PA

dyanufacturers of watertube boilers with no upper size limit listed produce units
greater than 73 MW (250 x 10¢ Btu/hr) heat input.
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TABLE 3-2. HMAMUFACTURERS OF INDUSTRIAL SIZE CAST IROW BOILERS

12

Burnham Corporation
Lancaster, PA

Peerless Heater Company
Boyertown, PA

Slant/Fin Corporation
Greenvale, NY

H.B. Smith, Incorporated
Westfield, MA

Weil-McLain
Michigan City, IN

TABLE 3-3. BOILER POPULATION DISTRIBUTION BY
HEAT - TRANSFER CONFIGURATION
Heat- . . Total Boiler Capacity
transfer Boiler Population MW Thermal
configuration Number of Percent Input Percent
Boilers of Total (106 Btu/hr) of Total
Watertube 37,969 7.5 638,665 70.0
(2.2 x 106)
Firetube 173,936 34.3 219,360 24,2
(7.6 x 109)
Cast iron 295,298 58.2 52,570 5.8
(1.8 x 105)
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60 percent of the boilers are cast iron units, but these boilers account for
only 6 percent of the installed capacity. Watertube boilers, on the other
hand, represent 7 percent of the boilers by number, but account for

70 percent of the installed capacity. Figure 3-2 shows that the largest
concentration of boiler capacity is in the 2.9 to 14.7 MW range, which
contains 26 percent of the installed capacity. Units over 73.3 MW thermal
input account for 23 percent, and those less than 2.9 MW thermal input
account for 20 percent of the installed capacity.

Table 3-4 gives the distribution of watertube boilers by capacity and
fuel. About 25 percent of the installed capacity is coal-fired, 32 percent
is oil-fired, and 43 percent is natural gas-fired. This distribution varies
with size. In the smallest size range (less than 2.9 MW thermal input),
only 7 percent of the capacity is coal-fired, whereas in the largest boiler
size group (above 73 MW thermal input), 30 percent of the installed capacity
is coal-fired. Even in this large size group, however, 47 percent of the
currently installed capacity is gas-fired.

Table 3-5 presents the distribution of firetube units, which range in
size up to 14,7 MW (50 x 106 Btu/hr) thermal input. Only 6 percent of the
installed capacity is coal-fired; 43 percent is oil-fired and 51 percent is
natural gas-fired.

Cast iron boilers are the smallest of the three boiler types, with a
maximum size of only 2.9 MW (10 x 106 Btu/hr) thermal input. In this group
12 percent of the installed capacity is coal-fired, 33 percent is oil-fired,
and 55 percent is natural gas-fired, as shown in Table 3-6.

Information on the age distribution of existing industrial boilers was
estimated by PEDCo Environmental, Inc. using sales data obtaiﬁed from the
American Boiler Manufacturers Association (ABMA) and the Hydronics
Institute.16 Based on these data, PEDCo stated that in 1978 about 20
percent of the watertube boiler capacity currently in place was less than
7 years old. (The sales data from ABMA were available for the previous
7 years.) About 25 percent of the current capacity of firetube and cast
iron boilers is less than 10 years old. Further, based on discussions with
boiler manufacturers, PEDCo estimated that 27 percent of the current sales
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Table 3-4. INSTALLED CAPACITY OF U.S. EATERTUBE INDUSTRIAL BOILERS
BY UNIT SIZE AND FUEL TYPE!4
(MW therma) input (106 Btu/hr))
Capacity by unit size
0to 2.9 2.9 to 14.7 14.7 to 29.3 29.3 to 73.3 >73.3
Fuel (0 to 10) (10 to 50) (50 to 100) (100 to 250) {>250) Totals
Pulverized coal 0 0 0 19,895 40,180 60,075
(0) (0) (0) (67,800) (137,000) (204,800)
Spreader-stoker coal 70 4,650 6,175 20,295 11,010 42,200
(240) (15,900) (21,060) (69,000) (37,600) (143,800)
Underfeed-stoker coal 680 14,105 17,265 7,080 5,230 44,360
(2,300) (48,000) (58,900) (24,200) (17,800) (151,200)
Overfeed;stoker coal 85 3,470 4,455 3,555 3,510 15,075
(290) (11,800) (15,200) (12,100) (12,000) (51,390)
Tota) coal 835 22,225 27,895 50,825 59,930 161,710
(2,830) (75,700) (95,160) (173,100) "(204,400) (551,190)
Residual ofl 3,960 48,190 35,640 44,790 43,570 176,150
(13,500) (164,000) (122,000) (153,000) (148,600) (601,100)
Distillate o1} 2,560 8,280 4,295 6,370 4,085 25,590
(8,700) (28,200) (14,600) {21,700) {13,900) (87,100)
]
Total o} 6,520 56,470 39,935 51,160 47,655 201,740
(22,200) (192,200) (136,600) (174,700) (162,500) (688,200)
Natural gas 4,475 57,900 53,585 63,320 95,935 275,215
(15,300) (197,500) (182,800) (216,000) (327,200) (938,800)
Total all fuels 11,830 136,595 121,415 165,305 203,520 638,665

(40,330) (465,400) (414,560) (563,800) (694,100) (2,178,190)




TABLE 3-5. INSTALLED CAPACITY OFBINDUSTRIAL FIRETUBE BOILERS
BY SIZE AND FUEL TYPE
[Mi thermal input (106 Btu/hr)]
Capacity by unit size
0 to 2.9 2.9 to 14.7
Fuel (0 to 10) (10 to 50) Total

Coal 5,650 7,780 13,430
(19,270) (26,530) (45,800)
Residual oil 35,280 25,860 61,140
(120,330) (88,200) (208,530)
Distillate oil 17,770 15,770 33,540
(60,610) (53,790) (114,400)
Natural gas 59,120 52,130 111,250
(201,630) (177,790) (379,420)
Total 117,820 101, 540 219,360
(401,840) (346,310) (748,150)
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TABLE 3-6. INSTALLED CAPACITY OF IND?%TRIAL
CAST IRON BOILERS BY FUEL TYPE

[MW Thermal Input (106 Btu/hr)]

Fuel Boiler Capacitya
Coal 6,330
(21,590)
Residual oil 10,780
(36,770)
Distillate oil 6,740
(22,990)
Natural gas 28,720
(97,950)

8A11 cast iron boilers have a apacity less than
4.0 MW thermal input (14 x 10° Btu/hr).
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of watertube and firetube boilers and 50 percent of the sales of cast iron
units are replacements for existing boilers that are being retired.17
Seasonal and time-of-day changes in energy demand result in excess
capacity during nonpeak demand periods. Section 3.1.4 discusses these
variations in capacity utilization by industry. Since capacity utilization
varies widely in industry, the installed capacity by itself is not an
adequate measure of fuel consumption. This information must be obtained
from actual fuel usage data. Summaries of industrial fuel consumption data
are presented in the next subsection.
3.1.4 Fuel Usage Patterns

Table 3-7 gives fossil fuel consumption by the manufacturing industries

in each EPA region. Region V (including Ohio, Michigan, I11inois, and
Indiana) is a heavy consumer of fossil fuels, using nearly 40 percent of the
national annual coal consumption by manufacturers and about 20 percent of
the U.S. annual consumption of distillate oil and natural gas by the
manufacturing industries. Region VI (including Texas and Louisiana)
consumes 40 percent of the natural gas. In general, the largest end use of
each fuel in each region is for process steam, accounting for about
one-third of the fuel used by industry nationwide.19 Use of fuel as
feedstock accounts for less than one-third of the manufacturing fuel use.
Industrial process heating in furnaces and space heating accounts for most
of the remaining industrial fuel consumption.

Table 3-8 1ists the percent of industrial boiler fossil fuel consump-
tion by industry and fuel type for 1974. The most energy intensive
industries--chemicals and paper--account for over one-third of the
industrial boiler fuel consumption. The other industries listed (petroleum
refining, steel, aluminum, and food) account for much of the remaining
industrial boiler fuel consumption. Other industries, using smaller but
significant amounts of fuel in boilers, include textiles, lumber, rubber,
metal fabrication, and transportation.

Table 3-9 relates the share of fuel used in this country by industry to
the quantities used by other sectors. In addition to manufacturing, the
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TABLE 3-7. REGIONAL FOSSIL FUEL CONSUMPTION BY THE MANUFACTURING
INDUSTRIES IN 19762 15

[Exajoules (10"~ Btu)]
E?A Residual Distillate Natural

Region oil oil Coal gas Total
I 0.19 0.033 0.0071 0.081 0.31
(0.18) (0.031) (0.0067) (0.077) (0.29)

II 0.21 0.077 0.20 0.18 0.67
(0.20) (0.073) (0.19) (0.17) (0.63)

Il 0.28 0.12 1.2 0.51 2.1
(0.27) (0.11) (1.1) (0.48) (2.0)

IV 0.38 0.14 0.48 0.69 1.7
(0.36) (0.13) (0.45) (0.65) (1.6)

) 0.26 0.12 1.4 1.4 3.2
(0.25) (0.11) (1.3) (1.3) (3.0)

VI 0.09 0.039 0.079 2.7 2.9
(0.085) (0.037) (0.075) (2.6) (2.8)

VII 0.023 0.026 0.11 0.32 0.48
(0.022) (0.025) (0.1) (0.3) (0.45)

VIII 0.029 0.0095 0.10 0.14 0.28
(0.027) (0.009) (0.095) (0.13) (0.26)

IX 0.05 0.023 0.088 0.48 0.64
(0.047) (0.022) (0.083) (0.46) (0.61)

X 0.051 0.023 0.019 0.19 0.28

(0.048) (0.022)  (0.018)  (0.18)  (0.27)

Total 1.6 0.61 3.7 6.7 13
(1.5) (0.58) (3.5) (6.4) (12)

4The fuel consumption data include use in process heaters
and as feedstock as well as in boilers. Reference 18.
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Table 3-8. DISTRIBUTION OF INDUSTRIAL BOILER FOSSIL FUEL CONSUMPTION
IN 1974 BY INDUSTRY AND FUEL TYPE 20/

(percent)
Fuel type
Industry Coal, 0il, Gas, Total,
% % % %
Chemicals 4.5-5.6 1.9-2.4 14-17 20-25
Paper 2.9-3.6 6-7.4 4-5 13-16

Steel and aluminum 2.6-3.3 0.68-0.85 5.5-6.8 8.8-11
Food 1.1-1.3 1.3-1.6 4.8-5.9 7.1-8.8
Petroleum refining 0.07-0.09 1.2-1.5 3.8-4.8 5.1-6.4
Other manufacturing 3.5-4.3 6.1-8.5 14-35 24-48

Total 15-18 17-22 46-75 100
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TABLE 3-9. UNITED STATES PRIMARY ENERGY CONSUMPTION BY CONSUMING
SECTOR AND ENERGY SOURCE, 19742
[Exajoules ao'? Btul]
Hydropower
and
Consuming sectord Coal Petroleum Natural gas Nuclear geothermal Total Percent
Household and 0.31 6.75 7.51 -- -- 14.6 18.9
commercial (0.29) (6.39) (7.1) (13.8)
Industrial ° 4.44 6.38 11.75 -- -- 22.6 29.3
(4.2) (6.04) (11.1) (21.4)
Transportation 0.01 18.6 0.70 -= -- 19.3 25.0
(0.01) (17.6) (0.66) (18.3)
Electrical 9.15 3.64 3.51 1.24 3.19 20.7 26.8
generation (8.67) (3.45) (3.23) (1.17) (3.02) (19.6)
Total 13.9 35.4 23.5 1.24 3.19 77.2 100.0
(13.2) (33.5) (22.2) (1.17) (3.02) (73.1)
Percent 18.0 45.9 30.4 1.6 4.1 100.0

aExcludes use of electrical energy by household, commercial, industrial,
and transportation sectors

bInc]udes all manufacturing sectors.



jndustrial sector includes the mining, agricultural, and construction

industries.

3.2 INDUSTRIAL BOILERS AND THEIR EMISSIONS

An overview of industrial boiler emissions is presented in this
section. Representative boilers for each major class of boilers are
selected and mass and energy balances are presented. These mass balances
are based on emission factors for each fuel type. Finally. in conjunction
with the mass balances and discussion of boiler types, factors affecting
emissions for each boiler type are discussed.

This section begins with a qualitative discussion of uncontrolled
industrial boiler emissions (Section 3.2.1). Following this overview are
individual subsections dealing with emissions from various types of boilers.
For purposes of this analysis, these subsections are arranged by fuel type
with subsections for coal, oil, and natural gas (3.2.2, 3.2.3, and 3.2.4
respectively).. At the conclusion of each subsection, emission factors (on a
ng/J or 1b/106 Btu heat input basis) are presented. These emission factors
are used to quantify uncontrolled emissions throughout the remainder of this
report.

6 Btu/hr)
thermal imput, and most new boilers will be watertube or firetube types,

Because cast iron boilers are small, less than 2.9 MW (10 x 10

cast iron boilers are not discussed in this section. In addition, fugitive
emissions, which result from processes such as the transfer and storage of
coal and o0il supplies, and the preparation of the coal (grinding and
pulverizing), are not considered.

3.2.1 Uncontrolled Emissions Overview

Emissions from industrial boilers include particulate matter (PM),
sulfur oxides (SOX), nitrogen oxides (NOX), and lesser amounts of carbon
monoxide (CO), hydrocarbons (HC), and trace elements. In the following
subsections, sources of these pollutants are noted, and factors affecting
their emission rates are discussed qualitatively.

3.2.1.1 Particulate Matter (PM) Emissions. Uncontrolled PM emissions

from coal-fired boilers include the ash in the fuel as well as unburned
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carbon resulting from incomplete combustion. Emission factors for PM are
normally expressed as a function of fuel ash content for coal-fired boilers
(see Section 3.2.2). Coal ash may either settie out in the boiler (bottom
ash) or be carried out with the flue gas (fly ash). The distribution of ash
between the bottom and flyash fractions directly affects the PM emissions

rate22 and is a function of the following:

- Boiler firing method -- The type of firing is perhaps the most
important factor in determining ash distribution. For example,
stoker-fired units emit less fly ash than dry bottom, pulverized-
coal-fired boilers.

- Wet or dry bottom furnace -- Furnaces which are designed to
generate a dry bottom ash entrain PM from the bottom ash hopper
into the flue gas stream more easily than do boilers whose bottom
ash is in the molten state.

Boiler load also affects PM emissions from coal-fired boilers. In general,
decreasing load tends to reduce PM emissions, however, the magnitude of the
reduction varies considerably depending on boiler type, fuel, and boiler
operation.

For oil-fired boilers, carbon residue, a measure of the heaviest and
least volatile components in the oi123

influencing PM emissions of size greater than 10 ym. The PM emitted by

» is the most important fuel property

distillate oil-fired boilers is primarily carbonaceous particles resulting
from the partial combustion of the fuel. PM emissions from distillate
oil-fired boilers do not correlate with the ash or sulfur content of the
24
fuel.

distillate oil-fired boilers do not necessarily vary with boiler load in a
25

Unlike the emissions from coal-fired boilers, the PM emissions from

general trend.
Residual oil-fired boiler PM emissions result from ash in the fuel as

well as incomplete combustion of the fuel. Test data reported in AP-42

shows PM emissions from residual oil-fired units vary with the sulfur

26

content of the fuel. Thus emission factors for PM, which are presented

later, are expressed as a function of sulfur content for residual oil-fired
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units. PM emissions from residual oil-fired boilers are influenced by
boiler load and tend to decrease with decreasing load.

The PM emission factors for industrial boilers firing natural gas are
very low because natural gas has little or no ash content and combustion is
more complete than with other fuels.

Soot blowing is another source of PM emissions in coal- and residual
oil-fired boilers. Steam soot blowing is used intermittently in industrial
boilers to dislodge ash from heat transfer surfaces in the boiler furnace,
convection section, and economizer/preheater. On small boilers with single
soot blowers, soot blowing may only take place for a few seconds once a
shift. Large industrial boilers may have numerous soot blowers installed
and operated in a cycle which may approach "continuous" soot blowing. The
incremental PM emissions associated with soot blowing are not reflected in
AP-42 emission factors and boiler owners and equipment vendors disagree as
to whether or how emissions resulting from soot blowing are accounted for in
the design of industrial boiler PM emission control equipment.27 Test data
reported in Chapter 4 show varied impacts of soot blowing on controlled
emissions depending on the type of emission control technique employed. 1In
general, soot blowing appears to have only a small effect on opacity with
opacity increases of less than 5 percentage points.28

3.2.1.2 Sulfur Oxide Emissions. SO2 emissions are generated in

industrial boilers due to oxidation of sulfur contained in fuels. SOX
emissions from industrial boilers are predominantly in the form of 502; SO3
emissions account for only 1 or 2 percent of the total SOX emissions.
Uncontrolled emissions of SO2 depend directly on the sulfur content of the
fuel. The type of firing mechanism does not affect SO2 emissions, but
variations in fuel properties do.29 Therefore, a different emission factor,
that is primarily a function of the amount of sulfur in the fuel, is used
for each fuel type. This factor is essentially constant for all boiler
types firing the same fuel.

The emission factor in AP-42 for coal-fired units assumes that less

than 5 percent of the sulfur in the coal is emitted with the particulate
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matter or retained by the bottom ash. The amount of sulfur retained by the
fly ash and bottom ash appears to be a function of ash composition, related
to the alkalinity of the ash.30 Combustion of highly alkaline Western
subbituminous coals can result in 20 percent of the sulfur in the coal being
emitted with the fly ash or retained in the bottom ash.31 Thus, the 502
emission factor for coal is based on an average of emissions from many coal
types, and variations from this average will occur.

3.2.1.3 Nitrogen Oxide Emissions. Oxides of nitrogen (including NO

and N02) formed in combustion processes are due either to thermal fixation
of atmospheric nitrogen in the combustion air, resulting in formation of
thermal NOX, or to the conversion of chemically bound nitrogen in the fuel,
resulting in formation of fuel NOX. For natural gas and distillate oil
firing, nearly all NOX emissions are thermal NOX. With residual oil and
coal fuels, the contribution from fuel N0x can be significant and even
predominant.32
Experimental measurements of thermal NOX formation have shown that NOX
concentration is exponentially dependent on temperature and also propor-
tional to the N2 concentration, the residence time, and the square root of

02 concentration at the f]ame.33

Thus, the formation of thermal N0X is
affected by four factors: (1) nitrogen concentration, (2) oxygen concentra-
tion, (3) peak temperature, and (4) time of exposure at peak temperature.
The emission trends due to changes in these factors are fairly consistent
for all types of boilers; an increase in flame temperature, oxygen
availability, and/or residence time at high temperatures leads to an
increase in NOX production regardless of the boiler type.

As mentioned previously, fuel NOX is of importance for residual oil and
coal firing. It can account for 50 percent of the total NOX emissions in

34 The percent

residual oil firing and for 80 percent in coal firing.
conversion of fuel nitrogen to NOX, however, varies greatly. Anywhere from
20 to 90 percent of nitrogen in o0il is converted to N0X while theBEercentage
of nitrogen in coal converted to NOX ranges from 5 to 60 percent.
Furthermore, test data indicate that the percent of fuel nitrogen conversion

decreases as the fuel nitrogen content increases. An average conversion of
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46 percent was found for residual oil, and nearly 100 percent for distillate

011.35 For coal-fired units the fuel nitrogen conversion varies depending

on the combustion conditions present with the particular boiler and fuel
(see Section 4.3).
3.2.1.4 Carbon Monoxide Emissions. The rate of CO emissions from

boilers depends on the efficiency of the combustion of the fuel. By
controlling the combustion process carefully, CO emissions can be minimized.
The effects of combustion modifications for purpose of NOx control on
uncontrolled CO and HC emissions are discussed in Section 4.3 of this
document.

3.2.1.5 Hydrocarbon Emissions. The rate of HC emission from boilers

also depends on the combustion efficiency. Hydrocarbon emissions are
minimized by use of proper combustion practices. Fuel type also affects HC
emissions. Liquid and gaseous fuels have better mixing and firing charac-
teristics than solid fuels, accounting in part for the lower hydrocarbon
emissions for o0il and natural gas-fired units than for comparable coal
units.

3.2.1.6 Trace Element Emissions. Trace elements are found in fossil
fuels, especially in coal and residual oil. Smaller concentrations of trace
elements are also found in distillate o0il, but virtually none are found in
natural gas.

Trace elements can be classified according to the way they are emitted
during the combustion process: (1) distributed between bottom ash and fly
ash, (2) concentrated in fly ash, especially the fine particulate in the
flue gas; or (3) as vapors. Trace elements that do not vaporize during fuel
combustion are emitted in about equal concentration in bottom ash and fly
ash particles. Those with lower boiling points, which vaporize during
combustion, become concentrated in fly ash and are carried out by the flue
gas. Some trace elements, such as mercury, are emitted through the stack
into the atmosphere as vapors. Others, such as arsenic, cadmium, copper,
lead, tin, and zinc, condense on fly ash particles and are emitted with them
into the atmosphere.36
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‘The quantity of trace elements actually emitted depends on three
factors:
e combustion temperature,
e fuel analysis and feed mechanism, and
e characteristics of the flue gas.

The fuel analysis determines the quantity of trace elements present.
The combustion temperature determines the degree of volatilization for
specific trace elements, and the fuel feed mechanism influences the
partitioning of non-combustible substances between bottom ash and fly ash.
The temperature of the flue gas affects the relative amounts of volatile
trace elements which are emitted condensed on fly ash particles compared to
being emitted as vapors.
3.2.2 Coal-fired Boilers

The different types of coal-fired boilers are described in this section

and uncontrolled emission factors for each boiler type are discussed. Mass
and energy balances are presented for representative boilers. The mass and
energy balances were developed from the combustion and flue gas information

37 The combustion information considered

developed by Devitt, et al.
includes fuel rates, excess air percentages, and fuel analysis.

The fuel input rate was computed from the specified heat input rate and
fuel heating value, while the theoretical (no excess air) combustion air
requirement per unit mass of fuel burned was calculated from the fuel
analysis. The actual mass rate of combustion air supplied to the boiler was
then determined from the fuel input rate and a specified excess air
percentage. Pollutant emission rates were computed from the emission
factors, the heat input rate, and the fuel ash and/or sulfur content, as
appropriate. The bottom ash discharge rate was taken to be the difference
between the ash input rate (from the fuel analysis and fuel input rate) and
the fly ash emission rate. The flue gas rate was then calculated by
subtracting all the mass emission and discharge rates from the sum of fuel

and total combustion air mass input rates.
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For all of the coal-fired units, a high sulfur, high-ash coal was used
as the fuel to develop the mass balances. The uitimate analysis of this
coal, along with a representative low-sulfur, low-ash coal, is presented in
Table 3-10.

Similarly, energy balances were calculated using boiler heat input
rates and typical efficiencies provided by Devitt, et a1.37 Boiler energy
losses which include the flue gas losses and boiler radiative and convective
losses were combined and treated as one "loss" term.

A11 coal-fired industrial boilers have common characteristics. Coal
storage and handling are necessary at the boiler site to ensure that an
adequate supply of fuel is on hand and that the fuel is ready for
combustion. For pulverized coal-fired units, this involves crushing and
grinding the coal to the proper consistency, and for stoker units it
involves crushing and screening the coal to acceptable size. Coal-fired
units require ignition with either o0il or gas, and many are designed to fire
0il or natural gas as a backup fuel.

Excess air is necessary for proper combustion, but too much can be
detrimental to the performance of the combustion system. The detrimental
effects of too much combustion air include:

e Reducing combustion temperatures and retarding the combustion
rate;
e Reducing thermal efficiency. thus requiring more fuel for a given
steam output; and
e Increasing gas velocities in the furnace causing transport of fuel
particles out of the furnace before complete combustion.
The effects of too much combustion air on uncontroiled PM emissions are most
significant if it is injected as undergrate air. Increasing undergrate air
directly affects the upward furnace gas velocities and increases fuel and
particle entrainment.

As mentioned earlier, cast iron industrial boiler emissions are not
examined because of the small size and minimal installed capacity of cast
iron units. The emissions from the remaining two types of coal-fired
industrial boilers, watertube and firetube, are discussed in the following
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Table 3-10. ULTIMATE ANALYSIS OF CQAL SELECTED FOR THE
REPRESENTATIVE BOILERS

92-¢

Composition, percent by weight Heating
value,
kd/kg

Fuel Water  Carbon Hydrogen Nitrogen Oxygen  Sulfur Ash (Btu/1b)
High-

sulfur, 8.79 64.80 4.43 1.30 6.56 3.54 10.58 27,447
high- (11,800)
ash

coal

it ow-

sulfur, 20.80 57.60 3.20 1.20 11.20 0.60 5.40 22,330
low- (9,600)
ash

coal




subsections. Following these two subsections, emission factors for coal-
fired boilers are presented.

3.2.2.1 Watertube Boilers. A watertube boiler is one in which the hot
combustion gases contact the outside of the heat transfer tubes, while the

boiler water and steam are contained within the tubes. The tubes are
interconnected to common water channels and to a steam outlet or outlets.

Watertube boilers can generate high-pressure, high-temperature steam,
up to 12,000 kPa (1740 psi) and 810 K (1000°F). and are available in many
sizes (see Table 3-4). The tubes are of relatively small diameter, 5 cm
(2.0 inch), providing rapid heat transfer, good response to steam demands,
and high efficiency.39

There are two main types of coal-fired watertube boilers: pulverized
coal and stoker-fired. Industrial size pulverized coal units range from
29.3 MW to over 200 MW (100 to 700 x 10° Btu/hr) heat input,>?
coal in suspension. A stoker is a conveying system that serves both to feed

and burn the

the coal into the furnace and to provide a grate upon which the coal is
burned. Since feed rates by stoker units are limited, stokers are generally
used on units rated at less than 117 MW (400 x 106 Btu/hr) heat input.14
The three maig types of stoker furnaces are spreader, overfeed or chain-
grate, and underfeed.

Pulverized Coal-Fired

In pulverized coal-fired boilers the fuel is pulverized to the
consistency of light powder and pneumatically injected through the burners
into the furnace. Combustion begins at the burners and continues into the
furnace volume. Wet-bottom furnaces are designed to operate at high
temperatures and therefore keep the ash in the molten state until it
collects in the bottom ash hopper. Dry-bottom furnaces, on the other hand,
operate at lower combustion temperatures; consequently, the bottom ash
remains in the solid state. Wet-bottom units are not expected to be
manufactured and sold in the future.40 Figure 3-3 illustrates a typical
58.6 MW (200 x 106 Btu/hr) heat input, dry-bottom pulverized coal unit with
the corresponding mass and energy balances. Thirty percent excess air and a
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boiler efficiency of 82.1 percent were used to compute the mass and energy
ba]ances.42

Spreader Stoker

The spreader stoker combines suspension burning and a thin, fast-

burning fuel bed on a grate. The modern spreader stoker, as shown in
Figure 3-4, consists of feeder units (arranged to distribute fuel over the
grate area), a grate (which may be stationary or moving), forced-draft
systems for both undergrate and overgrate air, and combustion controls to
coordinate air and fuel supply.

Some spreader stokers use a fly ash reinjection system, where the fly
ash removed in a downstream control device is reinjected into the boiler.
This technique tends to increase carbon utilization and boiler efficiency
(up to 2-3 percent).43 However, it also increases corrosion and slagging in
the boiler and increases uncontrolled PM emissions. Fly ash reinjection was
quite popular 10 years ago, but recent boiler designs have increased carbon
utilization to the point where the advantages no longer outweigh the
disadvantages in new units.40

Traveling-grate spreader stokers are generally installed with one large
plenum or air chamber under the entire grate surface. Overfire air systems
are useful in promoting good combustion and reducing the formation of smoke,
especially for lower loading rates. The spreader stoker boiler shown in
Figure 3-4 has a capacity of 44 MW (150 x 106 Btu/hr) heat input. The mass
and energy balance is based on an overall boiler thermal efficiency of
81 percent and 50 percent excess air, including 5 percent overfire air.44

Overfeed (Chaingrate) Stoker

Overfeed stokers are generally equipped with chain or moving grates.

In addition, they have refractory arches or overfire air jets to improve
combustion. This type of stoker is now usually designed for forced draft
operation; natural draft designs are gradually becoming obsolete. Chain-
grate stokers are generally less than 73.3 MW (250 x 106 Btu/hr) heat
input.14

As shown in Figure 3-5, coal is fed from a hopper onto a moving grate
and enters the furnace after passing under an adjustable grate that
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regulates the thickness of the fuel bed. Combustion is completed by the
time the coal reaches the far end of the grate, and the remaining ash is
discharged into the ashpit.

Figure 3-5 shows a mass and energy balance for a typical 22 MW
(75 x 106 Btu/hr) heat input chaingrate stoker. The calculations are based
on 80 percent efficiency and 50 percent excess air, with overfire air
accounting for 5 percent of the total combustion air.46

Underfeed Stoker

Various types of underfeed stokers are used in industrial boiler

applications. They vary depending on whether the coal is fed horizontally
or by gravity, whether the ash is discharged from the end or the sides, and
how many retorts, or channels through which the coal is fed, are contained
in the boilers. Underfeed stokers can burn a wide range of coals, including
caking coals and anthracite.

In the side-discharge, horizontal underfeed stoker shown in Figure 3-6,
coal is fed intermittently to the fuel bed by a ram. In very small units,
the coal is fed continuously by a screw. The coal moves in a retort, and
air is supplied through tuyeres on each side and through openings in the
side grates. Single or double retort units are generally less than 73 MW
(250 x 106 Btu/hr) heat input.

Overfire air is commonly used with underfeed stokers to provide some
combustion air and turbulence in the flame zone directly above the active
fuel bed. The air is provided by a separate overfire-air fan and is
injected through small nozzles in the furnace walls.

An efficiency of 78 percent, a heat input of 8.8 MW (30 x 10~ Btu/hr),

and 50 percent excess air was used for the material and energy balances on
49

6

this boiler. Overfire air accounted for 5 percent of the total combustion
air.

3.2.2.2 Firetube Boilers. In firetube boilers, the products of

rombustion flow through tubes that are surrounded by water. These units
range in size from 0.1 to 5.9 MW (3.0 to 20 x 106 Btu/hr) thermal input and
are used primarily for heating systems, to produce industrial process steam,
and as portable power boﬂers.6
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Firetube boilers are generally used where steam/hot water demand can be
maintained relatively constant because they are susceptible to structural
failure when subjected to large variations in steam demand.50 Over
90 percent of the installed capacity of firetube boilers is o0il- or
gas-fired.S]

Six different types of firetube boiler configurations are commonly
used. They include horizontal return tubular (HRT), Scotch marine,
vertical, locomotive, short firebox, and compact boilers. The three
configurations used most are the HRT, Scotch marine, and vertical units,
while the most common firing mechanism is the underfeed stoker.

The feed and burner types differ between coal-fired and oil-fired units
for each of the boilers. Scotch marine and HRT boilers are fired by all
types of fossil fuel, but firing with coal requires increased maintenance to
overcome scaling and s]agging.52 Since the majority of firetube boilers
burn o0il or gas, this type of boiler will be discussed further in
Section 3.2.3 on oil-fired boiler emissions.

3.2.2.3 Emission factors for coal-fired boilers. Table 3-11 presents

emission factors for the various types of pulverized and stoker coal-fired
watertube industrial boilers discussed previously. These factors were taken
from the U.S. EPA's compilation of Air Pollution Emission Factors (AP-42),26
except for the N0X emissions from underfeed and overfeed stokers which came
from Reference 53, and the trace element emission factors, which were taken
from Reference 54. The factors in Table 3-11 will be used throughout this
study to represent uncontrolled emissions from industrial watertube boilers.

AP-42 1ists no emission factors for coal-fired firetube boilers.
Statistically reliable data on emissions from firetube boilers are not
available, as only limited testing has been performed. The factors
presented in Table 3-12 are based on two tests on a 3.2 MW (11 x 106 Btu/hr)
heat input, underfeed stoker of unspecified tube configuration. These small
units have higher CO emissions than watertube boilers but approximately the
same N0x and particulate emissions as underfeed watertube stokers.

As noted earlier, uncontrolled PM emissions from coal-fired boilers

depend primarily on fuel ash content, firing mechanism, and boiler Tload.
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TABLE 3-11. UNCONTROLLED EMISSION FACTORS FOR COAL-FIRED
WATERTUBE INDUSTRIAL BOILERS
[ng/d (1b/106 Btu)]

Underfeed Stokers Chaingrate Stokers Spreader Stokers Pulverized Coal
2.93 - 2963 MW 2.93 - 2953 MW 2.93 - 7353 MW 29.3 N
Pollutant (10-100 x 10° Btu/hr) (10-100 x 10° Btu/hr) (10-250 x 10° Btu/hr) ( 100 x 10° Btu/hr)
Particulate Matter (PM)P 91.2 A 91.2 A 237 4 292 A
(0.212 A) (0.212 A) (0.551 A) (0.678 A)
Sul fur Dioxide (502)c 693 S 693 S 693 S 693 S
(1.61 S) (1.61 S) (1.61.5) (1.61 S)
Nitrogen Oxides (NOx) 150 140 274 274
(0.349) (0.326) (0.636) (0.763)
Carbon Monoxide (CO) 182 182 36.5 18.2
(0.424) (0.424) (0.0848) (0.0424)
Hydrocarbons (HC) 54.6 54.6 18.2 5.46
(0.127) (0.127) (0.0424) (0.0127)
Arsenic 3.4 3.4 3.4 3.4
(0.0079) (0.0079)- {0.,0079) (0.0079)
Lead 3.7 3.7 3.7 3.7
(0.0086) (0.0086) (0.0086) (0.0086)
Cadmium 0.20 0.20 0.20 0.20
(0.00046) (0.00046) (0.00046) (0.00046)

3Sources - Reference 26 for PM, SO, NO_, CO, and IIC except, Reference 62 for NOx from underfeed and
chaingrate stokers, and Reference®78 f8r arsenic, lead, and cadmium.

Reference 26 expresses emissions on a 1b/ton fuel burned basis. A conversion factor of 27,477 kj/kg
(11,800 Btu/1b) was used to convert factors to a heat input basis. Emission factors should be
adjusted for fuels with heating values different from this value.

2

bA fs the weight percent ash in coal.

c$ is the weight percent sulfur in the coal.
dFlyash reinjection increases PM emissions by 1.54.



TABLE 3-12. UNCONTROLLED EMISSION FACTORS FOR COAL-FIRED54
UNDERFEED STOKER FIRETUBE INDUSTRIAL BOILERS

Emission fagtors,

Pollutant ng/J (1b/10° Btu)
Particulates® 50A (0.12A)
sulfur oxides® 6925 (1.61S)
Nitrogen oxides 177 (0.41)
Carbon monoxide 261 (0.61)
Hydrocarbons o

8\ is the ash content of the fuel in weight percentage.
this emission factor is based on a coal with a heat
content of 27,447 kd/kg. It must be adjusted for coals
with different heat content.

S is the sulfur content of the fuel in weight percentage.
®No factor available.

b
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Stokers generally have lower PM emissions than pulverized coal-fired units
because the coal is burned on a bed, which leads to less entrainment of PM
than suspension burning. PM emission rates for spreader stokers are higher
than they are for the other two stoker types because partial burning of the
fuel in spreader stokers occurs while it is still in suspension. The type
of coal being fired has a uniform effect on PM emissions for all types of
coal-fired boilers. Firing coals with higher ash content results in higher
PM emissions. Ash fusion temperature also has an indirect effect on PM
emissions. Coals with high ash fusion temperatures are generally fired in
dry-bottom units and emit higher levels of PM.

PM emissions from coal-fired industrial boilers also depend on the
boiler 1oad. Limited test data indicate that mass emissions of PM on a heat
input basis tend to decrease with decreasing 1oad.55 The data are scattered
and the rate of change of PM emissions varies from one boiler to another so
that a general correlation is not possible. However, for each boiler firing
type the general trend of decreasing PM emissions with decreasing load
exists.

The variation of particle size as a function of boiler type is shown in
Table 3-13. As can be seen, spreader and chaingrate stokers emit coarser
particles (mass median diameters of 59 to 88 um) than do underfeed stokers
and pulverized coal-fired units (mass median diameter of about 17 um).

Sulfur oxide emissions, as mentioned earlier, are directly proportional
to the sulfur content of the fuel. Emission factors from AP-4226 which are
used in this study neglect differences in emissions due to differences in
ash partitioning and sodium content in the fuel. As noted earlier, they
assume that about 95 percent of the fuel sulfur is emitted as gaseous 502
and SO3, with the remaining 5 percent adsorbed on the fly ash or bottom ash.
Individual fuel characteristics will result in deviations from these values.

According to Table 3-11, nitrogen oxides emission rates are lowest for
chaingrate and underfeed stokers, at 140 and 150 ng/J (0.33 and
0.35 1b/106 Btu), respectively. Both spreader stokers and pulverized units
emit almost twice as much NOx as chaingrate stokers. Underfeed and
chaingrate stokers have very large fireboxes and consequently lower
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TABLE 3-13.

PARTICLE SIZE DATA FOR PARTICULATE EMISSIONS FROM
TYPICAL UNCONTROLLED COAL-FIRED INDUSTRIAL BOILERS

Firing method

Particle mass median

diameter,
um

Pulverized
Spreader stoker
Chaingrate stoker

Underfeed stoker

17
59
88
16
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volumetric and surface heat release rates. The lTower heat release rates
reduce peak temperatures and, hence, contribute to lower NOX emissions.59
In addition, the partial staged combustion that naturally occurs in all
stokers due to combustion on fuel beds contributes to reduced NO_ emissions
relative to pulverized coal-fired um‘ts.60 "

Figure 3-7 shows how excess oxygen levels affect NOx emissions for the
various coal-fired boiler types discussed. More information on this subject
is presented in Section 4.3.7 of this report. For the typical pulverized
coal-fired unit discussed earlier, the 30 percent excess air being fired
translates to approximately 5 percent excess oxygen on the figure.
Similarly, for the three types of stokers, all with 50 percent excess air,
this translates to approximately 7 percent excess oxygen. Thus, as can be
seen in Figure 3-7, an increase in excess oxygen from 5 to 6 percent for
pulverized coal-fired units leads to roughly a 20 ng/J increase in NOX
emissions, while an increase in excess oxygen from 7 to 8 percent for the
stokers leads to roughly a 25 ng/J increase in NOx emissions.

Reducing boiler load tends to decrease combustion intensity which in
turn tends to decrease NOx emissions. However, load reduction is typically
accompanied by an increase in excess oxygen which may offset the decrease in
NOx emissions.

Carbon monoxide and hydrocarbon emissions are dependent on combustion
efficiency. Generally their emission rate, defined as mass emissions per
unit of energy input in ng/J, decreases with increasing boiler size. For
example, HC emission rates are lowest for the pulverized coal units at
5 ng/J (0.01 1b/106 Btu); they are over three times higher for spreader
stokers, and 10 times higher for underfeed and overfeed stokers as a result
of increasingly less efficient combustion.

3.2.3 0il-Fired Boilers
The different types of oil-fired boilers are discussed in this section

and uncontrolled emission factors for each boiler type are discussed. Mass
and energy balances are presented for representative boilers. The mass and
energy balances were developed for the oil-fired boilers in the same manner
as described in Section 3.2.2 for the coal-fired boilers. Representative
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residual and distillate oil fuels were chosen to perform the mass balance.
The ultimate analyses of these fuels are summarized in Table 3-14.

0i1 storage and preparation is necessary at the boiler site to ensure
that an adequate supply of fuel is on hand and ready for combustion. For
distillate oil this may not require more than providing storage, but for
residual oil the fuel is usually heated to keep the viscosity low enough for
pumping and proper atomization. O0il-fired units are usually ignited with
the primary fuel being fired, but may use natural gas for ignition.

0il-fired industrial boilers can be classified into two main cate-
gories; watertube and firetube. Each of these boiler types is discussed in
the following subsections. Following these subsections a separate
subsection on emission factors is presented.

3.2.3.1 MWatertube Boilers. Since the general characteristics of
watertube boilers are discussed in Section 3.2.2.1, only the specifics of
o¥1-fired units are discussed in this subsection. Oil-fired watertube
boilers are generally less than 73.3 MW (250 x 10° Btu/hr) heat input.
These boilers are subclassified according to the configuration of the heat

transfer tubes. Straight watertube boilers are no longer manufactured,
having been completely supplemented by firetube boilers in the smaller sizes
and bent watertube boilers in the larger sizes. However, a large number of
straight tube boilers are still in operation. Both types of boilers may
fire either residual or distillate oil and may be further classified
according to how the fuel is atomized (steam, air, or mechanical).

Figure 3-8 illustrates a typical bent tube, oil-fired watertube boiler
and gives the corresponding mass and energy balance. Mass and energy
balances are shown for a 44 MW (150 x 106 Btu/hr) heat input residual
oil-fired unit, operating at 85 percent efficiency and 15 percent excess
air. Such a unit would typically include an economizer, which preheats the
feedwater, and an air preheater, which heats the combustion air.

3.2.3.2 Firetube Boilers. O0Qil-fired firetube boilers are

subclassified in the same manner as coal-fired firetube boilers. These six
subclassifications are horizontal return tubular (HRT), Scotch marine,
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TABLE 3-14. ULTIMATE ANALYSES OF RESIDUAL AND DISTILLATE 0IL
SELECTED FOR REPRESENTATIVE BOILERS38

ev-€

Composition Heating

percent by weight value,

kd/kg
Fuel Water Carbon Hydrogen Nitrogen Oxygen Sulfur Ash (Btu/1b)
Residual 0.08 86.62 10.20 0.3 Trace 3.00 0.10 43,043
0il (18,500)
Distillate 0.05 87.17 12.28 0.05 Trace 0.50 Trace 45,346
0il (19,500)
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vertical, lTocomotive, short firebox, and compact boilers. The HRT, Scotch
marine, and vertical units are discussed below.

Horizontal Return Tubular

In a HRT boiler the firetubes are horizontal. The fuel firing
mechanism is at one end, and the products of combustion are recirculated or
"returned" to make two, three, or four passes through the tubes within a
water medium. The boiler is encased with brick, and the furnace is set on
rollers or suspended on hangers to allow for expansion and contraction.

Scotch Marine

Scotch marine boilers consist of a water-cooled furnace and firetubes.
The boiler and the furnace are housed in one continuous containment shell;
fuel is burned in the lTower half of the unit. The combustion gases first
pass through the furnace tube, heating the bottom of the water basin, and
then pass through the firetubes, heating the water in the basin. Scotch
marine boilers are available as two-, three-, or four-pass units.

Scotch marine boilers are complete, compact, portable, packaged units.
Figure 3-9 shows a mass and energy balance for a typical distillate
oil-fired Scotch marine firetube boiler. The calculations are based on a
4.4 MW (15 x 106 Btu/hr) heat input unit, operating at 15 percent excess air
(equivalent to 3 percent excess oxygen) and 80 percent efficiency.63

Vertical

Vertical boilers are single-pass units with firetubes arranged
vertically up from the water-cooled furnace and may be either exposed-tube
or submerged-tube type. These complete furnace and boiler units are small
and portable, requiring less space than comparable HRT or Scotch marine
boilers.

Only the fuel feed mechanism and burners differ between the oil-fired
and the coal-fired types for each of these boilers. O0il-fired burners for
firetube boilers employ the same atomization techniques as for watertube
units. Likewise, the same general effects on emission factors are noted for
both boiler types. Firetube boilers may fire either residual or distillate
fuel oils.
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3.2.3.3 Emission factors for oil-fired boilers. The emission factors
for oil-fired boilers are summarized in Table 3-15. These factors are

typical of firetube as well as watertube oil-fired boilers in the given size
ranges.

As noted earlier, particulate emissions from residual oil-fired boilers
are expressed as a function of the sulfur content of the fuel. Assuming a
fuel sulfur content of 3 percent (see Table 3-14), particulate emissions
from residual oil-fired units are greater by roughly a factor of 15 than for
distillate oil-fired boilers. This is due, in part, to the Tower carbon
residue content of distillate oil.

Figure 3-10 shows particulate emissions as a function of fuel o0il
carbon residue and illustrates the range of values that have been measured.
As can be seen from Figure 3-10, industrial boilers firing oil containing
lTittle or no carbon residue emit from 5 to 20 ng/J of particulate matter.

The type of atomization has been shown to affect the amount of
particulate matter emitted. One study on residual oil-fired units has shown
that a mechanically atomized unit produces 20 times the particulate matter
that a comparable air-atomized unit does (9.9 ng/J to 186.2 ng/J), and that
steam atomization produces roughly three times as much particulate matter as
air atomization (25.2 ng/J to 9.0 ng/J).69 The same study indicates that
mechanical atomization is the most common method of atomization, thus
accounting for the fact that the emission factor in Table 3-15, which
represents the current mix of installed atomization techniques, is
96.0 ng/J, a factor close to the high end of the range. This is based on a
fuel sulfur content of 3 percent.

As noted in Table 3-15, NOx emissions from oil-fired boilers are
subject to a wide variety of influences which can interact to affect
emission rates. In general, boilers firing residual oil emit more NOx than
equivalent boilers firing distillate oil. Furthermore, the range of N0x
emissions is wider for boilers firing residual o0il. Both these trends are
accounted for by the larger amount and higher variability of fuel nitrogen
in residual oil.
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TABLE 3-15.

UNCONTROLLED EMISSIONS FACTORS FOR

OIL-FIRED INDUSTRIAL BOILERS d

[ng/J (1b/106 Btu)]

Fuel Type
Pollutant Residual Distillate
Particulate Matter (PM)P 29.1 S + 8.72 6.30
(0.0675 S + 0.0203) (0.0146)
Sulfur Dioxide (soz)b 456 S 447 S
(1.06 S) (1.04 s)
Nitrogen Oxides (NOx) a a
Carbon Monoxide (CO) 14.5 15.8
(0.0338) (0.0366)
Hydrocarbons (HC) 2.90 3.15
(0.00675) (0.00732)
Lead (Pb)¢ 0.065 No data
(0.00015)

4N0, emissions are strongly dependent on boiler
1e6e1, amount of air preheat, and excess air.
following ranges:

Residual

type, fuel nitrogen
Reference 66 gives the

1 to
(0.257 to
Watertube 87.5 to

(w/o air preheat)(0.203 to
Watertube 66.8 to

(w/air preheat) (0.155 to

170 ng/J 6
0.395 1b/10
362 ng/J 6
0.841 1b/10
188 ng/Jd 6
0.437 1b/10

107 ng/J

0.249 1b/10
59.5 ng/J 6
0.138 1b/10" Btu)

- Firetube
Btu)

Btu)
Btu)

Distillate - Firetube 96.5 to
(w/air preheat) (0.224 to
Watertube 44,7 to
(w/o air preheat)(0.104 to
Watertube 69.0 to 102 ng/Jd 6
(w/afr preheat) (0.160 to 0.237 1b/10° Btu)

S is the sulfur content of the fuel in weight percent. The emission
factor for residual oil represents the current mix of installed atomization
techniques.

CBased on one test only (Reference 67).

dSources - Reference 68 for PM, 502, CO, & HC
Reference 66 for NOx.
Reference 67 for Pb’

Reference 68 expresses emissions on a 1b/1000 gal. fuel burned basis.
Conversion factors of 43,043 kd/kg (18,500 Btu/1b) and 45,345 kJ/kg
(19,500 Btu/1b) were used to convert factors to a heat input basis for
residual and distillate oil respectively. Densities of 0.96 kg/2

(8.0 1b/gal) and 0.84 kg/¢ (7.0 1b/gal) were also used.

6 Btu)

b
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Air-to-fuel ratios (typically expressed in terms of excess oxygen) tend
to affect NOx emissions from residual oil-fired units more than distillate
oil-fired units, as shown in Figure 3-11. 1In all cases, increased excess
oxygen leads to higher NOx emissions. However, the rate of increase with
increased oxygen levels is larger for the heavier, residual oils. Section
4.3.7 discusses the variation in NOx emissions with respect to excess air
levels in more detail.

The effect of load variation on NOx emissions is similar to the effect
on coal-fired boilers. Available data indicate both increases and decreases
in NOx emissions at reduced loads depending on whether or not excess air is
held constant during load reduction.70
3.2.4 Natural Gas-Fired Boilers

Natural gas-fired industrial boilers are classified in two main

categories, watertube and firetube. A mass and energy balance, developed in
the same manner as for the coal- and oil-fired boilers is given for a
representative natural gas-fired industrial boiler. The ultimate analysis
of natural gas selected to perform the mass balance is presented in
Table 3-16. Uncontrolled emission factors for these boilers are presented at
the conclusion of this section,

3.2.4.1 MWatertube Boilers. Units firing natural gas alone are
generally similar in design, but physically smaller, to those units firing
only oil for the same output. These units are generally smaller than
73.3 MW (250 x 10° Btu/hr) heat input.’}

3.2.4.2 Firetube Boilers. Natural gas-fired firetube boilers are
similar to oil-fired firetube boilers except for the burner. As with
watertube boilers, natural gas does not have to be atomized to be fired in
the firetube units, and only occasionally is a spray gun mechanism designed

for a natural gas burner. These units are generally designed for less than
7.3 MW (25 x 10° Btu/hr) heat input.72

Figure 3-9, introduced earlier, shows a firetube boiler that can be
fired with oil or natural gas, and a mass and energy balance for oil firing.
Table 3-17 presents a comparable mass and energy balance for the same unit
firing gas. These calculations are based on a boiler with a heat input of

3-49



PS 300 (MIGH NITROGEN
NO. § OIL)
300 b
(0.70)
Il
=
0
=
2 NO. 6 OIL
-
.
=4
g NO. S
= 200 |- 0IL
S (0.47)
S
b4
(=]
=
100 -
(0.23) A — L ’ NO. 2]
A +~ e 0IL
K ~ =
T
y’ 1 __J
\ |1 d ___L_____ —
-
r
| ] | ] | | ) I I B | 11
0o 1 2 3 4 5 6 7 8 9 10 11 12

EXCESS OXYGEN, percent

Figure 3-11. Effect of excess oxygen on NOX emissjons from
distillate and residual oil-fired boilers.

3-50



16-¢

TABLE 3-16. ULTIMATE ANALYSIS OF NATURAL GAS SELECTED FOR THE REPRESENTATIVE BOILER38

Composition Heating

percent by weight value,

kd/kg
Fuel Water Carbon Hydrogen Nitrogen Oxygen Sulfur Ash (Btu/1b)
Natural 1 0.02 69.26 22.67 8.05 Trace Trace 0 50,707
gas (21,800)




TABLE 3-17. MASS AND ENERGY BALANCE FOR A NATURAL GAS-FIRED
FIRETUBE BOILERA

ENERGY BALANCE
In
Fuel input: 4.4 MW (15 x 106 Btu/hr)
Out
Steam output: 3.5 MW (12 x 106 Btu/hr)
Convective,
radiative,

and stack losses: 0.9 MW (3 x 106 Btu/hr)

MASS BALANCE

In
Fuel in: 312 ka/hr (688 1b/hr)
Combustion air: 5741 kg/hr (12660 1b/hr)
Out
Stack Components: Flyash: 0.07 kg/hr (0.15 1b/hr)

0.005 kg/hr (0.01 1b/hr)
0.80 kg/hr (1.8 1b/hr)
0.12 kg/hr (0.28 1b/hr)
0.02 ka/hr (0.05 1b/hr)
Major Components:b 6054 kg/hr (13,350 1b/hr)

dpefer to Figure 3-9 for locations of each mass and energy flow.
Major components are 002, 02, N2’ HZO'
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4.4 MW (15 x 10°

efficiency.73

3.2.4.3. Emission Factors for Natural Gas-Fired Boilers. Typical
emission factors for natural gas-fired industrial boilers (watertube and
firetube) are summarized on Table 3-18. As noted in the table, NOx
emissions show wide variability depending on a variety of factors. In the
case of natural gas-fired boilers, the major factors are those associated
with the formation of thermal NOX, since fuel NOx is usually negligible in
natural gas (the nitrogen percentage shown in Table 3-16 is free nitrogen
and does not contribute to fuel NOx emissions). As explained earlier, peak

flame temperatures and excess air are the major influences on thermal NOx

Btu/hr), 15 percent excess air, and an 80 percent

formation. Since air preheaters increase peak flame temperatures, use of
this device may increase NOx emissions up to twofold (see Table 3-18) for
watertube boilers. Another influence on flame temperatures is boiler size.
Larger boilers tend to operate at higher flame temperatures than smaller
ones, increasing NOx emissions.76 The type of boiler (watertube or fire-
tube) does not appear to have a large effect on NOx emissions provided other
factors are held constant. The limited data available indicate no
difference between NOx emissions of firetube boi1ers7gnd those of small
single burner watertube boilers without air preheat.

Excess aijr variations affect NOx emissions for natural gas-fired
industrial boilers as shown in Figure 3-12. Typical natural gas-fired
boilers operate at 15 percent excess air or 3 percent oxygen. The effect of
excess air on watertube boilers with air preheaters is most significant,
with roughly a 20 percent increase in NOx emissions per 1 percent increase
in excess oxygen. Load variations appear to affect NOx emissions from
gas-fired boilers more uniformly than they affect emissions from coal- or
oil-fired boilérs. Reduction in NOx emissions occurs with load reduction
for natural gas-fired boilers, with the most significant effect being on
boilers with air preheat.

SOx emissions from natural gas-fired boilers are very low due to the
fact that natural gas generally contains less than 0.1 percent sulfur.
Sulfur-containing mercaptan, however, is added to natural gas for detection
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TABLE 3-18. UNCONTROLLED EMISSION FACTORS FOR NATURAL GéS-FIRED
WATERTUBE AND FIRETUBE INDUSTRIAL BOILERS?®

[ng/Jd (1b/106 Btu)]

Pollutant Emission Factor
Particulate matter (PM) 2.05 - 6.58
(0.00508 - 0.0153)
Sulfur dioxide (soz)c 0.262
(0.000610)
Nitrogen oxides (NOX) b
Carbon monoxide (CO) 7.44
(0.0173)
Hydrocarbons (HC) 1.31
(0.00305)

dReference 74 used for all factors except NO . Units converted using aq
heating va]ue3of 50707 kJ/kg (21,800 Btu/lbf and density of 0.722 kg/m
(0.0451 1b/ftY).

bNO emissions strongly dependent on boiler type, air preheat and
exfess air levels. Reference 75 gives the following ranges:

Firetube _ 28.6 - 55.1 ng/J (0.066 - 0.128 1b/10® Btu)
Watertube w/o 6

air preheater - 30.1 - 97.9 ng/J (0.070 - 0.228 1b/10” Btu)
Watertube w/ 6

air preheat - 49,0 - 190.1 ng/J (0.114 - 0.444 1b/10" Btu)

CAssumes pipeline quality natural gas.
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Figure 3-12. Effect of excess oxygen on NOx enissions from
natural gas-fired boilers. f
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purposes, leading to small amounts of SOx emissions along with the fuel
sulfur available.

3.3 EMISSIONS UNDER CURRENT REGULATIONS

As previously discussed (Section 3.2), industrial boilers emit a number
of pollutants, including sulfur oxides (SOX), nitrogen oxides (NOX),
particulate matter (PM), and lesser amounts of carbon monoxide (CO),
hydrocarbons, and trace elements. Of these pollutants, however, only NOX,
SOX, and PM are directly subject to emission limitations under existing
State or Federal regulations. This section discusses existing regulations
(both State and Federal) to which industrial boilers are subject.
3.3.1 Existing Regulations

3.3.1.1 Subpart D Emission Limits. New fossil fuel-fired industrial
boilers with capacities greater than 73.3 MW (250 x 106 Btu/hr) are subject
to 40 CFR 60, Subpart D which 1imits NOX, SOX, and PM emissions. Most states

have been delegated the authority to administer New Source Performance

Standards (NSPS) and therefore have incorporated the provisions of Subpart D
as part of their State implementation plan (SIP) for new units with
capacities greater than 73.3 MW.

The currently applicable NSPS mass emission 1imits are presented in
Table 3-19. Subpart D for fossil fuel-fired steam generators excludes
facilities using lignite coals from the NOx standard.

Subpart D also specifies an opacity limit for all boilers subject to
its provisions. The opacity standard 1imits visible emissions to 20 percent
opacity except for one six-minute average per hour which may be up to
27 percent.

3.3.2 State Emission Limits
New boilers with capacities less than 73 MW are subject to State

emission T1imits for NOX, SOx and PM. Particulate emissions are typically
1imited by both an opacity or visible emission 1imit and a mass emission
1imit. There is limited State regulation of NOX- Only I11inois has a Timit
for CO emissions (no greater than 200 ppm at 50 percent excess air).
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TABLE 3-19. SUBPART D EMISSION LIMITS FOR FOSSIL
FUEL-FIRED STEAM GENERATORS

[>73.3 MW (250 x 10° Btu/hr)]

a

PM S0, NO,

Fuel ng/d (1b/10% Btu) ng/Jd (1b/10° Btu) ng/d (1b/10° Btu)
Coal 43 (0.10) 520 (1.2) 300 (0.70)
Fuel 0i1 43 (0.10) 340 (0.80) 130 (0.30)
Natural gas 43 (0.10) 86 (0.20)

qExcluding Tignite.
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SIPs reflect local conditions and needs. As a result, industrial
boiler emission 1imits vary considerably from state to state. In addition,
State emission 1imits usually reflect the fuel mix in a particular state.
States that depend on natural gas or fuel oils for their energy needs
typically have more stringent PM and SO2 emission Timits than coal burning
states. Mid-western states, with large reserves of high-sulfur, high ash
coal, tend to have relatively lenient PM and SO2 emission limits.

The type of PM regulation used by the majority of states is a sliding
scale emission 1imit across a capacity range, which becomes more stringent
as the capacity of the units increases. In states with this type of PM
emission limit, the variable emission 1imit usually begins above the 2.9 MW
(10 x 10° Btu/hr) capacity. For units with capacities of less than 2.9 MW
(10 x 106 Btu/hr), the PM emission 1imit is, in most cases, 258 ng/J
(0.60 1b/106 Btu). The emission limit then becomes progressively more
stringent to 73.3 MW (250 x 106
Subpart D requirements generally are more stringent than the SIP 1imits for

Btu/hr) capacity, at which point the

new boilers. Therefore, for units with capacities above 73.3 MW
(250 x 106 Btu/hr), the PM emission limit is 43 ng/J (0.1 1b/106 Btu). A
summary of the SIP particulate emission limits is presented in Table 3-20.
Unlike SIP PM emission limits, SO2 Timits do vary with the type of fuel
fired. There is usually a 1imit for coal-fired boilers and a separate limit
for 0i1- or gas-fired boilers. Within each fuel category, there is usually
a single SO2 emission 1imit that applies across the capacity range and is
based on either SO2 mass emission limits or fuel sulfur content. Tables
3-21 and 3-22 1ist the allowable SIP SO2 emissions for new and existing
coal-fired boilers and for oil and natural gas-fired boilers, respectively.
NOX emissions from new boilers with capacities above 73.3 MW (250 x
106 Btu/hr), as already mentioned, are subject to Subpart D. EPA has
delegated authority for implementation of this standard to most states, and
it is now part of each SIP. Few states have any limitation on NOx emissions
from new boilers smaller than those subject to Subpart D. Table 3-23
summarizes the data for states with NOX emission limits different from

Subpart D.
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Table 3-20. STATE PARTICULATE REGULATIONS (1b/10° Btu)”’

State Existing New

Alabama £ = 3.2008°%-389 (c1ass 1), £ =130 (crass 1),
€ = 3.1000 %599 (crass 2) E = 3.100479-589 (c1ass 2)

Alaska 0.1 gr/scf 0.1 gr/scf

Arizona £ = 1.02470-769 E = 1.02170-769

Arkansas Ambient concentrations may Ambient concentrations
not exceed 75 pg/m® above may not exceed 75 pg/m®
background above background

California 10 1b/hr or 0.1 gr/scf generally; 10 1b/hr or 0.1 gr/scf generally;
however, each county has however, each county has
separate regulations separate regulations

Colorado € =0.5479-26 £ =0.540-26

Connecticut 0.2 0.1

Delaware 0.3 0.3

District of Columbia £ = 0.174551"90- 23522 £ = 01745540+ 23522

Florida

Georgia
Hawaii
Idaho
INM1inois
Indiana
Towa

Kansas

Best available technology
or 0.1 1b/10° Dtu

£ = 1.1 0-202
None for coal and oil

logk = -0.23 logH - 2.0111
-0.715

E = 5.18H

-0.16

E=0.871

0.8 maximum

£ -0.233

1.026H

Best available technology
or 0.1 1b/10® Btu

£ = 15805

None for coal and oil

logE = -0.23 logh ~ 2.0111

-0.715

E = 5.18H

i

: -0.16

#

0.874

0.6 maximum

£ = 1.02600-233

E

_ emission 1imit (1b/106 Btu); H = heat input (106 Btu/hr)

(continued)
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Table 3-20. (continued)

State Existing New
Louisiana 0.6 0.6
Maine £ = 108470256 £ = 1.08n™0- 256
Haryland Residual oil H<10 0.03 gr/scfd Residual oil <10 0.03 gr/scfd
Residual oil 10<H<50  0.025 gr/scfd Residual oil 10<i<50  0.025 gr/scfd
Residual oil 50<H<200 0,02 gr/scfd Residual oil 50<H<200 0.02 gr/scfd
Residual oil 200>H 0.02 gr/scfd Residual oil 200>H 0.01 gr/scfd
Solid fuel H<200 0.05 gr/scfd Solid fuel HN<200 0.05 gr/scfd
Solid fuel H>200 0.03 gr/scfd Solid fuel H>200 0.03 gr/scfd
Massachusetts 0.15 0.1
Michigan Pulverized coal <100,000 1b steam/hr, Pulverized coal <100,000 1b steam/hr,
3 1b/1,000 b flue gas; 3 16/1,000 1b flue gas;
>100,000 1b steam/hr: >100,000 1b steam/hr:
y= 6.75H-0'176 y= 6.75H-0‘176
y = 1b/%,000 1b flue gas y = 1b/1,000 1b flue gas
Stoker coal Stoker coal
0-100,000 1b steam/br, 0-100,000 1b steam/hr,
0.65 1b/1,000 1b flue gas; 0.65 1b/1,000 1b flue gas;
100,000-300,000 1b steam/hr, 100,000-300,000 1b steam/hr,
0.65-0.45 1b/1,000 1b flue gas 0.65-0.45 1b/1,000 1b flue gas
Minnesota 0.4 0.4
Mississippi E = 0.896n 0 17 E = 0.896 0 174
Missouri logE = -0.23299 logH logE = -0.3382 logH
+2.1454 +2.1454
Montana £ = 0.8650°0- 159 E = 1.026 0-233
Nebraska £ = 1.026170-233 £ = 1.026070-233
Nevada £ = 1.04°0- 2131 £ = 1.02470-2131
(continued)

E = emission limit (1b/10°

Btu); H = heat input (100 Btu/hr)
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Table 3-20. (continued)

State Existing New
New Hampshire E = 0.0651 0159 E = 0, 98570215
New Jersey E = 2,33"'0-593 E= 2.33"-0.598
New Mexico E = 0.96135n70- 23471 E = 0.96135 0-23471
New York £=1.02%2 £ = 1.024°0-219
North Carolina £ = 1.094°0- 259 £ = 109”0 2594
North Dakota £ = 0.8110-131 £ = 0.911470- 131
Ohio a a
Oklahoma £ = 1.00470-259 £ = 1.094 0-259
Oregon 0.2 gr/scf 0.1 gr/scf
Pennsylvania 0.4 for <50 x 10% Btu/hr and 0.4 for <50 x 10% Btu/hr and

£ = 3.6H% 56 for >50 x 108 Btu/hr £ =3.60 056 ror >50 x 108 Btu/nr

Rhode Island 0.2 0.2
South Carolina 0.6 0.6
Tennessee £ = 1.0940- 2549 £ = 2.26n70- 5566
Texas 0.3 0.3
Utah £ = 1.5017 03 E = 1.584 03
Vermont €= 158005 E=1.58403
Virginia € = 0.0425" 0+ 231 E = 0.84254 0- 2314
Washington 0.2 gr/scf 0.1 gr/scf
West Virginia £ = 0.706n"9- 317 £ = 0.7060°0-314
Wisconsin £ = 0.7 16 £ = 0.874 016
Wyoming £ = 0.8961 0~ 17* E = 0.896n 0-174

——

%For coal and residual o0il, the emission limit varies between 0.1 and 0.4 1b/106 Bgu depending on capacity

and boiler location.

For distillate oil and natural gas, the limit is 0.02 1b/10

E = emission 1imit (1b/10% Btu); H = heat input (10° Btu/hr).

Btu.
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Table 3-21. STATE 502 REGULATIONS FOR COAL-FIRED

BOILERS (1b/10° Btu)’’

State Existing New
Alabama 4.0 1.8
Alaska 500 ppm 500 ppm
Arizona 1.0 0.8
Arkansas <0.2 ppm ambient (assuming no <0.2 ppm amblent (assuming no

California

Colorado

Connecticut
Delaware

District of Columbia
Florida

Georgla

Hawall
1daho
111inois

indlana

lowa

Kansas

control)

200 1b/hr, 0.2% by volume,
1,000 ppm, or 0.5X S

<500 ppm
0.55
XS
0.5% S

Latest available control technology
or 6.17 for solid fuel

2.5X S <200 x 10° Btu/hr and 3X for
>200 x 10° Btu/hr

<2X S
<1.0X §
6.0

6.0 for 123,
€= 12.0093 for 2341¢3,000, and
1.2 for 11>3,000

6.0

No regulation below
250 x 10® Btu/bhr

control)

200 1b/hr, 0.2X by volume,
1,000 ppm, or 0.5X §

<500 ppm
0.55

X S
0.5% §

Latest avallable control technology
or 6.17 for solid fuel

1.2 S

<X S
<1.0X S
1.8

6.0 for 11<23,
£=17.04790-33
1.2 for 13,000

for 12<11<3,000, and

5.0

No regulation below
250 x 10® Btu/hr

E - emission limit (1b/106 Btu); H = heat input (106 Btu/hr)

% denotes maximum level sulfur that can be burned
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Table 3-21. (continueaq)
State Existing New
Kentucky E = 9.464y"0- 3740 £ = 9.4¢479-3710
Loulsiana Meet ambient regulations Meet amblent regulations
(assuming no control) (assuming no control)
Maine <2.5% § <2.5% §
Maryland Low sulfur Low sulfur
Massachusetts 0.55 0.28
Hichigan 8.2 2.4
Minnesota XS 1.5X §
Mississippi 2.4 2.4
Hissouri 2,000 ppm 500 ppm
Montana <1 <1
Nebraska 2.5% S 2,5% S
Nevada 0.7 0.7
New Nampshire 1.5 1.5
New Jersey 2.0 1.5
New Mexico No regulations No regulations
New York 2.8 2.8
North Carolina 2.3 1.6
North Dakota 3.0 3.0
Ohio 5.70 5.70
Oklahoma Meet ambient regulations 1.2
Oregon 1¥ S <150 x 10% Btu/hr, 1X S <150 x 108 Btu/hr,

1.6 >150 x 10%® Btu/hr

1.6 >150 x 10% Btu/hr

E = emission limit (1b/106); H = heat input (106 Btu/hr)
95 denotes maximum fuel sulfur that can be burned.

(continued)
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Table 3-21. (continued)

State Existing New

Pennsylvania 3.0 for <50 x 10® Btu/hr and 1.0 for <50 x 10% Btu/hr and
£=51021% for 550 x 108 Btu/hr E= 17091 for >50 x 108 Btu/nr

fhode Istand $0.55 $0.55

South Carolina 3.5 2.3

South Dakota 3.0 3.0

Tennessee 4.0 1.6

Texas 3.0 3.0

Utah XS XS

Vermont 7 X S

Virginia 2.64 1.06

Washington 2,000 ppm 1,000 ppm

West Virginia 3.2 1.6

Wisconsin 1.5% S 1.5 S

Wyoming No regulations for <250 x 10%® Btu/hr No regulations for <250 x 10® Btu/hr

E = emission 1limit (1b/106 Btu); H = heat input (10° Btu/hr)
%S denotes maximum fuel sulfur that can be burned.
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Table 3-22. STATE SO2 REGULATIONS FOR OIL- AND GAS-FIRED BOILERS
(1b/10° Btu)”’
State Existing New
Alabama 4.0 1.8
Alaska 500 ppm 500 ppm
Arizona 2.2 0.8
Arkansas <0.2 ppm ambient <0.2 ppm ambient
(assuming no control) (assuming no control)
California 200 1b/hr, 0.2X by volume, 1,000 ppm, 200 1b/hr, 0.2X by volume,
or 0.5 § 1,000 ppm, or 0.5% §
Colorado 500 ppm 500 ppm
Connecticut 0.55 0.55
Delaware 1.0 § 0.3X S
District of Columbia 0.5% S 0.5% S

Florida

Georgila

Hawatii

Idaho

INlinois

Indiana

Latest technology or 2.75

2.5X for <100 x 10® Btu/hr and
3.0% for >100 x 10 Btu/hr

No regulations

1.75X S for residual oil and
0.5%X S for distillate oil

1.0 for residual oil and
0.3 for distillate oil

6.0 for <23 x 108 Btu/hr,
£=17.00"%33 for
23<H<3,000 x 108 Btu/hr, and
1.2 for H>3,000 x 10% Btu/hr

Latest technology or 2.75

2.5% for <100 x 10° Btu/hr and

3.0% for >100 x 10 Btu/hr
No regulations

1.75X S for residual ofl and
0.5X S for distillate oil

1.0 for residual oil and
0.3 for distillate ofl

*6.0 for <23 x 10® Btu/hr,

£=17.007933 ¢or

23<H<3,000 x 10® Btu/hr, and
1.2 for H>3,000 x 10 Btu/hr

E = emission Timit (1b/10° Btu); H = heat input (10° Btu/hr)

9S denotes maximum fuel sulfur that can be burned.

{continued)
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Table 3-22. (continued)

E =
%S

State Existing New
Towa 2.5 2.5
Kansas No regulations No regulations
Kentucky £ = 5. 6489 0- 39 £ = 5. capay” 0 35
Louisiana 2,000 ppm 2,000 ppm
Haine‘ <2.5% S <2.5% §
Maryland Low sulfur Low sulfur
Massachusetts 0.55 0.28
Michigan 2.2 1.7
Hinnesota 1.75 1.75
Mississippi 2.4 2.4
Missouri 2,000 ppm 500 ppn
Montana 1.0 for ofl and 1.0 for oil and
5 gr/100 ft3 for gas 5 gr/100 ft3 for gas
Nebraska 2.5 2.5
Nevada 0.7 0.7
New Hampshire 1.5 1.5
New Jersey 2.0 1.5
New Mexico 0.34 0.34
New York 2.8 2.8
North Carolina 2.3 1.6
North Dakota 3.0 3.0
Ohio 3.2 1.0
{continued)

emission Timit (1b/10° Btu); H = heat input (10° Btu/hr)
denotes maximum fuel sulfur that can be burned.
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Table 3-22. (continued)
State Existing New
Oklahoma 0.8 for oil and 0.2 for gas 0.8 for oil and 0.2 for gas
Oregon 1.75% S for residual o1l and 1.75% S for residual oil
0.5% S for distillate ol and 0.5X S for distillate ol
Pennsylvania 3.0 for <50 x 10® Btu/hr and 1.0 for <50 x 106 Btu/hr

Rhode Island
South Carolina
South Dakota
Tennessee
Texas

Utah

Vermont
Virginia
Washington
West Virginia

Wisconsin

Wyoming

£=51"0M for 550 x 10% Btu/hr

£0.55

3.5

3.0

4.0

440 ppm
1.5% S
XS

2.64
2,000 ppm
3.1

1.0X S for residual oil and
0.7X S for distillate ofl

No regulations

for <250 x 10% Btu/hr

and € = 1.7H
$0.55
2.3
3.0
1.6
440 ppm
1.5% S
XS
1.06
1,000 ppm
1.6

-0.14

for >50 x 10% Btu/hr

1.0X S for residual oil and
0.7X S for distillate of)

No regulations

for <250 x 10* Btu/hr

E = emission limit (1b/106 Btu); H = heat input (106 Btu/hr)

%S denotes maximum fuel sulfur that can be burned.



TABLE 3-23. STATE NOy EMISSION LIMITS THAT DIFFER
FROM SUBPART D77
NOXemission limit,
ng/d (1b/10° Btu)
Capacity

State Coal 0il Gas (106 Btu/hr)
Florida 300 (0.7) 130 (0.3) 86 (0.2) >50
Oklahoma 300 (0.7) 130 (0.3) 86 (0.2) >50
Wyoming 300 (0.7) 130 (0.3) 86 (0.2) ATl
New Mexico 194 (0.45) 130 (0.3) 86 (0.2) >50
california® 225 ppm 225 ppm 125 ppm AT

aCaTifornia regulations vary with each control region; values given (at 3
percent 0,) are typical of emission limits for facilities other
than those covered by Subpart D.
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4,0 EMISSION CONTROL TECHNIQUES

Uncontrolled emissions from industrial boilers were identified in
Chapter 3. Emission control techniques potentially applicable to industrial
boiler sources are described in this chapter. These descriptions include
discussions of the design of each control technique, its status of develop-
ment, and its applicability to industrial boilers. Also discussed are
factors which affect the performance of the control techniques, including
design parameters, operating conditions, and fuel quality. Emission data
taken by approved EPA test methods to verify control technique performance
is presented and discussed when available. Additional information on these
tests is presented in Appendix C.

Portions of the control technology discussions contained in this
chapter were excerpted from a series of Individual Technology Assessment
Reports (ITAR's) prepared to assess the application of specific control
techniques to industrial boilers. The ITAR's describe each technology in
more detail than that presented in this chapter. Emissions test and system
performance data reported in this chapter include both data reported in the
ITAR's and data gathered subsequent to their preparation. Sources for these
data are specifically referenced in Appendix C. The reader desiring
additional information on any of the technologies discussed in this chapter
is referred to the series of ITAR's listed in Table 4-1 and the other
references listed at the end of this chapter and in Appendix C.

Control techniques discussed in this chapter are those meeting one of
the following criteria:

e Currently used on industrial boilers or large pilot-scale
installations;

e Currently applied in the utility or foreign sectors; technology
transferability is indicated;

e Rapidly developing and 1likely to be commercially available in
the next several years.
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TABLE 4-1. ITAR REPORT LIST

Report

- Report No.

Technology Assessment Report for Industrial Boiler
Applications: 0il Cleaning

Technology Assessment Report for Industrial Boiler
Applications: Coal Cleaning and Low Sulfur Coal

Technology Assessment Report for Industrial Boiler
Applications: Synthetic Fuels

Technology Assessment Report for Industrial Boiler
Applications: Fluidized-Bed Combustion

Technoiogy Assessment Report for Industrial Boiler
Applications: NOx Combustion Modification

Technoiogy Assessment Report for Industrial Boiler
Applications: NOx Flue Gas Treatment

Technology Assessment Report for Industrial Boiler
Applications: Particulate Collection

Technology Assessment Report for Industrial Boiler
Applications: Flue Gas Desulfurization

EPA-600/7-79-178b
EPA-600/7-79-178¢
EPA-600/7<79-178d
EPA-600£7-79-178e
EPA-600£7-79-178f
EPA-600/7-79-178g
EPA-560/7-79-178h

EPA-600/7-79-1781
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This chapter is organized into six sections. The first three sections
discuss post-combustion controls for particulate and sulfur dioxide (502)’
and combustion modification for nitrogen oxides (NOX) control, respectively.
Section 4.4 discusses post-combustion controls for NOX. Pre- combustion
control techniques for particulate, NOX, and SO2 are discussed in
Section 4.5, while fluidized bed combustion and other techniques involving
combustion of a coal/alkali fuel mixture to control SO2 emissions are
presented in Section 4.6.

4.1 POST-COMBUSTION CONTROL TECHNIQUES FOR PARTICULATE MATTER

The post combustion control of particulate matter emissions from
industrial boilers can be accomplished by using one or more of the following
particulate control devices:

e electrostatic precipitators,
e fabric filters,

e wet scrubbers,

e side stream separators, or

e multitube cyclones (single and dual mechanical
collectors)

These control devices are discussed separately in Sections 4.1.1 through
4.1.5. Test data documenting the performance of each of these control
devices applied to industrial boilers are presented and discussed in
Section 4.1.6.
4.1.1 Electrostatic Precipitators

The collection mechanism, factors affecting performance, status of
development, and applicability of electrostatic precipitators (ESPs) to
industrial boilers is discussed in this section.
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4.1.1.1 Process Description

4.1.1.1.1 System. Particulate collection in an electrostatic precipi-
tator occurs in three steps: suspended particles are given an electrical
charge; the charged particles migrate to a collecting electrode of opposite
polarity while subjected to a diverging electric field; and the collected
particulate matter is dislodged from the collecting electrodes.

Charging of the particles to be collected is usually caused by ions
produced in a high voltage d-c corona. The electric fields and the corona
necessary for particle charging are provided by high voltage transformers
and rectifiers. Removal of the collected particulate matter is accomplished
mechanically by rapping or vibrating the collecting electrodes.

Figure 4.1-1 shows a typical cross-sectional view of an ESP.

4.1.1.1.2 Development status. Electrostatic precipitator technology
is commercially developed and dates back to the early 1900's. The first
successful application was made in 1907 when acid mist was collected at a

sulfuric acid plant. ESPs have been used to control particulate emissions
from coal-fired industrial and utility boilers since the early 1920'5.2
They are also the most commonly used collectors on utility oil-fired

boﬂers.3

4.1.1.1.3 Applicability to industrial boilers. Electrostatic precipi-

tation technology is applicable to a variety of types and sizes of
industrial boilers. ESPs treating flue gas flow rates as low as 8500 m3/hr
(5000 acfm) are avaﬂab]e.4 Because of their modular design, ESPs can be
expanded to treat flue gas from even the largest industrial boilers. ESPs
have been installed on utility boilers with flue gas flow rates as high as
10,000,000 m3/hr. Application of an ESP to an industrial boiler should have
no adverse effect upon boiler operation. The fuel quality and its effect on
particle characteristics is especially important and is discussed in detail
in the next section.

4.1.1.2 Factors Affecting Performance. ESP collection efficiency is
affected by a wide variety of factors related to the design of the ESP and
the type of particles collected. Two factors have been specifically related
to the overall collection efficiency through the Deutsch-Anderson equation:
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n = 1 - exp (-WA/V)
where:

n = removal efficiency

W = migration velocity

A = plate area

V. = volumetric flow rate

As indicated by this equation, ESP efficiency increases with increasing
plate area relative to the gas flow rate and with increasing migration
velocity.

Field data has indicated that the Deutsch-Anderson equation
overpredicts collection efficiency. To account for the observed particle
collection efficiencies, White proposes the empirical re]ationship,5

n o= 1 - exp [-(H AN

as a more accurate predictor of efficiencies. The exponent of 0.5 is
applicable for ESPs applied to coal-fired boilers. The term wk is a measure
of the effective migration velocity determined from experimental measure-
ments.6 .

The following discussion reviews the major factors which influence ESP
performance. For purposes of this discussion, the factors are grouped into
two categories: (1) ESP design factors and (2) particle characteristic
factors.

Design Factors. The specific collection area (SCA) is defined as the

ratio of the total plate area to the gas flow rate and is usually expressed
in terms of m2/(m3/s)[ft2/1000 acfm]. SCA is an important design and
operating parameter. For a given application, collection efficiency
improves as SCA increases. But for a given gas flow, the ESP also becomes
larger and consequently more expensive as the SCA is increased. Thus,
correct sizing of an ESP is important to both the performance and economics
of its apph’cation.21
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Typical relationships between precipitator collection efficiency and
SCA are shown in Figure 4.1-2 for coal fly ash. The separate lines for
different coal sulfur contents reflect the dependence of fly ash
resistivity, and hence collection efficiency. on the coal sulfur content.
Tests of low sulfur coals, for example, indicate that these variables may
cause Figure 4.1-2 to underestimate the SCA needed for a 0.5 percent sulfur
coal by 40 to 50 percent.14 Practical values of SCA range from 328 to
2630 m’/1000 m>/min (100 to 800 ft2/1000 acfm) for most field applications.®

The actual collection area during ESP operation depends on the flue gas
flow rate which, for a particular boiler, is dependent on boiler load. The
operating SCA increases as boiler load decreases, provided all ESP fields
remain charged. Thus, the ESP must be designed to have the desired SCA at
maximum boiler load where the flue gas flow is the highest.

The configuration and type of electrodes used in an ESP directly
influence ESP performance. The electrode plate spacing, height, and length
all influence the electrostatic forces exerted on the flue gas particles and
thus influence the collection efficiency. Proper design of the ESP
electrodes assures adequate residence time to allow the particles to migrate
to a collection electrode.

Another key design variable is proper determination of the rapping
cycle. If the cycle is too short, material that collects on the plates will
not be compacted enough to settle to the bottom of the precipitation chamber
and will be re-entrained. This re-entrainment can be minimized by proper
design of collecting electrodes and rappers, minimizing rapping and rapping
only a small section of the total precipitator plate area at a time. If the
time between rapping is too long, however, the material on the collecting
plates will become too thick and collection efficiency will be reduced. In
addition, the rapping cycles must account for the differences in the amount
of particulate matter collected in different ESP sections. ESPs typically
use multiple sections in series. The section which treats the flue gas
first will collect more particles than subsequent sections. The rapping
cycles must be adjusted to insure each section is rapped only when the
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collected material is the proper thickness. This necessitates more frequent
cleaning cycles for the sections treating the raw flue gas.

Gas flow distribution also has a strong impact on ESP efficiency. Poor
flow distribution between the collecting electrodes results in differing gas
fiow rates between each plate and therefore differing efficiencies for each
section of the ESP. In addition, high velocities in the vicinity of hoppers
and collecting electrodes can result in re-entrainment of collected dust.
Another distribution consideration is the avoidance of flue gas flow through
certain areas of the ESP. The construction of an electrostatic precipitator
is such that nonelectrified regions exist in the top of the precipitator
where the electrical distribution, plate support and rapper systems are
located. Similarly, portions of the collection hopper and the bottom of the
electrode system contain nonelectrified regions. Particulate-laden gas
streams flowing through these regions will not be subjected to collection
forces and will tend to pass through the precipitator uncoHected.20 Gas
flow distribution problems can be corrected by proper inlet design, such as
adding straighteners, splitters, vanes, and diffusion plates to the duct
work before the ESP and by internal baffles and flow restrictors.

The voltage applied to the ESP electrodes is also an important factor
affecting performance. Proper voltage assures an adequate corona for
charging the particles while minimizing problems of sparking.15 The use of
automatic power supply control is desirable in many industrial boiler
applications because of the varying fly ash and flue gas properties brought
on by varying boiler loads and fuel properties. Automatic controls allow
the ESP to respond more effectively to these changes by reducing sparking
and current 1055.230

Particle Characteristic Factors. The suitability of particulate

collection by electrostatic precipitation depends on the resistivity of the
particles. Particulates with resistivities in the range of 104 to 1010
ohm-cm have been shown by experience to be the most suitable for
electrostatic precipitation. Particles with Tower resistivities will give
up their charge too easily and will be re-entrained in the gas

stream.16’17’18’19 Particles with higher resistivities will coat the
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collecting plates and will be hard to dislodge, thereby reducing the ability
of the electrode to further collect particles. The resistivity of a given
particle will vary with temperature and moisture. Typical variations in
precipitation rate (which determines collection efficiency) with particle
resistivity and coal sulfur content are shown in Figures 4.1-3 and 4.1-4,

The dependence of fly ash resistivity on fuel characteristics is very
important when considering the application of ESPs to industrial boilers.
The most notable fuel properties which affect the resistivity of the fly ash
are the sulfur and alkali (primarily sodium) content. As shown in
Figure 4.1-5, resistivity is altered favorable (reduced) with an increase in
the sulfur content. As shown by Figure 4.1-6, an increase in the sodium
content of the ash also tends to reduce the resistivity of the fly ash.
Resistivity varies with temperature as well as fuel sulfur content as shown
by Figure 4.1-7. The typical "cold side" ESP is located downstream of the
air preheater, where the temperatures range from 380 to 448 K (240° to
350°F). A "hot side" ESP, on the other hand, is located upstream of the
boiler air preheater, where temperatures range from 563 to 698 K (550 to
800°F).

Particle size distribution directly affects the precipitation rate
parameter. Fractional collection efficiency data for ESPs applied to
oil1-fired boilers demonstrated ESP collection efficiencies of at least
99 percent for fine and coarse particles (less than 1 um and greater than
10 ym), while collection efficiency dropped off from 99 to 89 percent for
sizes between 1 and 10 microns.10 In general, the fractional efficiency
drop off for coal-fired boilers has been shown to occur in the range from
0.1 to1 um.11 Figure 4.1-8 presents test results which show this for an
ESP applied to a pulverized coal-fired boi]er‘.11 For this particular
installation, fractional efficiencies vary from 99 to 90 percent for
particles in the range of 2 to 0.1 um.

Boiler load affects the particle size distribution for coal- and
0il-fired boilers with reduced loads generally corresponding to reduced

12,13

particle sizes. Changing boiler load, and its effect on particle size
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distribution may subsequently affect the overall collection efficiency of an
ESP if not considered in the original design.
4.1.2 Fabric Filters

The collection mechanisms, design and operating parameters, development

status, and applicability of fabric filters to industrial boilers are
discussed in this section.

4.1.2.1 Process Description

4.1.2.1.1 System. A fabric filtration system (baghouse) consists of a
number of filtering elements (bags) along with a bag cleaning system
contained in a main shell structure with dust hoppers. Particulate-laden
gases are passed through the bags so that the particles are retained on the
upstream side of the fabric, thus cleaning the gas. Typically a baghouse is

divided into several compartments or sections. In larger installations an
extra section is often provided to allow one compartment to be out of
service for cleaning at any given time. A typical baghouse is shown in
Figure 4.1-9.

The basic mechanisms available for filtration are inertial impaction,
diffusion, direct interception, and sieving. The first three processes
prevail only briefly during the first few minutes of filtration with new or
recently cleaned fabric, while the sieving action of the dust layer
accumulating on the fabric surface soon predominates. This is particularly
true at high, >1 g/m3 (0.437 gr/dscf), dust loadings. The sieving
mechanism, in the case of coal fly ash filtration, leads to high efficiency
collection unless defects such as pinhole leaks or cracks appear in the
filter cake.23

In fabric filtration both the collection efficiency and the pressure
drop across the bag surface increase as the dust layer on the bag builds up.
Since the system cannot continue to operate with an increasing pressure
drop, the bags are cleaned periodically. The cleaning processes used in
coal-fired systems ordinarily consist of reverse-flow with bag collapse or
mechanical shaking. These are sometimes used in combination with each
other. Pulse-jet cleaning also has had considerable application while the

reverse-jet concept (traveling blow ring) has not been widely apph’ed.24
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4.1.2.1.2 Development status. Fabric filtration is a well-established
technology with early industrial process applications dating back to the
late 1800's. However, application to boiler flue gas has been a relatively
recent development with the first successful installations designed in the
late 1960's and early 1970's. Data published in December of 1979 shows that
there were 104 industrial boilers at 61 locations either using, or planning
on using fabric filtration systems for particulate emission control. These
systems are summarized in Table 4.1-1. These boilers have flue gas rates
ranging from 5940 to 1.5 x 10% m3/hr (3500 to 900,000 acfm).2®

4.1.2.1.3 Applicability to industrial boilers. Fabric filtration
technology is applicable to various industrial boiler types as shown in
Table 4.1-1. A possible limitation, however, is the application to oil-
fired boilers. Large quantities of unburned carbon particles present in the

flue gas of oil-fired boilers could cause difficulty in cleaning the dust
layer from the bags.26 Only a Timited number of baghouses have been
installed on oil-fired boilers. One installation initially experienced
difficulty with bag 1ife and p1ugg1‘ng3 and was later retired when changes in
local air pollution control regulations forced a fuel switch to gas.

During baghouse operation it is essential that baghouse temperatures be
maintained above the water and acid dewpoints of the gas so that condensa-
tion will not occur on the compartment walls and filter surfaces. In the
case of condensation on filter surfaces, resultant plugging may restrict gas
flow and cause irreversible bag damage. This is most Tikely to occur during
transient operations such as startup, shutdown or fluctuating loads.
Bypassing or preheating the baghouse prior to system startup, continuous gas
recirculation during brief shutdowns, and sufficient insulation (7.6 cm or
3 inches of mineral wool or fiberglass) can prevent condensation
prob]ems.27’28

4,1.2.2 Factors Affecting Performance. Several factors can affect the

performance of baghouse systems including air-to-cloth ratio, fuel
properties, baghouse temperature and filter fabric and weave. These
factors, and their affect on baghouse performance are discussed separately.
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TABLE 4.1-1.

BAGHOUSE INSTALLATIONS ON INDUSTRIAL BOILERS - U. S.25

Cleanin; Roiler

- S Si . T Start
Name/location fa::::er mecha-  firing (;:: Alc acfm d::euP
nism me ¢ hod <

1. Adoloh Coers Co. «F RA, s2 PC 33 1.3 15¢,000 197
Coiden, Colo,

2. Allied Chemical wF RA, sa PC (6)-12 1,09/ 58 000 1978
Southpoint, Ohio

3. Allied Chemical WF RA, sa S (4)-22 2.89/1 156,400 1978
Moundsville, W. Va,

4. Amalgamated Sugar Co. wP RA PC 28 2.4/1 126,000 1974
Nsgmpa, Idaho

5. Amalgamated Sugar Co. EB Sh PC 29 2.5/ 130,000 1979
Yampa, Iéaho

6. Amalgamaced Sugar Co. RA, sa S 2] J.56/1 92,000 1§73
Nyssa, Oreg.

7. Anmalgamated Sugar Co. wp RA PC 13 2/ 57.00C 1975
Nyssa, Oreg.

8. Amalgamated Sugar Co. wp RA 1-PC 21 2.5/1 100,000 1975
Twin Falls, ldaho 1-8 each each

9. Ametek, Inc. AAF RA S 9 L/ 40,000 1974
Moline, Ill.

10. Ashland Chemical Co. SH P S 16 6.u/1 70,000 1976
Peoria, Ill.

11. Carborundum Co. CAR RA S 9 2/1 42,000 1967
Niagara Fallsx, N.Y,

12. Case “estern Reserve U. FX Tbd - - Tbd Tdd Tod
Cleveland, Ohio

13. Caterpillar Tractor Co. SH pPOL S kh] 4.3/1 150,000 1976
Decactur, Ill.

14. Consolidated Rail Corp. wF RA, sa S (3)-18 3.5 108,000 1978
Altoons, Pa.

15. Delco-Remy-Div. GM SH P S (3)=9 in 24,000 1976
Anderson, Ind.

16. Denver Federal Cencer U RA s 9 2.23/1 174,000 1978
Denver, Colo. )

17. E.I. DuPent Co. RA, va S 20 1.9/1 90,000 1977
Cooper R, S.C.

18. E.1. DuPont Co. WP RA, va PC 45 1.9/1 203,000 1977
Martinsville, va.

19. E.l. DuPont Co. SH P S (2)-29 4.4/ 130,000 1975
New Johnsonville, Tenn.

20. E.I. DuPont Co. SH P H (4)=50 4. 4/1 221,000 1974
Parkersburg, Va.

21. E.1. DuPont Co. wp RA, va PC 76 1.9/1 340,000 1977
Waynesboro, Va. (test unic)

22, Energy Development Co. 1ICA RA s 5 2.5/ 24,000 1976
Hanpna, Wyo.

23. Formics Corp. wF RA, sa S 3 3.38/1 42,000 1978
Evendale, Ohio

2. Hsrmermill Paper Co. ICA RA s 53 21 150,000 1976
Lockhaven, Pa.

25. Hanes Dye and Finishing DX | 4 S (2)-13 8.3/1 61,000 1975
Wington-Salem, N.C.

5. Harrison Radiator- wpP P s 3o SN 139,000 1974

Division oM
Lockpore, N.Y.
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TABLE 4.1-1.

(Continued)

Clearing Boiler .
: . ¥%anu- L S .
Name/iocati1on fac:urer aecha- firine (é;: A/C scm’ s::::UP
aLsm method 4

27. Hiram Yalker & Sons Tbd T>d PC 60 Tod 270,600 1978
Peoria, Il1.

28. Keener Rubbe: 7o. WF P Hd { 100 hp 4.36/1 5,500 1377
Alliance, Ohio

29. Xerr IlnoustTies TS Var S 8 3-1e) 35,000 197
Cencord, N.C. (tesc unit)

30. Xingsiey Air Force 3ase SH P S S 5/1 14,000 1976
Klamascth Falls, Oreg.

J1. ‘tong Lake Lumoer Ca. MP P HF S L.5N 24,000 1973
Spoxane, “ash,

32. Lubrizol Corp. SH P oF 8 a.3/1 315,000 1974
Painesville, Ohio

3). “onroe Reformatorv 1CA Sh S 3 2.8/1 11,000 1976
Monroe, wWash.

Ji. Pennsylvania Giass Sand Corp. D P ?C [ 7/1 40,000 1972
Union, Pa.

35. Reoubdlic Steel JF RA, aa PC 38 3.34/1 275,000 1978
“arren, Ohio

16, Simpson Timber Ca. SH POL HF 51 4.3 230,000 1976
Shelzon, Wash.

}7. Sorg Paoer Co. EAY RA PC 10 1.8/71 45,000 1972
“;ddletown, Ohio

38. Uniroval, Inc. SH P PC 9 2.6/1 42,000 1976
Painesville, Ohio

39. Uniroval, Inec. Tbdd Tbd PC 22 Tbd 100,000 1977
“ishawaxa, Ind.

40. University of Illinois ov P OF 8 6/1 35,000 1976
Chicago, I1l1.

41. University of lowa ES Tbd - - Tbd Tod Tod
Oaxdale, lowa

42. University of Minnesora CAR RA S 20 N 90,000 1976
“inneavolis, Minn.

43. University of North Carolina wP RA - (2)=6 Tbd Tod 1978
Chapel H4ill, N.C. each

44. University of Notre Dame WF P S 1 m 3,500 1972
South 3end, 1nd. (test unit)

45. Utah-idaho Sugar Co. ES Sh s 22 21 98,000 1976
Moses Lake, Wash.

46. U.S. Navy I1CA RA S 21 1.7/ 96,000 1976
Hawthorne, Nev.

41, U.S. Steel Co. wF AA, ss PC & gas (3)-90 3.2 900,000 1977
Provo, Utal

4§, Westinghouse Slectric MP RA S 7 2/1 32,000 1976
Richland, =ash.

49, ‘Jestvace WF RA, sa S 20 1.26/1 115,000 1979
Tvruane, Pa.

0. =itco Chemical wT RA, sa 1-S (2)-18 3.17/1 1€5,900 1978
¥radford, Pa. 1-PC
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TABLE 4.1-1.

(Continued)

Cleaning 3Soller . Star:
Name/location . “tanu- mecha- firing ?:.z,; A/C* acfm” d::’;uP
‘Farturer nism =et hod vt le
51. General Motors Corp. SH - 7-S - - 1679
Kettering & Norwood, Ohio
Three Rivers, Mich.
Warren, Chio
$2. Scott Paper Co. - - 5-HF - - 260,000 1979
Everett, Wash.
$3. Federal Bureau of Prions ES - S - 2.6/1 16,000 197%
Fed. Cerrect. lnstitution
Alderson, W.Va,
S4. Tennessee State Univ. CE RA J=-coal - - 50,000 -
Nashville, Tenn.
55. Ceorgetown Univ. ES - FBC - 571 43,000 -
Washington, D.C.
56. GSA, Wesr Heating Plant RC P 2-S - - - 1979
Washingten, D.C.
S7. %est Point Pepperell, Inc. BS - coal - - -
Cpelika, Ala. .
58. U.S. Gypsun Co. - P 3-S - - 41,500 -
Plasterco Plant
Saltville, Va.
S9. AVIEX Fibers, Inc. EB - 5-coal - - 600,600 March
Front Royal, Va. 1980
60. Michigan State Univ. RC RA 2~PC 2-60 1.9/1 300,000 1980
61. 3-M Company 1cA RA -5 2-14 2.2/1 70,000 1978
St. Paul, Minn.
®A/C as given is in ft/min. To convert to m/min, multiply by 0.3048.
“To convert acfm to m3/hr, =multiply by 1.699
Manufacturers: Svmbols:
AAF - American Air Filter Co. Hdf Hand-fired
CAR - Carborundum Co. Pollution Control Div. HF - Hogged fuel
DV - DaVair lInc. OF -~ Oil-fired
DX - Dustex, Sub. Amer. Precision Ind. P - Pulse
EB - Envirotech Corp. Buell Div. PC - Pulverized coal
ES - Enviro System Inc. Pol - Pulse, off-line
FD <« Fuller Co., Sub GAIX RA - Reverse air
FX = Flex=-Kleen - Sub. R.C. RA, sa Reverse air, shake assist.
ICA - Industrial Clean Air iInc. RA, va - Reverse air, vibrator assist.
ME - Menardi-Southern Div., U.S. Filter Corp. S - Stoker-fired
MP ~ Mikropul Corp., Sub. U.S. Filter Corp. Sh - Shaker
SH =~ Standard Havens Inc. Sp - Special
WF - Wheelabrator-Frye Inc. Thd - To be determined
WP -~ Joy Mfg. Co Western Precip. Div. Var - Various
20 = Zurn Induscries, Air Systems Div. FBC - Fluidized Bed Combustion
CE - CE Air Preheater
RC - Research-Cottrell
BS = Bahco Systems, Inc.



Air to Cloth Ratio. The most important design and operating factor for
a baghouse is the air-to-cloth ratio (A/C). This parameter relates the
volume of gas filtered (m3/min or acfm) to the available filtering area
(m2 or ft2). The A/C ratio is, in effect, the superficial velocity of the
gas through the filtering media. Air-to-cloth ratios typically range from
0.6 to 1.2 m/min (2 to 4 ft/min) for reverse-air cleaning systems and from
1.2 to 2.4 m/min (4 to 8 ft/min) for pulse-jet cleaning systems.29 Emission
tests have shown that fabric filter collection efficiency generally improves
as the air-to-cloth ratio is decreased.30 Since the air-to-cloth ratio is
greatest at maximum flue gas flow (i.e., maximum boiler load), the fabric
filter must be designed to operate at the desired air-to-cloth ratio at
maximum boiler Toad. Operation at lTower boiler loads will result in a lower
air-to-cloth ratio and a collection efficiency equal to or greater than that
at maximum boiler Toad (provided all fabric filter compartments are kept on
Tine during reduced load operation to maintain the same available cloth
area).

Fuel Properties and Baghouse Temperature. Variations in fuel
properties are not as critical in fabric filtration as they are with ESP

technology. However, fuel sulfur content dictates the flue gas SO2 content
and subsequent acid condensation temperature. The baghouse temperature must
be maintained above the acid condensation point in order to reduce corrosion
of the baghouse internals and ductwork in addition to reducing bag wear and
destruction. This is especially important during start-up and shut-down
operations when the temperature is most likely to fall below the acid
condensation temperature. If acid condensation occurs after shutdown, the
acid mist moisture eventually evaporates and crystallization on the bag
filter may occur. In this situation, the bag filter may become brittle and
subject to cracking when stress is once again app]ied.28

Bag Fabric and Weave. In general, bag material is chosen to withstand

the specific flue gas environment expected to be encountered. Mechanical

strength is also an important factor with respect to the mechanical demands
exerted on the fabric by the gas flow and cleaning system. The bag material
used in coal-fired boiler applications is usually fiberglass with a coating



24 Teflon coated felt bags are used in

of silicone, graphite, and/or teflon.
some pulse jet systems.

In general, although nonwoven fabrics (i.e., felt) are the most
efficient particle collectors, they are the most difficult to clean.
Texturized filament fabrics (i.e., teflon coated fiberglass) represent a
middle ground in cleanability. durability and efficiency.

Most fabrics are efficient in collecting a wide range of sub-micron
particles. Emission tests conducted on a 63,100 kg steam/hr (139,000 1b
steam/hr) spreader stoker equipped with a reverse-air fabric filter
demonstrated that for particles in the 0.02 to 2 micron range, fabric filter
fractional efficiency did not fall below 99.9 per‘cent.33
4.1.3 Wet Scrubbkers

The collection mechanism, status of development, applicability to

industrial boilers, and factors which affect the performance of wet
scrubbers for particulate control are discussed in this section.
4.1.3.1 Process Description

4.1.3.1.1 System. A wet scrubber is a collection device which uses an
aqueous stream or slurry to remove particulates and/or gaseous pollutants.
When scrubbing is applied for control of fly ash from combustion processes,
the contactor used is usually one of the following types: gas-atomized
spray scrubbers such as venturi and flooded disc scrubbers, fixed-bed
absorbers such as sieve tray units, turbulent contact absorbers (TCA) or
moving bed scrubbers and high pressure spray impingement scrubbers.34

There are three basic mechanisms involved with collecting particulate
in wet scrubbers. These mechanisms include the interception, inertial
impaction and diffusion of particles on droplets. The inertial impaction
and interception effects dominate at large particle diameters, while the
diffusion effects dominate at small particle diameters.

In a typical venturi scrubber, which is illustrated in Fiqure 4.1-10,
the primary collection mechanisms are interception and impaction. Gas
entering the venturi is smoothly accelerated in the converger until it
reaches a maximum velocity in the throat. This converts the static pressure
head to a kinetic energy head and typically requires from 1.2 to 5 kPa (5 to
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20 inches of water) pressure drop. Scrubbing 1iquid is atomized by the high
velocity gas stream to produce droplet particles which act as targets for
interception and impaction type collection.

In general, high interception and impaction collection efficiencies
result from the high differential velocity between the gas stream and the
atomized droplets created in the throat. Therefore, an increase in the
system pressure drop will result in an increased differential velocity and
subsequent increase in efficiency. Because system pressure drop is a
function of energy expenditure, the energy imparted to the gas stream is a
measure of the systems efficiency. The droplets are removed from the gas
stream by centrifugal action in a cyclone separator and mist elimination
section.36 Variable throat venturi scrubbers are generally the favored type
of scrubbers for particulate control since pressure drop can be maintained
at constant levels across a wide range of boiler loads.

Sulfur content of the boiler fuel is important not as it affects
collection efficiency, but from a corrosion standpoint. Recirculation of a
Tow pH (pH less than 3) liquor has resulted in corrosion problems in partic-
ulate scrubbers. Low slurry pH results from the absorption of acidic
species (e.g., 502, SO3 and HC1) from the flue gas. Consideration must
therefore be given to the construction materials used in the contactor.
Fiberglass reinforced polyester or rubber-lined steel are the most common
materials used. These materials are also resistant to the errosive effects
of the slurries which must be handled in wet scrubbing systems.

A common operating technique used to prevent low pH conditions is the
addition of an alkali compound. The addition of an alkali compound to the
wet particulate scrubber for pH control results in the recirculation of a
scrubbing slurry with sufficient dissolved alkalinity to absorb significant
amounts of SO2 from the flue gas, thus forming a combined particulate
matter/SO2 removal system. For example, if sodium carbonate (Na2C03) is
used as the chemical for pH neutralization, the overall chemical reaction
that occurs is the following:
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If sufficient alkalinity is added to the scrubbing liquor, ther aigh SO2
removals can be achieved. Flue gas desulfurization processes are described
in Section 4.2.

4.1.3.1.2 Development status. Particulate control by wet scrubbing is
a well-established technology. The use of wet scrubbers in Great Britain
for cleaning boiler flue gases dates back to 1933. However, this technology
has only been adapted within the last 10 to 20 years to control fly ash
emissions from power boilers in the U. S. Since the early 1960's, wet
scrubbing has been applied to fossil fuel-fired boilers in the U. S. for
combined particulate collection and SO2 absorption.37

4.1.3.1.3 Applicability to industrial boilers. Wet scrubbers are
applicable to both coal- and oil-fired industrial boilers. The two major
considerations in their use are (1) fuel sulfur content and (2) disposal of
a wet sludge versus a dry product as collected by ESPs, fabric filters, or
mechanical collectors. The sulfur content of the fuel can impact the use of

a wet scrubber in two ways: if no SO2 removal is desired the use of a wet
scrubber on high sulfur fuel-fired units will require that the scrubber be
constructed of a high quality corrosion-resistant material. However, if SO2
removal is required the wet scrubber can serve as the single control device
for both SO2 and particulate, thus reducing the total cost of add-on
controls over a wet scrubber for SO2 removal and a fabric filter or ESP for
particulate control.

The chloride content of the coal is also important. Chloride build-up
in the scrubbing liquor, resulting from absorption of chloride species
present in the flue gas, can result in low pH Tiquor with potential stress
corrosion of the scrubber vessel.

4.1.3.2 Factors Affecting Performance. Factors that affect scrubber

performance include:
e scrubber design
e liquid-to-gas ratio (L/G)
e gas velocity
e energy consumption
e particle size distribution
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e particulate loading at the inlet to the scrubber
e construction materials
e collection of wetted particles by cyclones and mist eliminators

Scrubber design has an important effect on the amount of particulate
matter that can be removed from the gas stream. Of the several general
scrubber types (plate tower, packed tower and venturi) plate towers and
venturis are the best choices for particulate removal. Packed towers are
not generally well-suited to particulate removal. Multiple plate towers are
effective in removing particulate matter over 1 micron in diameter, but
venturi scrubbers are more effective than plate towers on submicron
particles. Plate towers do not resist plugging and scaling as well as
venturis do, but the use of a mechanical collector to remove the bulk of the
fly ash particles upstream of the scrubber can help alleviate these
problems. Plate towers are well equipped to handle the high liquid rates
and greater residence times that might be required for simultaneous SO2
control.

Several features of venturi scrubbers make them a practical choice for
particulate removal by wet scrubbing:

e high particulate removal capability,

e relatively low scaling potential, and

e easily controllable pressure drop.
Venturi scrubbers generally consume more electrical energy thén plate
towers.

Although the performance of a venturi scrubber depends directly on both
the L/G and the gas velocity past the droplets, the gas phase pressure drop
is the major factor influencing particulate matter remova].38 As shown by
Figure 4.1-11, fractional removal efficiency increases with increasing gas
phase pressure drop and subsequent increasing energy expenditure.

For this reason, venturi scrubber applications generally include a
variable throat system (enabling control of pressure drop) to allow a
constant efficiency to be maintained at varying boiler 1oads.37 Pressure
drops across venturi scrubbers generally range from 1.5 to 30 kPa (5 to
100 in w.g.) depending upon the application and the desired removal
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efficiency. The emissions data for venturi scrubbers presented later in
this chapter show that pressure drops range from about 2.4 to 5.0 kPa (8 to
20 in w.g.) for applications on coal-fired industrial boilers. In general,
gas velocities through the venturi throat range from 61 to 183 m/s (200 to
600 ft/s) while 1iquid-to-gas ratios (L/G) vary from 1.0 to 2.0 11'ters/m3
(8 to 15 gal/1000 ft3).40 At gas-side pressure drops of less than 5.0 kPa
(20 in w.g.), good initial Tiquid distribution is important to achieving
high particulate collection efficiencies.38

The collection efficiency of a venturi scrubber decreases when the size
of the particles to be collected is in the submicron range.41 Thus it is
important to take the size distribution of the particles to be removed into
account when designing the scrubber. Fiqure 4.1-12 demonstrates the
relationship between aerodynamic cut diameter and the pressure drop, with
the liquid to gas ratio as a parameter. The aerodynamic cut diameter is the
particle size.that is collected with an efficiency of 50 percent by a device
such as an Anderson, Pilot, or Brinks impactor. Figure 4.1-11 also
illustrates the relationship between wet scrubber performance and particu-
late size distribution at constant gas-side pressure drop.

In a plate tower, an effective way of increasing particulate removal is
to increase the velocity of gas through the plates (trays). Adding trays
does not necessarily improve particulate removal, but increasing the
pressure drop across a single tray does.

The transient, nonsteady state periods of industrial boiler operation
are critical in terms of the control system's performance. Variations in
temperature, airflow, and particulate loadings which affect system
performance are typical of the varying load conditions often encountered
with industrial boi]ers.40 However, with a system designed for maximum load
and particulate loading, outlet emissions during low or transient load
conditions will be less than the design emission rate.

4.1.4 Multitube Cyclones

The collection mechanism, status of development, applicability to
industrial boilers, and factors which affect the performance of multitube
cyclones are discussed in this section.
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4,1.4,1 Process Description

4.1.4,1.1 System. Cyclones are mechanical collectors which remove
particulates from a gas stream by an inertial impaction mechanism. At the
entrance of the cyclone a spin is imparted to the particle-laden gas. This
spin creates a centrifugal force which causes the particulate matter to move
away from the axis of rotation and towards the walls of the cyclone.
Particles which contact the walls of the cyclone tube are directed to a dust
collection hopper where they are deposited.

In a typical single cyclone the gas enters tangentially to initiate the
spinning motion. In a multitube cyclone the gas approaches the entrance
axially and has the spin imparted by a stationary "spin" vane that is in its
path. This allows the use of many small higher efficiency cyclone tubes,
with a common inlet and outlet, in parallel to the gas flow stream.

Figure 4.1-13 illustrates the configuration of the individual tube and an
assembly of such tubes in a multitube cyclone.

One variation of the multitube cyclone is two similar mechanical
collectors placed in series. This system is often referred to as a dual or
double mechanical collector. The collection efficiency of the dual
mechanical collector is theoretically improved over that of a single
mechanical collector.

4,1.4.1.2 Development status. Fly ash collection by multitube
cyclones is a well established technology. It has been used for many years
to 1imit particulate emissions from coal-fired industrial and utility
boilers and to reduce erosion of downstream ductwork and equipment.

Multitube cyclones were the most common type of mechanical collector used
for fly ash control before more stringent emission regulations were enacted.
However, in many cases they now function as precleaning devices to reduce
grain loading to the primary collection device.43

4.1.4.1.3 Applicability to industrial boilers. Because of their
modular configuration, multitube cyclones are applicable to all sizes of
coal- and oil-fired industrial boilers. There are several operational
factors associated with industrial boilers that affect mechanical collector
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performance and 1imit applicability as the sole PM control device. These
and other factors are discussed in the next section.

Application of the dual mechanical collectors is currently limited to a
few coal-fired boilers operating under relatively steady steam demand
conditions.

4.1.4.2 Factors Affecting Performance. The most important design

factors affecting performance for a cyclone are the inlet gas velocity, the
diameter of the tubes, the number and angle of axial vanes, the construction
materials, and the system pressure drop. Most multitube cyclones are
axial-gas entry units designed for gas velocities of 25.4 to 35.6 m/sec
(5,000 to 7,000 ft/min) in the entry vane region. Such high velocities
require the use of hard alloy materials for the vanes (gray or white iron or
chromehard steel) to minimize vane erosion.45 Figure 4.1-14 is a
theoretical curve that presents the variation of the collection efficiency
resulting from the variation of the inlet gas velocity.

The performance of any mechanical collection system is significantly
affected by the particle size distribution of the particulate matter to be
collected. Figure 4.1-15 shows that the collection efficiency of a cyclone
increases as the percentage of larger particles increases. Particle collec-
tion efficiency for most cyclonic devices varies inversely with the diameter
of the collecting tube. A reduction in tube diameter increases the radial
force acting upon the particles so that their transit to the wall region and
their removal is acce]erated.45 Figure 4.1-15 illustrates comparative
collection efficiencies for two axial-entry cyclones with diameters of 15.2
and 30.5 cm (6 and 12 inches), respectively, as a function of the percent of
dust under 10 um.48

Operational procedures related to the boiler/control device system that
hamper mechanical collector performance include transient operations such as
startup, shutdown, or emergency upsets and load variation.44 In addition,
air in leakage, cyclone corrosion, particle reentrainment, tube plugging,
pressure drop and the degree of flyash reinjection will affect mechanical
collector outlet emissions.117 Large load swings significantly affect
removal efficiency. Changes in the sulfur content can alter the acid
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concentration in the flue gas which can result in corrosion of the cyclone.
At constant load and inlet particle size distribution, outlet emissions will
be proportional to inlet mass Toading. Therefore, a large increase in fly
ash loading (which could result from variations in load, coal ash content,
soot blowing or fly ash reinjection) will increase emissions.

Proper mechanical collector maintenance is essential in sustaining the
desired removal efficiency. To avoid efficiency losses due to corrosion of
the cyclone from acid condensation or particle abrasion, the cyclone should
be constructed of materials that will withstand the highest expected loading
of potentially corrosive flue gas components. Primary considerations to be
used in evaluating the construction materials needed are:44

e (Gas temperature

e Abrasiveness of the dust particles

e Corrosiveness of the gas stream
If the gas stream is corrosive or the dust particles are abrasive it may be
necessary to use a stainless steel alloy instead of carbon steel in the
construction of the cyclone.

It is important to accurately monitor the pressure drop across the
cyclone so that any plugging can be detected. In addition, the interior
should be inspected on a regular basis for corrosion damage, plugged tubes,
or defective gaskets. Another area of maintenance that is critical to
efficient mechanical collector performance is the discovery and remedy of
air leakage into the collector. Leakage can occur at the hopper access
door, hopper discharge valve, hopper casing, or the lower tube sheet. Air
leakage into a collector hopper can result in reentrainment of collected
particles, thus reducing collector performance.

One of the most detailed sources of information on mechanical collector
performance is a study conducted jointly by the American Boiler
Manufacturer's Association (ABMA), the Department of Energy (DOE), and EPA.
Several stoker-fired boilers equipped with mechanical collectors were tested
in this study and particulate emissions tests were conducted at both the
boiler and the mechanical collector outlets. Based on a review of these
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data, the following conclusions can be made about the effect of boiler

operating parameters on mechanical collector performance:

47

Figure 4.1-16 shows that, for 3 similar coals, mechanical
collector efficiency remained relatively constant with changes in
boiler load above about 60 percent. However, there was
significant drop in collector efficiency at loads of approximately
50 percent and less.

There was considerable scatter in the test data for some units as
a result of variable process conditions and fuel types. However,
the results showed that particulate matter emissions from both the
boiler and mechanical collector (in terms of 1b/106 Btu) tended to
increase as the boiler load increased. This trend can be seen in
Figures 4.1-17 and 4.1-18 where boiler and mechanical collector
outlet emissions are plotted as a function of boiler load.231
Although these figures illustrate emissions from a single boiler,

they are representative of the overall trends from the data set.

Figures 4.1-18 also illustrates that controlled emissions from
this boiler remained fairly steady, but showed a trend of
increased emissions at boiler loads greater than 50 percent. This
trend was also seen for other boilers. The sharp increase in
emissions at very low loads was attributed to the reduced
mechanical collector efficiency at the unusually low firing rate
obtained at this one site.

In general, no significant correlations were observed between

mechanical collector performance and overfire air levels, or
excess air levels.
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e The data did show that mechanical collector collection efficiency
was lower when there were relatively high percentages of small
particles (less than 10 microns in diameter) at the inlet to the
collector. However, no correlations were observed between boiler
load, excess 02, or overfire air levels and the resulting particle
size distribution.

4,1.5 Side Stream Separator

The collection mechanism, status of development, applicability to
industrial boilers, and factors which affect the performance of side stream
separators are discussed in this section.

4.1.5.1 Process Description

4.1.5.1.1 System. The side stream separator system consists of a
single multitube cyclone and a small pulse-jet baghouse as shown in
Figure 4.1-19. The boiler exhaust stream is ducted to the cyclone where a
portion (approximately 15 to 40 percent) of the gas is drawn from the
cyclone at the bottom of the tubes just above the ash hopper and ducted to a
fabric filter. The gas flow from the cyclone and baghouse are then
recombined and exhausted to the stack. The gas stream from the cyclone to
the baghouse is believed to have a higher concentration of small particles
relative to the total gas stream thereby removing the particles of the size
that are generally not collected efficiently by the mechanical collector
a]one.50

As individual units, the cyclone and fabric filter operate as described
in Sections 4.1.2 and 4.1.4. Together, the fabric filter adds additional
overall removal of particulate to the cyclone thereby improving overall
removal efficiency. The side stream separator design is based on the use of
a single- or multi-compartment pulse-jet fabric filter.

4.1.5.1.2 Development status. The side stream separator system is a
recent development in particulate removal from industrial boilers. Its
application is currently limited to retrofitting existing mechanical
collectors on spreader stokers firing a limited range of coal types. As a
result, the existing data base for side stream separators is limited. In
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addition, because the existing installations are relatively new, the long
term performance of side stream separators cannot be documented. There are
currently 2 to .3 vendors and an independent consultant offering similar
devices as retrofits to upgrade existing mechanical collector performance.
However, vendors do not offer performance guarantees on this device.
4.1.5.1.3 Applicability to industrial boilers. The side stream
separator is applicable to coal-fired stoker boilers, but has not been
applied to pulverized coal units. Application of this technology is

currently limited to spreader stokers firing low or medium ash coals
(<10 percent). Application of this device to other stoker types and coal
types has not occurred to date.

4.1.5.2 Factors Affecting Performance. Most of the factors that
affect performance of mechanical collectors and fabric filters (previously
discussed in Sections 4.1.4 and 4.1.2, respectively) also affect the
performance of the side stream separator. The performance of the mechanical
collector is affected by the diameter of the tubes, the number and angle of
entry vanes, construction materials, and pressure drop. Fabric filter
performance is affected by air-to-cloth ratio, filter fabric, cleaning
mechanism, baghouse temperature and fuel properties.

The performance of mechanical collectors is also affected by the
proportion of small fly ash particles (less than 10 microns in diameter) at
the inlet to the collector. However, this factor should have less impact on
side stream separators since the fabric filter used with the mechanical
collector is relatively efficient with respect to fine particles.

As discussed in Section 4.1.4, mechanical collector efficiency drops
off rapidly at low boiler loads. This factor will result in decreased side
stream separator efficiency at low loads, unless uncontrolled emissions at
Tow loads are reduced enough to compensate for the reduced efficiency.49
Currently, side stream separators are equipped with constant flow rate fans.
Therefore, as boiler load decreases a higher percentage of the total flow is
routed to the side stream baghouse. This affect may act to compensate for
reduced mechanical collector efficiency at low loads. However, present data

are insufficient to adequately assess the performance of sidestream
separators at lower loads.
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4.1.6 Emission Data

Available emission data for ESPs, fabric filters, wet scrubbers,
multitube cyclones, and side stream separators are presented in this
section. The sites from which this test data were gathered are referred to
here as Plant A, B, C, D, etc. A description of each test site including
the particulate control equipment tested, the complete test data, and any
unusual emission testing or control device operational factors that impact
the validity of the test results are presented in Appendix C. Appendix C
also contains the references for complete test reports on each site.

The data base gathered during the course of this study was reviewed
extensively to assure that each test met two important criteria. First, all
of the PM emission tests were reviewed to determine if the test methods
complied fully with EPA Method 5 specifications. Those data found to have
been collected with emission test methods not meeting Method 5 specifica-
tions have not been included in this chapter or Appendix C.

Secondly, a thorough analysis of the remaining valid test data was
conducted to assure that no unusual boiler or control device operating
conditions affected the test results. The data was also evaluated in an
effort to characterize, as fully as possible, the important design and
operating parameters of each emission control system. Emission test data
collected under nonrepresentative conditions or data collected from systems
where critical control device design and operating parameters could not be
documented are generally not presented in this section. Exceptions to this
procedure were made in a few cases, however. Test data that can be used to
demonstrate an important point about control system performance (for
example, the performance of mechanical collectors at low boiler load) were
included in this section. Also, where no complete emission test data was
available, such as for ESPs on industrial oil-fired boilers, data from other
studies are presented and used to characterize control system performance.

Appendix C provides further information for the majority of the data
presented in this section. Appendix C also includes data that was collected
with valid test methods but was considered not to be representative of well
designed and operated systems. Specific documentation of why these tests

4-42



were not considered to be representative is specified in Appendix C.
Following such a procedure allows this section to focus primarily on
emission data that represents the PM control levels achievable with well
designed, operated, and maintained systems.

Method 5 tests are normally run at a sample box temperature of about
120°C (248°F). Method 5 specifications state that tests can be run at
higher temperatures as specified in individual emission standards [Subpart D
for fossil fuel fired industrial boilers larger than 73.3 MW (250 x 106
Btu/hr) allows temperatures up to 160°C (320°F)]. In many cases, variations
in sample box temperature across this range have 1ittle or no effect on the
amount of PM matter emissions measured. However, it appears that in
measuring particulate matter emissions from boilers firing high sulfur coal,
Tow sample box temperatures can lead to condensation of gaseous 503. This
condensation may result in a difference in measured emissions, depending on
coal sulfur content and sample box temperatures. Some of the emission data
in this section were taken at higher sample box temperatures of [up to 177°C
(350°F)] in an attempt to prevent 503 interference. Data collected at the
high sample box temperature is referred to as high temperature Method 5
data. High temperature data is presented and discussed where available.

This section concludes with a discussion of the available data on the
performance of post-combustion PM controls with respect to fine particulate
(Section 4.1.6.6) and data on visible emission (Section 4.1.6.7).

4.1.6.1 ESP Emission Data. This section presents data from emission
tests performed on 0il- and coal-fired boilers equipped with ESPs. The only
data available for ESPs on oil-fired units were gathered in a study of
utility boilers, but the technology is directly transferable to industrial
oil-fired boilers.

Particulate emission data from coal-fired industrial boilers equipped
with ESPs are shown in Figure 4.1-20. Method 5 data were collected for both
spreader stokers and pulverized coal-fired units. Specific collection area
(SCA) is the most important control system design and operating parameter
for ESPs. Figure 4.1-20 1ists both the design and operating SCA, as well as
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Figure 4.1-20. Electrostatic precipitator emission data.?

3411 tests ordered from left to right by increasing SCA
bA11 tests done on a hot side ESP
Cg-Bituminous coal, SB-Sub Bituminous coal
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coal sulfur content, boiler load during the test, and whether or not there
was fly ash reinjection during the emission test.

A11 but one of the tests were conducted on boilers with the ESP located
downstream of the air preheater (cold-side ESP). At Plant N, however, the
ESP is located upstream of the air preheater (hot-side ESP).

A11 of the emission tests shown in Figure 4.1-20 were conducted on
boilers firing low sulfur coals (1 percent sulfur or less). As discussed
earlier in Section 4.1.1, a larger collection area is generally required to
achieve a given particulate collection efficiency on Tow sulfur coal units
than on high sulfur coal units. Thus, the achievable emission control
levels shown in Figure 4.1-20 would be achievable on boilers firing high
sulfur coal with SCAs equal to or less than those shown.

Average emissions were less than 20 ng/J (0.047 1b/million Btu) in each
of the six tests of spreader stoker boilers equipped with ESPs. Each of the
spreader stokers tested had mechanical collectors operating upstream of the
precipitator. Operating specific collection areas of the cold side ESPs on
spreader stokers ranged from 419 to 1302 m2/(103m3/s) (128 to
397 £t2/10% acfm). The hot side ESP at Plant N operated with SCAs of 1774
to 2075 m2/(10%m>/s) (542 to 634 Ft2/10° acfm).

Six of seven tests on pulverized coal-fired boilers equipped with ESPs
averaged 23 ng/J (0.053 1b/million Btu) or less. A seventh test averaged
30 ng/J (0.070 1b/million Btu). Operating SCA's ranged from 295 to
1199 m2/103m3/s) (90 to 364 ft2/103 acfm). The highest average emissions
were observed from the ESP with the Towest SCA: Boiler 26 at Plant Z has an
SCA of only 295 m>/(10%m>/s) (90 £t2/10% acfm).

In summary, average emissions were 30 ng/J (0.07 1b/million Btu) or
less in all 13 tests. These emission levels were achieved despite
relatively lTow SCAs in four of the tests and despite the fact that the
boilers tested were burning lTow sulfur coal (1 percent or less).

The available emission data for oil-fired boilers equipped with ESPs
are considerably less well characterized with respect to SCA and boiler load
during the tests. Table 4.1-2 presents the emissions data, boiler size, and
fuel characteristics for seven utility boilers equipped with ESPs.
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TABLE 4.1-2. SUMMARY OF PARTICULATE EMISSION TEST DATA FOR
ESPs ON OIL-FIRED BOILERS*S

Boiler Controlled Control
Capacity Particulate Egissions Efficiency Fuel
Company (MWe) ng/J (1b/10" Btu) (%) % Sulfur % Ash Test Sponsor
Polaroid Corp. 10 23.7 (0.055) 40 0.7 - Industry
New Bedford 10 30.1 (0.070) 51 0.7 -
Boston Edison 48 48.6 (0.113) 38 2.4¢ - Industry
Mystic Station 48 64.5 (0.150) 57 2.4d -
48 12.9 (0.033 71 2.4d -
48 66.2 (0.154 - 2.3 -
48 66.2 (0.154 ¢ 2.3 -
Boston Edison 593 28.0 (0.065) 83 2.2 - EPA
Mystic Station 17.6 (0.041)€ ¢ 2.2 -
595 43.9 (0.102 69 2.2 .-
21.1 §0.049§e " ¢ 2.2 =
‘589 30.1 (0.070 78 2.2 -
19.4 (0.045)¢ - 2.2 -
Hartford Electric 119 30.1 (0.070) - 1.954 0.09 Industry
Light Co. 117 24.5 (0.057) - 1.8¢4 ~.07
Middletown Station 119 28.8 (0.067) - 1.794 0.37
United I1luminatipg Co. 406 64.5 (0.150) 1.803 0.08 Industry
Bridgeport Harbor ¢ 405 54,2 (0.126) 1.77 0.09
Conso]idatgd Edison 600 7.2 (0.017) 16 0.3 0.02 Industry
Ravenswood
Astoria® 320 3.5 (0.008) 51 0.3 - Industry
350 5.2 (0.012) 54 0.37 -
355 5.2 (0.012) 40 0.3 -
385 5.2 (0.012) 45 0.37 -

Agsp originally designed for coal.

bESP originally designed for coal, later modified for oil.

Csca = 375 ££2/10° acfm (design).

dOil additives used to prevent boiler fouling and corrosion.

€Based on EPA Method 5 high temperature method (320°F).

fEfficiency calculation based on low temperature Method 5 inlet and outlet data.



Most of the test data presented were performed by industry, however, as
noted in the table one series of tests were performed by EPA for the purpose
of this study. Most of the precipitators were designed to collect coal fly
ash. Generally, the collection efficiency of the ESP is lower when it is
used to control fly ash from oil combustion than when it is used to collect
coal fly ash. The Tower collection efficiency is due primarily to
differences in particle resistivity, size distribution, and surface
properties between 0il and coal fly ash. Thus, Targer ESP collection areas
may be required to achieve a given level of control when the boiler is
switched from coal to oil.

The Method 5 data in Table 4.1-2 shows controlled emissions ranging
from 3.5 to 66.2 ng/J (0.008 to 0.154 1b/106 Btu). The high temperature
Method 5 data collected at Boston Edison indicates that ESPs can achieve
emission levels of below 22 ng/J (0,05 1b/1068tu). The boiler was firing a
high sulfur oil (about 2.3 percent) and the ESP was originally designed to
collect fly ash generated from oil combustion. Average emissions for the
three EPA test runs at Boston Edison was 20 ng/J (.045 1b/1068tu).

4.1.6.2 Fabric Filter (FF) Emission Data. Data presented in this
section are for coal-fired boilers equipped with fabric filters. No data
were available for FF applications to oil-fired boilers.

Figure 4.1-21 shows emission test data for both spreader stoker and
pulverized coal-fired boilers. Included in Figure 4.1-21 are boiler load,
design and operating air-to-cloth (A/C) ratios, and percent ash in the fuel.
A1l tests were conducted on reverse-air cleaned fabric filters.

Average controlled emissions were less than 15 ng/J (0.035 1b/106 Btu)
in all four tests on spreader stoker boilers equipped with fabric filters.
Air-to-cloth ratios of the fabric filters tested ranged from 2.3 to 3.5
ft/min. Two tests on pulverized coal-fired boilers showed controlled PM
emissions of less than 16 ng/J (0.037 1b/106 Btu) with operating A/C ratios
of 1.5 and 2.2 ft/min.

4.1.6.3 Wet Scrubber Emission Data. Particulate emission test data
for spreader stoker and pulverized coal-fired industrial boilers equipped
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Figure 4.1-21. Fabric filter emission data.?

3717 tests ordered from left to right by increasing air-to-cloth ratio
bThis test includes a soot blowing cycle

4~48



with wet scrubbers are presented in Figure 4.1-22. Al1 of the data are for
wet scrubbers designed for combined SO2 and PM removal.

As discussed in Section 4.1.3, venturi and tray scrubbers are the most
suitable type of scrubbers for PM removal; test data were available for both
types of scrubbers. Higher gas-side pressure drop across the scrubber
generally results in lower controlled emissions.

Emission test data for wet scrubbers applied to pulverized coal-fired
industrial boilers are shown in the right sections of Figure 4.1-22,

Average controlled emissions in all 4 tests were less than 35 ng/J
(0.081 1b/10% Btu).

Emission test data for wet scrubbers applied to coal-fired spreader
stokers are shown in the left three sections of Figure 4.1-22. High
temperature Method 5 data are available for venturi scrubbers and tray-type
scrubbers. Average high temperature controlled emissions from the tray-type
scrubber tested (Plant AAA) is below 35 ng/J (0.08 1b/106 Btu) while average
high temperature controlled emissions from the venturi scrubber (Plant LL)
range from 45 ng/J (0.10 1b/10% Btu) to 38 ng/J (0.08 1b/10% Btu) for two
similar boiler scrubber combinations. Both plants have upstream mechanical
collectors as particulate precleaners prior to final particulate removal in
the SO2 scrubbers.

Average controlled emissions from two entra1nment type scrubbers
(Plant 0) were 82 and 104 ng/J (0.191 and 0.241 1b/10 Btu), at operating
scrubber pressure drops of 3 kPa (12 in. w.g.).

Limited test data is also available for wet scrubber systems applied to
utility coal-fired boilers. This data is presented in Table 4.1-3. The
scrubber systems tested are all designed for SO2 as well as PM removal.

4.1.6.4 Mechanical Collector Emission Data. Particulate emission data
for coal-fired boilers equipped with single and dual mechanical collectors
are presented in this section.

Figure 4.1-23 shows Method 5 data for single and dual mechanical
collectors installed on five spreader stokers, while Figure 4.1-24 shows
data for single mechanical collectors installed on three mass fed stokers.
Dual mechanical data were available only for one spreader stoker under
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Figure 4.1-22. Emission data for wet scrubbers.®
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Notes for Figure 4.1-22.

denturi tests ordered by increasing operating pressure drop.

A11 other tests ordered by decreasing percent ash in fuel.

b

PM and SO control devices

1.
2.
3.

(S0

~N
. .

Ventur/spray tower

95 percent efficient mechanical collector, FMC venturi dual
alkali scrubber.

Mechanical collector, multi-venturi flex tray dual alkali
scrubber.

Mechanical collector, Zurn entrainment type scrubber.

80 percent efficient mechanical collector, venturi dual alkali
scrubber.

Venturi/seive tray scrubber.

Mechanical collector, venturi dual alkali scrubber with cyclonic
separators.

CVenturi Ap/ sieve tray Ap.

d

Ap for venturi only.
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TABLE 4.1-3,

GENERATORS 48

DATA ON PARTICULATE SCRUBBING SYSTEMS INSTALLED OH COAL-FIRED UTILITY STEAW

Boller Iyge' Particulate 502 or 507 and System Pressure Orop Particulate Emissions thimber

and Size Control Separate Particulate Particulate Contro) Kilopascals at the Scrubber Outlet of Test

(X Sulfur) Before Scrubbing Contral by Scrubbing By Scrubbing (Inches 11,0) ng/J (1b7106 BTU) Tests  Hethod

125M-PC Mechanical Hone Venturi Scrubber 3.8 (15) 20-24 (0.046-0.055) 2 EPA S
{0.5) Carbonate

125M4-PC Mechanical None Yenturl Scrubber 3.8 (15) 22 (0.051) 2 EPA S
(0.5) Carbonate

125MM-PC . Mechanical None Yenturi Scrubber 3.8 (15) 14-18 (0.033-0.01) k] EPA 5
(0.5) Carbonate

350M4-PC Hone None Venturi{ Scrubber 4.5 (18) 8-10 (0.019-0.023) ] EPA §
(0.7) Lime

116MM-PC flechanical Flooded Disc Scrubber Packed Absorber 3.0 (12) 16 (0.037-0.038) 4 EPA S
{0.5) Lime

380MM-PC Mechanical None Venturi 2.5 (10) 19-21 (0.045-0.048) 2 EPA S
{2.)) and ESP

150M4-9C Mechanical None Venturi 2.5 (10) 9-30 (0.022-0.070) 10 EPA §
(2.1)

Diai M, Output

3p¢ = Pulverized Coa)
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Figure 4.1-23. Single and dual mechanical collector emission data
for spreader stokers.

3A1 tests ordered from left to right by increasing operating capacity
bSP-spreader‘ stoker
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Figure 4.1-24. Mechanical collector emission data for mass
fed stokers without fly ash reinjection.

3A11 tests ordered from left to right by increasing operating capacity.
bVG-vibrating grate stoker, CG-chain grate stoker, U-underfeed.
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relatively steady steam demand conditions. Although dual mechanical
collector data is limited, the available data falls within the range of
performance for single stage mechanical collectors.

Figures 4.1-23 and 4.1-24 suggests that mechanical collector perfor-
mance is extremely variable from plant to plant. This may be a result of
different boiler loads, cyclone tube diameters, coal types and operation and
maintenance procedures. Because of this variability, an estimation of
mechanical collector performance from this data is difficult. Figure 4.1-23
shows that average outlet emissions from mechanical collectors applied to
spreader stokers cover a wide range from 50 ng/J (0.12 1b/106 Btu) to
617 ng/J (1.43 1b/10° Btu).

Average controlled emissions in 10 of 12 tests on spreader stokers
equipped with single mechanical collectors were 340 ng/J (0.79 1b/106 Btu)
or less. The highest average emissions of these 10 tests occurred at low
boiler 1oad (16 to 17 percent). Two other tests on a spreader stoker
equipped with single mechanical collector averaged more than 430 ng/J
(1.0 1b/10° Btu).

Particulate emission data for single mechanical collectors applied to
chaingrate, vibrating grate and underfeed stokers is presented in
Figure 4.1-24. Average emissions from the vibrating grate stoker range from
180 to 230 ng/J (0.42 to 0.53 1b/106 Btu) while the limited underfeed stoker
data averages 31 ng/J (0.07 1b/106 Btu). Average particulate emissions from
the chaingrate stoker tested range from 65 to 79 ng/J (0.15 to
0.18 1b/10% Btu).

Only one test was available for mechanical collectors on oil-fired
boilers. Two Method 5 tests were performed at Plant ZZ on a 55,000 1b
steam/hr boiler firing No. 2 o0il. The boiler was operated at 67 percent of
capacity during the tests. The results show an average emission of 9 ng/J
(0.02 1b/106 Btu). Fuel oil sulfur content in this test was less than
1 percent, and ash content of the 0il was reported as "nil",

4.1.6.5 Side Stream Separator Emission Data. Particulate emissions
from spreader stoker boilers equipped with side stream separators are
presented in this section and Figure 4.1-25. No EPA tests were performed,
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Figure 4.1-25, Side stream separator emission data.?

3711 tests ordered from left to right by increasing operating capacity

bData presented are averages for all tests
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but industry has provided test results from seven stoker boilers using
retrofitted side stream separators. The side stream separator has not been
applied to pulverized coal-fired boilers or mass fed stokers.

The results show that under relatively steady state conditions, average
emissions from newly installed and adjusted collectors were less than
72 ng/J (0.17 1b/1068tu) at all seven locations. Average emissions during
the tests ranged from 52 ng/J (0.12 1b/1068tu) to 72 ng/J (0.17 1b/1068tu).
A1l emissions tests were performed using Method 5. The boilers tested
operated under relatively steady state conditions and at boiler loads at or
above 68 percent. No data was collected for low load or variable load
operations. Percent ash in the fuel varied from site to site and ranged
from 4.3 to 10.1 percent. The percent of the total flow sent to the
baghouse also varied from site to site and ranged from 15 to 37 percent. It
should be noted that extensive adjustment of the existing mechanical
collectors was required to achieve the emission levels shown in
Figure 4.1-25.53

4,1.6.6 Fine Particulate Collection Efficiency. In addition to the
overall collection ability of post-combustion PM control devices, another

important factor characterizing their performance is the ability to collect
fine and inhalable particulate matter. In general, inhalable particulate
matter is defined as that particulate matter having an aerodynamic diameter
of 15 microns or less, while fine particulate matter is defined as that
having of aerodynamic diameter of 2.5 microns or less. (These definitions
are used for discussion purposes only.)

This section presents the available data for the fine particulate
control capability of ESPs, fabric filters, wet scrubbers and dual
mechanical collectors. The limited data available for single mechanical
collectors were obtained with two different particle size methods and the
results were generally inconsistent. Therefore, data for single mechanical
collectors are not presented here; the ability of mechanical collectors to
capture fine particulate was discussed qualitatively in Section 4.1.4. No
data on the fine particulate collection efficiency of side stream separators
(SSS) were available. However, particle size testing on this device has
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indicated that the slipstream to the fabric filter has a high percentage of
particles less than 10 microns, and other data shows fabric filters to have
high collection efficiencies on small partic]es.so Thus, the SSS should
have higher fine particulate collection efficiencies than a mechanical
collector.

The data presented in this section indicate that high efficiency ESPs
and fabric filters show the greatest degree of control of fine particulate.
Venturi scrubbers offer limited control of fine particulate from spreader
stokers, but are fairly effective in controlling fine particulate from PC's.

Table 4.1-4 shows the available data for ESPs, fabric filters and wet
scrubbers. Also shown in Table 4.1-4 is the boiler type, fuel, and
available control device design or operating parameters. Data were
available for industrial spreader stoker and residual oil-fired boilers and
for utility pulverized coal-fired units.

Two ESPs, both operating on Tow sulfur pulverized coal-fired utility
boilers, showed 97.4 and 98.5 percent removal of fine particulate, respec-
tively. [Specific collection areas were 79 and 96 mz/m3/s, respectively].
Three tests were performed on a utility size spreader stoker equipped with a
reverse air fabric filter system. Fine particulate removal efficiency was
99.8 percent and above for all three tests. These data include the effect
on outlet emissions from the reverse air/mechanical shaker bag cleaning
system. ‘

Fine particulate collection efficiencies of venturi scrubbers on
utility pulverized coal-fired boilers ranged from 51.8 to 91.8 percent; two
of the three units were operated at 2.3 to 2.5 kPa (9 and 10 in. H20)
pressure drop. Data from one spreader stoker equipped with a venturi
scrubber, operating at 3 kPa (12 in. HZO) pressure drop, showed 35.3 percent
efficiency on fine particulate. Venturi scrubbers on two boilers firing
residual o0il showed fine particulate collection efficiencies of 44.7 and
49.5 percent.

An EPA-tested dual mechanical collector, operating on a high sulfur
coal-fired spreader stoker, collected virtually no fine particulate,

(<2.5 microns) but did collect 23.9 percent of the inhalable particulate
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TABLE 4.1-4. FINE PARTICULATE CONTROL EFFICIENCY FOR VARIOUS
PM CONTROL DEVICESQa

Fractional Collection
Efficiency %

Control Device Boiler Typec Fuel® of Particles <2.5 Control Device Parameters
ESP Utility - PC LsC 97.4 SCA = 79 mZ/m/s ( £t2/10° acfm)
Fabric Filter Utility - PC LSW 99.4 -
Fabric Filter Utility - PC ANTH 99.9 Teflon coated glass fabric; reverse-air cleaned
Fabric Filter Utility - SP LSC 99.9 Silicone coated glass; A/C = 1.9:1
" " " 99.9 ) VA/C = 2.5:1
" ! " 99.8 ! L A/C = 2.8:1
Venturi Scrubber Utility PC LSE 91.8 -
Venturi Scrubber Utility PC coar 79.3 ap = kPa (9 in. Hp)
Venturi Scrubber Utility PC Coa1 51.8 ap = KPa (10 in. H,0)
Venturi Scrubber Spreader Stoker HSE 35.3 Ap = kPa (12 in. "20)
Venturi Scrubber Industrial Residual 011 49.5 -
Venturi Scrubber Industrial Residual 0il 44.7 --

3Source: Sedman, Charles B. Memo and attachments to Industrial Boiler files.
Performance of Emission Control Systems on Fine Particulates. April 21, 1981.
(Reference 231).

bFine particulate defined as that particulate matter with an aerodynamic diameter of
2.5 microns or less.

Cpc = pulverized coal-fired.
LSC = low sulfur coal; LSW = low sulfur western coal.

ANTH = anthracite; LSE = low sulfur eastern coal
HSE = high sulfur eastern coal.

SP = spreader stoker

dCoal sulfur not specified.



matter (<15 microns). As discussed earlier, these tests may not be fully
representative of system performance due to air leakage, therefore, the
tests are not included in Table 4.1-4.

4.1.6.7 Visible Emissions. This section presents the available
visible emissions data for ESPs, fabric filters, wet scrubbers, mechanical
collectors and side stream separators. Table 4.1-5 1ists data obtained
using continuous transmissometers. Table 4.1-6 lists data obtained using
the EPA Method 9. Tests in which soot blowing occurred are noted in
Table 4.1-6.

The opacity of flue gas exiting the stack of industrial boilers
utilizing fabric filters, ESPs, and wet scrubbers for particulate emission
control was less than 10 percent for all data presented. Opacity data from
spreader stokers equipped with side stream separators showed opacities
ranging from 0 to 10 percent. The opacity of the stack gas from industrial
boilers utilizing mechanical collectors for particulate emission control
ranged from 5 to 35 percent depending to a large degree on the PM emission
level. The lower opacities were observed from a small underfeed stoker;
underfeed stokers generally have much lower uncontrolled emission rates than
spreader stokers.

Opacity evaluations in Table 4.1-6 indicate that, when soot blowing is
continuous or scheduled on a frequent and regular basis, soot blowing has
little effect on opacity. Additional data indicate that, during soot
blowing, opacity was not increased more than O to 4 percent.55
4,2 POST-COMBUSTION TECHNIQUES FOR SO2 CONTROL

Post-combustion techniques for controlling SO2 emissions from
industrial boilers are discussed in this section. The flue gas desulfuri-
zation (FGD) processes discussed are:

e Sodium Scrubbing
e Dual Alkali
e Lime and Limestone (with and without adipic acid addition)
e Dry Scrubbing
Each of these FGD systems is currently being used commercially to remove SO2

from industrial boiler flue gases with the exception of adipic acid enhanced

/
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TABLE 4.1-5.

OPACITY TRANSMISSOMETER DATA

Particulate

Boi%er Loag Mass Loadgng Opacity

Type of Boiler 10° 1b/hr® Control Equipment ng/Jd 1b/10° Btu Percent
Pulverized Coal 168 Fabric Filter 12.8 0.030 0
(P1ant KK) 166 8.4 0,020 0
164 7.8 0.018 0
215 7.8 0.018 0
173 6.4 0.015 0
189 4.3 0.010 0
167 2.5 0.006 0
185 3.2 0.007 0
170 3.2 0.008 0
Spreader Stoker 94 Mechanical Collector 670 1.55 35
(Plant UU) 96 610 1.42 35
95 600 1.40 25
94 570 1.34 30
94 540 1.26 25
88 500 1.16 25
95 450 1.05 25
93 450 1.05 25
95 420 0.99 25
Spreader Stoker 70 Mechanical Collector 400 0.931 10
(Plant VV) 70 360 0.839 10
72 360 0.842 10
71 350 0.827 10
56 300 0.690 10
61 260 0.596 12
60 250 0.577 11
70 240 0.553 10
69 220 0.516 10
49 220 0.513 10
52 180 0.426 10
16 160 0.380 11
Spreader Stoker 50 Mechanical Collector 3.9 0.009 <10
(Plant EE #2) 49 and Fabric Filter 6.5 0.015 <10
49 8.6 0.020 <10
Spreader Stoker 77 Mechanical Collector 3.0 0.007 <10
(Plant EE #4) 78 and Fabric Filter 4.3 0.010 <10
78 5.6 0.013 <10
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TABLE 4.1-5. (CONTINUED)

Particulate
Boi}er Loag Mass Loadgng Opacity
Type of Boiler 10© 1b/hr™ Control Equipment ng/J 1b/10° Btu Percent
Spreader Stoker 145 Mechanical Collector 7.7 0.018 <10
(Plant EE #5) 144 and Fabric Filter 16 0.038 <10
Vibrating Grate 78 Mechanical Collector 320 0.754 35
Stoker (Plant R) 78 290 0.667 19
55 260 0.595 11
77 250 0.574 23
58 240 0.557 30
80 210 0.490 29
57 210 0.488 12
79 180 0.424 19
71 180 0.421 19
78 170 0.393 32
59 160 0.372 12
57 150 0.354 12
59 140 0.328 12
58 140 0.319 12
Spreader Stoker 55 Sidestream- Separator 75 0.175 6
(P1ant BBB) 53 74 0.173 6
50 74 0.171 6
56 72 0.167 6
55 72 0.166 6
54 71 0.164 6
51 66 0.154 6
55 65 0.151 6
Spreader Stoker 37 Sidestream Separator 53 0.123 10
(Plant EEE) 34 52 0.120 5
Boiler #1 36 50 0.117 5
Spreader Stoker 40 Sidestream Separator 71 0.165 0
(Plant EEE) 41 66 0.153 0
Boiler #3 42 64 0.149 0
42 62 0.144 0.
40 61 0.143 0
40 59 0.136 0
41 54 0.126 0
40 53 0.123 0

45 team output from boiler.
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TABLE 4.1-6., OPACITY-EPA REFERENCE METHOD 9

Particulate
Boi%er Loa Mass Loadéng Opacityb
Type of Boiler 10 1b/hr® Control Equipment ng/J 1b/10° Btu Percent
Pulverized Coal 250 Fabric Filter 18 0.043 2.5¢
(Plant C) 250 15 0.034 2.5
250 14 0.032 2.5
Spreader Stoker 80 Fabric Filter 6 0.013 0
(Plant JJ)
(Pulse Jet Cleaning
Mode)
Spreader Stoker 75 Fabric Filter 5 0.011 <1
(Plant JJ) 4 0.010 0
(Reverse Air 4 0.009 0

Cleaning Mode)

Spreader Stoker 45 Fabric Filter 9 0.020 0c
(P1lant J2) 9 0.021 <1
10 0.023 <1
23 0.054 <1
Pulverized Coal 52 Scrubber 67 0.157 <1
(Plant I1) 47 0.109 <1©
28 0.066 <1
21 0.048 0
Residual 0il1 Fired 3744 ESP 44 0.102 5.73
(P1lant HHH) 3789 30 0.070 <1d
3735 28 0.065 8
Spreader Stoker 124 ESP 5.6 0.013 2.3
(Plant K-Boiler #9) 126 5.2 0.012 <1
124 4.3 0.010 <1
Underfeed Stoker 31 Mechanical Collector 30 0.09 <5
(P1lant H) 27 30 0.07 <5
28 26 0.06 <5
Spreader Stoker 75 Mechanical Collector 220 0.506 17
(Plant XX) 75 170 0.392 17
75 210 0.494 22
60 110 0.253 22
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TABLE 4.1-6. OPACITY-EPA REFERENCE METHOD 9 (CONTINUED)

Particulate

Boi%er Loag Mass Loadgng Opacityb

Type of Boiler 10 1b/hr™ Control Equipment ng/J 1b/10” Btu Percent
Spreader Stoker 90 Sidestream Separator 70 0.156 <1

(Plant FFF)

Spreader Stoker 31 Sidestream Separator 56 0.130 0
(P1ant DDD) 31 55 0.128 0
31 50 0.116 0
31 45 0.104 0

8steam output from boiler.
bAverage of six-minute readings.
“Included a soot blow cycle.

dSoot blown continuously.
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FGD. Each system relies on either a calcium- or sodium-based sorbent to
react with SO2 to form sulfite and sulfate salts, thereby removing SO2 from
the flue gas stream.

The following sections present a description of each system, and a
brief evaluation of their development status, applicability, and design and
operating characteristics. Continuous monitoring test data for each system
js presented in Section 4.2.5.

4,2.1 Sodium Scrubbing
Sodium scrubbing processes are capable of achieving high SO2 removal

efficiencies over a wide range of inlet SO2 concentrations. However, these
processes consume a premium chemical (NaOH or Na2C03) and produce an aqueous
waste for disposal which contains sodium sulfite and sulfate salts.

4,2.1.1 Process Description

4.2.1.1.1 System. Sodium scrubbing processes currently being used in
industrial boiler FGD applications employ a wet scrubbing solution of sodium
hydroxide (NaOH) or sodium carbonate (Na2C03) to absorb SO2 from the flue
gas. The operation of the scrubber is characterized by a low liquid-to-gas
ratio [1.3 to 3.45/m° (10 to 25 gal/1000 ft°)] and a sodium aTkali sorbent
which has a high reactivity relative to 1ime or Timestone sorbents.
Further, the scrubbing 1liquid is a solution rather than a slurry because of

the high solubility of sodium salts. The SO2 absorption reactions which
take place in the scrubber are:56

2 NaOH + SO2 +> Na2503 + Hy0 (4.2.1-1)
Na2CO3 + 502 +> NaZSO3 + CO2 (4.2.1-2)
Na2503 + SO2 + H20 +> 2NaHSO3 (4.2.1-3)

Simultaneously some sodium sulfite reacts with absorbed oxygen from the flue
gas to produce sodium sulfate:
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Na 503 + 1/202 + Na SO4 (4.2.1-4)

2 2

The scrubber effluent, therefore, consists of a mixture of sodium salts.

Solids storage and handling equipment are auxiliaries associated with
sodium scrubbing systems. Sodium reagent handling requirements include dry
storage, usually in silos. A conveyor system is generally used to transport
the reactant from the silo to a mixing tank, where the sodium alkali is
dissolved to produce the scrubbing solution. The solution from the mix tank
is pumped to a larger hold tank where it combines with the scrubber
effluent. The majority of the hold tank liquor is recycled to the scrubber
with a slip stream going to waste treatment and disposal. A simplified
process flow diagram is presented in Figure 4.2-1.

4.2.1.1.2 Development status. Sodium scrubbing systems are

commercialized technology; operating systems are in use on industrial
boilers ranging in size from 10 to 125 MW (35 to 430 x 106 Btu/hr) thermal
input. Table 4.2-1 presents a summary of operating sodium scrubbing systems
applied to U. S. industrial boilers. Currently 102 sodium FGD systems are
in operation on domestic industrial boilers, and 23 are in the planning or
construction stage.57

4.2.1.1.3 Applicability to industrial bojlers. Sodium scrubbing,

because it is simple both chemically and mechanically, can be applied to
boilers of varying size and type. The process has been applied to oil-
fired boilers as well as stoker and pulverized coal-fired boilers.

Future applications of sodium scrubbing systems may be limited by the
need to dispose of the sodium sulfite/sulfate waste liquor. As shown in
Table 4.2-1 the majority of sodium scrubbing systems in use today are
located in the California oil fields where the wastes are disposed of in
evaporation ponds or by deep-well injection. Systems in use at industrial
plant lTocations either reuse the waste liquor in various plant processes or
dispose of it in city sewers or by mixing it with fly ash and either ponding
or landfilling the waste liquor/fly ash mix. If wastes from future sodium
scrubbing systems cannot be disposed of by treating them in existing waste
water or ash disposal facilities, or by use as a plant process make-up
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TABLE 4.2-1.

PERFORMANCE DATA FOR OPERATING SODIUM SCRUBBING SYSTEMS 57

Ko.of (2)
. { ;utl Start-up FCD 50, Percrnt(z)
Installation/location Sorbent Type 43 Date Unics Inlet (ppm) Removal Waste Disposal

Alyeskas Pipeline NaOH o <0.1 6/77 1 150 96 oxidation/dilucion
Valdez, Alaska
Aocrican Thread Caustic waste c 1-1.95 1973 2 500 70 pond
Martin, NC
belridge 01l “NaOM [) 1.1 6/78 2 500 90 waste Jater treatment
McKittrick, CA
Canton Textiles Caustic waste c 0.8 6/74 1 500 70 pond/waste treatment
Canton, GA
Chevron Na;CO, (4] 1.1 7/78 k) 700 90 pond/vaste trestnent
Eakersfield, CA
{30 Na,C0, c 1 5/76 2 800 95 pond
Creen River, WY
Cenera)l Motors NaOH [< 0.7-2.0 9/74 2 1.438/10°BTU 86 clarify/adjust pH/
Davron, OH Lo sewer
Ceneral Motors NaOR [4 0.8 4776 2 - - combine vith ash/
Pontiac, Ml landfill
Ceneral Motors NaOK c 3.2 1972 2 2000 80 oxidize/nevtralize/
St. Louis, MO discharge
Ceneral Motors NaOH [ 1.2 6/75 [ 14/10° BTU 90 coabine with ash/
Tonawanda, NY landfill
Ceorgis Pacific Caustic waste B.C,0 1.5-2 1715 1 500 B0 to city severs
Orosett, AK
Gerty 01} Na2CO0y 4] 1.1 6/77-12/18 6 600 90-96 pond
BSakersfield, CA
Creat Southern Caustic wvaste B,C.O 1-2 1975 2 1000 85-90 ash pond
Cedar Springs, CA
1TT Rayonier Caustic waste B,O 2-2.5 1975 2 1200 BO-B5 to paper pracess
Fernandina, FL
Kerr-McGee Na3CO0y 0 0.5-5 6/78 2 -_ 98 pond
Trona, CA
Mead Paperbodrd Ka, €0, 0 1.5-3 1975 1 1500 95 to paper process
Stevenson, AL
Mobil 04l Na;CO, /NaOK o 2-2.5 1974 28 1500 90 pond
San Ardo, CA
Nekoosa Papers Caustic waste [« 1-1.5 2/76 2 600 90 wvaste trestment
Ashdown, AK
Northern Ohio Sugar NaOH c 1 10/75 2 - - pond
Freemont, OH
St. Regis Paper NaOH B,O <] 1973 1 - B0-90 clarification/
Cantonment, FL aeration
Texaco NaOH 0 1.7 11/73 32 1000 73 pond/wells/softening
San Ardo, CA and resuse
Texasgulf ¥a3C0, c 0.7 9/76 2 860 90 pond
Cranger, WY
(1) C=coal

O=o0il

B=bark

pC=petroleum coke

(2) S0,

from single point wet chemical

Inlet {ppm) and percent SO

removal are as reported to PEDCo

by“the FGD syster operator. Vg’lues reported may represent anything
1y determined nuubers to continuous

monitoring resuvlts and may or may not be obtained by approved

EPA methods.
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stream, costs associated with achieving a zero discharge waste will more
than likely 1imit the system's apph'cation.58 Treatment and disposal of
sodium scrubbing system wastes is further discussed in Chapter 7.
4.2.1.1.4 Availability/reliability. The three indices used in the
EPA Industrial Boiler FGD Survey to reflect this aspect of system perform-
ance are availability., operability, and reliability. These indices are

defined as follows:

Availability - Hours the FGD system was available (whether
operated or not) divided by the hours in the
period, expressed as a percentage.

Operability - Hours the FGD system was operated divided by
boiler operating hours in the period, expressed as a
percentage.

Reliability - Hours the FGD system was operated divided by the
hours the FGD system was called upon to operate,
expressed as a percentage.
Overall reliability of sodium scrubbing systems applied to industrial
boilers has generally been quite high. Data reported in the EPA Industrial
Boiler FGD Survey indicate that of the 22 industrial boiler installations

which have operating sodium scrubbing systems, 15 reported quantitative
reliability or operability indices that ranged from 89 to 100 percent with
an average of 97.8 percent. Of the 15 responses, 9 reported a 100 percent
reliability/operability and all but two reported reliabilities of greater
than 95 per‘cent.59

Of the seven installations that did not report quantitative reliability
indices, two reported that the FGD system had no problems, two reported
erosion/corrosion problems, one had down-time due to reconstruction, one had
mechanical problems with pump packings, and one system had no reported
comments.60

4.2.1.2 Factors Affecting Performance. For a given set of boiler
operating conditions, the 502 removal performance of a sodium scrubber
depends on two main factors: the amount of scrubbing liquid circulated
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through the scrubber (this is termed the liquid-to-gas ratio or L/G) and the
sorbent feed rate. Although design L/G ratios are dependent on the type of
gas-liquid contactor used by the process vendor, sodium scrubbing systems
have relatively Tow L/G ratios due to the high reactivity of the sodium
alkali. Sodium scrubbing L/G's are generally in the range of 1.3 to 3.49,/m3
(10 to 25 gal/1000 ft3) whereas typical L/G's for Time and limestone
scrubbers are in the range of 5 to 15¢/m> (35 to 100 gal/1000 ft3).81

The amount of fresh sorbent added to the system should be sufficient to
replace the spent sorbent discharged with the process waste-water stream.
If insufficient sorbent is added, the SO2 removal performance of the
scrubber will decrease. If more than the required amount of sorbent is
added, its concentration will build-up in the system and may eventually
result in chemical scale. In addition, adding too much fresh sorbent will
increase process operating costs. A pH controller is used to monitor the
sorbent feed rate. A pH measurement below a specified set point will result
in an increase in the sorbent rate whereas a high pH measurement will
decrease the sorbent feed rate.
4.2.2 Double Alkali

The double or dual alkali process uses a clear sodium alkali solution
for SO2 removal and produces a calcium sulfite and sulfate sludge for
disposal. Although double alkali processes produce a throwaway byproduct, a

regeneration step is employed to regenerate the active alkali for SO2
sorption.
4.2.2.1 Process Description

4.2.2.1.1 System. The double alkali processes developed in the U.S.
use lime as the calcium alkali, but other processes developed in Japan and
sti1l in the development stage in the U. S. use Hmestone.62 A simplified
flow diagram of a typical double alkali system is given in Figure 4.2-2,

The process can be divided into three principal areas: absorption,
regeneration, and solids separation. The principal chemical reactions for a
sodium/1ime double alkali system are illustrated by the following
equations:62

4-70



T~y

SCRUBBED GAS

SCRUBBER

P GAS TO STACK

SCRUBBER FEED

FLUE GAS I T X

SCRUBBER
EFFLUENT

LIME  H,0 /‘\

REACTOR
LIME

SLAKER }——»

S

+

\/[.LL

WASH
WATER

=

VACUUM
FILTER

= ¢

HOLDING TANK

WASTE
CALCIUM
SALTS

Figure 4.2-2. Simplified flow diagram for a sodium/lime double-alkali process. 63



Absorption

2 NaOH + 502 > Na2503 + H20 (4.2.2-1)
Na2C03 +80, Na2503 + CO2 (4.2.2-2)
Na,S0; + 1/2 02 > Na,S0, (4.2.2-3)
Regeneration

Ca(OH)2 + 2NaHSO3 > Na2303 + CaSO3 1/2 H20 + 3/2 H20 (4.2.2-4)
Ca(OH)2 + Na2303 + 1/2 H20 +  2NaOH + CaSO3 1/2 HZO(S) (4.2.2-5)

Ca(OH)2 + Na2504 + 2H20 +  2NaOH + CaSO4 2H20(s) (4.2.2-6)

In the scrubber, SO2 is removed from the flue gas by reaction with NaOH
and Na2C03, according to Equations 4.2.2-1 and 4.2.2-2. Because oxygen is
present in the flue gas, oxidation also occurs in the system, according to
Equation 4.2.2-3. Most of the scrubber effluent is recycled back to the
scrubber, but a slipstream is withdrawn and reacted with slaked Time in the
regeneration reactor according to reactions 4.2.2-4, 4,2.2-5, and 4.2.2-6.
The presence of sulfate in the system is undesirable in that it converts
active sodium to an inactive form, thus lowering 502 removal or increasing
sodium consumption for a fixed 502 removal.

The regeneration reactor effluent, which contains calcium sulfite and
sulfate is sent to a thickener where the solids are concentrated. The
thickener overflow is returned to the system, and the underflow containing
the calcium solids is further concentrated in a vacuum filter (or other
device) to about 50 percent or greater solids content. The solids are
washed, to reduce the soluble sodium salts in the adherent liquor prior to
disposal, and the wash water is returned to the scrubber.
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4.2.2.1.2 Development status. Several process vendors currently offer

double alkali systems commercially in the United States. Double alkali
systems are currently operating or planned for use at ten industrial boiler
sites, with the smallest application treating 230 Nm3/min (8100 scfm) and
the largest treating 8640 Nm3/min (305,000 scfm) of gas.65 Table 4.2-2
presents a summary of double alkali scrubbing systems applied to U. S.
industrial boilers.

4.2.2.1.3 Applicability to industrial boilers. A potential Timitation

of this technology. although not as severe as with the once through sodium
systems, is the need to dispose of the solid waste byproduct. The waste
consists of calcium sulfite and sulfate salts and generally contains from 30
to 50 weight percent water. Because of the high concentration of soluble
species in the scrubbing solution, the wastes will also contain soluble
salts (such as Na2503, Na2504, and NaCl1) as well as the relatively insoluble
calcium salts. However, the soluble salts content of the waste can be
reduced to less than 1 weight percent when the waste is washed to recover
the sodium.66

4,2.2.1.4 Reliability/operability. Since there are few double alkali
systems with long-term operating histories in the U. S., it is difficult to
assess the overall reliability of this technology. A limited amount of data
has, however, been reported in the EPA Industrial Boiler FGD Survey for
seven different industrial boiler sites, and that data indicates that

reported double alkali system reliability averages slightly higher than
67

90 percent.
4.2.2.2 Factors Affecting Performance. Fuel characteristics such as

the sulfur and chlorine content can have major impacts on the design and
operation of a double alkali system. Major operating variables include the
L/G ratio and alkali addition rate.

Combustion of Tow sulfur coal results in a higher ratio of oxygen to
sulfur dioxide in the flue gas than does combustion of high sulfur coal.
The high relative oxygen content promotes the oxidation of a high percentage
of sodium sulfite to sodium sulfate. Since sodium sulfate does not react
with hydrated 1ime in the presence of sodium sulfite, some active sodium is
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TABLE 4.2-2. SUMMARY OF OPERATING AND PLANNED INDUSTRIAL BOILER DOUBLE ALKALI SYSTEMS®®

vi-y

Vendor or Size No. of Fuel 502(]) 502(]) HWaste
Installation/Location Developer (SCFM) FGD Units  Type %S Inlet (ppm) Removal (%) Disposal
ARCO Polymers :
Monaca, PA FMC 305,000 3 C 3 1800 90 Landfill
Caterpillar Tractor Co. )
East Peonia, ILL FMC 210,000 q C 3.2 2000 90 Landfil)
Caterpillar Tractor Co. .
Juliet, ILL ZURH 67,000 2 c 3.2 2000 90 Landfill
Caterpillar Tractor Co. .
Mapleton, ILL FMC 236,000 5 C 3.2 2000 90 Landfill
Caterpillar Tractor Co. .
Morton, ILL Zueil 38,000 2 cC 3.2 2000 90 Landfi)®
Caterpillar Tractor Co.
Mossville, ILL JURN  -140,000 4 C 3.2 2000 90 Landf
Firestone Tire and
Rubber .
Pottstown, NY FMC 8070 1 C 2.5-3.G 1000 90.5 Landfil)
General Motors, Corp. .
Parma, OH G.M. 128,400 1 C 2.5 800-1300 90 Landfill
Grissom Air Force Base Neptune/ ) .
Bunker Hill, IN Airpol 32,000 1 C 3.0-3.5 --o-cm-- -- Landfill
Santa Fe Energy Corp. _
Bakersfield, CA FMC 70,000 ] 0 1.5 710 96 Landfill

(1) Inlet SO, and percent SO, removal are as reported to PEDCo by FGD system operators. Values reported may represent
anything from single poiﬁt wet chemical determinations to continuous monitoring results. Methods used to
determine the values reported may or may not be EPA approved.



lost in the regeneration step. This loss has the same effect as reducing
the sodium alkali feedrate. Oxidation can be minimized in Tow sulfur fuel
(<1 percent S) applications by using a dilute absorbing solution (active
sodium concentration less than 0.15 Molar). At the resulting Tow sulfite
concentrations, the sulfate will react with calcium to regenerate the
scrubbing liquor. For higher sulfur applications, (>1 percent S) oxidation
can be minimized by using a concentrated absorbing solution (active sodium
concentration greater than 0.15 Molar) and sulfate can be coprecipitated
with calcium su]fite.68

Chlorides absorbed from the flue gas are difficult to remove and can
cause problems if they build up in the system. The only mechanism for
chlorides to leave the system is in the liquor contained with the solid
waste. However, chlorides are recovered and recycled to the absorber when
the waste is washed to recover sodium. In addition to decreasing the
concentration of active alkali in the absorber, high levels of chlorides can
result in stress corrosion. A solution proposed by one vendor is to use a
prescrubber to remove chlorides before the double alkali system.69 The use
of a prescrubber with a separate Tiquor loop, however, could cause water
balance problems in the system. Since all the evaporation loss would occur
in the prescrubber, the only water loss from the double alkali system would
be the water occluded with the solid waste. This small water Toss would not
allow enough water addition for the normal cake washing (more than one
displacement wash), demister washing, pump seals, and lime s]aking.70

The effects of variable L/G, pH, and pressure drop on double alkali
process operation are shown in Figures 4.2-3 and 4.2-4 respectively.
Figure 4.2-3 illustrates the increase in SO2 removal performance due to
increased L/G. Typical double alkali L/G's range from about 1.3 to 3. 4z/m
(10 to 25 gal/1000 ft3). The effects of pH are shown in Figure 4.2-4. The
operating pH of the system can be adjusted by changing the sorbent feed rate
and/or adjusting the pH of the regenerated liquor. In general, as shown by
Figure 4.2-4, SO2 removals decrease rapidly below pH 6. High pH levels
(pH 9 or above) will result in calcium carbonate formation which can result
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in scale formation. Consequently, the operating pH of double alkali systems
is generally in a range of pH 6 to 8.68
4.2.3 Lime and Limestone

The 1ime and limestone FGD processes use a slurry of calcium oxide or
calcium carbonate to absorb SO2 in a wet scrubber. A calcium
sulfite/sulfate sludge is produced for disposal.

4.2.3.1 Process Description

4.2.3.1.1 System. The absorption of SO2 from flue gases by a 1ime or
limestone siurry involves both gas-liquid, and 1iquid-solid mass transfer.
The chemistry is complex, involving many side reactions. The overall
reactions are those of SO2 with 1ime (Ca0) or limestone (CaC03) to form
calcium sulfite (CaSO3 1/2 H20) with some oxidation of the sulfite to form
calcium sulfate (CaSO4 2H20). These reactions can be represented as
follows:

Lime

S0, + Ca0 + 1/2 H,0 + CaS05 1/2 H,0 (4.2.3-1)
S0, + 1/2 0, + Ca0 + 2H,0 ~ CaSO, 2H,0 (4.2.3-2)
Limestone

50, + CaCOy + 1/2 H,0 > CaSO3 1/2 H20 + €0, (4.2.3-3)
SO2 +1/2 0, + CaCO, + 2 H,0 » Cas0, 2H,0 + CO, (4.2.3-4)

The calcium sulfite and sulfate crystals precipitate in a reaction vessel or
hold tank which is designed to provide adequate residence time for solids
precipitation as well as for dissolution of the alkaline additive. The hold
tank effluent is recycled to the scrubber to absorb additional 502. A slip
stream from the hold tank is sent to a solid-liquid separator to remove the
precipitated solids from the system. The waste solids, which may vary from
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35-70 weight percent solids, are generally disposed of by ponding or
landfill. A simplified flow diagram is presented in Figure 4.2-5.

Auxiliary equipment associated with this process includes a reagent
preparation system. Reagent preparation may consist of Timestone grinding
and/or 1ime production. However, for most industrial boilers, due to their
small size, preground lime and limestone may be purchased and the feed
preparation system will then consist of storage silos and either 1ime
slaking or limestone slurrying equipment.

Addition of adipic acid to the FGD slurry can enhance SO2 removal and
improve the reliability and economics of 1ime and limestone FGD systems.
Adipic acid addition provides a buffering action which 1imits the drop in pH
that normally occurs at the gas/liquid interface during SO2 absorption.

This stabilized pH results in an increased mass transfer rate of SO2 into
the liquid phase. In addition, the capacity of the scrubbing Tiquor
available for reaction with SO2 is increased by the formation of calcium
adipate in so]ution.74 Adipic acid addition also increases Time or
limestone utilization. As a result, Timestone grinding requirements and
solid waste generation are somewhat lower than those for a conventional
limestone FGD system.75
4.2.3.1.2 Development status. Both lime and Timestone FGD technology
is demonstrated and commercially available. Lime FGD technology was first

used to control SO2 emissions on commercial boiler pilot plants in England
76

about 40 years ago. As shown by Table 4.2-3, there are currently two
operating systems on industrial boilers in the U. S.; one lime system
treating 2380 Nm3/min (84,000 scfm) of gas, and one limestone system
treating 1560 Nm>/min (55,000 sfcm) of gas.’®

In addition to industrial boiler use, some 34,000 Mwe of coal-fired
electrical generating capacity in the United States has been committed to
lime or Timestone scrubbing. This figure includes 28 facilities in
operation, 35 under construction, and another 16 in the planning stages

(i.e.,7gontract awarded, letter of intent signed, or requesting/evaluating
bids).
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TABLE 4.2-3. SUMMARY OF OPERATING LIME AND LIMESTONE ;YSTEMS
FOR U.S. INDUSTRIAL BOILERS AS OF MARCH 1978 7
New or Size Fuel
Process Vendor Company/Location retrofit scfm Type Sulfur (%)
Lime Koch Engineering Armco Steel R 84,000 Coal 0.8
Middletown, OH

Lime and Research Rickenbacker Air R 55,000 Coal 3.6
Limestone Cottrell-Bahco Force Base

Columbus, OH

490 percent design

SO2 removal with lime, lower with limestone.



Emission test results from an EPA test facility at the Shawnee Power
Station in Paducah, Kentucky have demonstrated an average SO2 removal of
97 percent for an industrial boiler-size, adipic acid enhanced, venturi/FGD
system. A 30 day test at the Rickenbacher AFB in Columbus, Ohio
demonstrated an average SO2 removal efficiency of 94 percent for an adipic
acid enhanced 1imestone FGD system. This test is discussed in more detail
in Section 4.2.5 and complete test data are presented in Appendix C. A
demonstration of this technology on a full scale utility boiler is currently
underway at Springfield City Utilities' Southwest Power Plant.

4.2.3.1.3 Applicability to industrial boilers. Both lime and
Timestone processes are applicable to industrial boilers. The processes use
readily available moderate priced sorbents. As with the double alkali
process, a potential limitation of the 1ime and limestone processes is the
requirement for disposal of the waste sludge byproduct. While the problem
associated with the presence of highly soluble salts in the waste is much
less severe than for the double alkali or once through sodium processes, the
increased land requirements associated with scrubber 'sludge disposal could
be 1imiting for some applications and must be evaluated on a site specific
basis.

The presence of adipic acid on the EPA's hazardous materials list
should not exclude its use as an FGD additive. Bioassay tests run on sludge
samples from the Shawnee facility show no significant difference in toxicity
between adipic acid enhanced system sludge and sludge samples from systems
without adipic acid. Additional studies on leachate toxicity have indicated
that sludge generated from systems using adipic acid show toxicity to be
well within EPA Timits.’®

4.2.3.1.4 Reliability/operability. Reliability of 1ime and 1limestone

FGD systems for industrial boiler applications is difficult to assess since
there are only two installed systems and only one of those, the Bahco system
located at Rickenbacker Air Force Base (RAFB), has been operational over a
long period of time. Scrubber performance at the RAFB facility has
generally been quite good except for the early stages of operation in which
several startup problems resulted in significant amounts of downtime. From
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November 1976 through December 1978, the RAFB system demonstrated that an
industrial boiler FGD system can operate with high reliability as it
operated 95 percent or more of the time during that period except for the
months of January, February and March 1978. During those three months,
system downtime was caused by a severe blizzard which resulted in the
freeze-up of several 11'nes.80 This problem can be mitigated or avoided by
insulating exposed lines and by keeping the slurry circulating through the
lines whenever possible during periods of downtime in severely cold weather.

4.2.3.2 Factors Affecting Performance. The removal of SO2 from
industrial boiler flue gas in a lime or limestone FGD system involves a
gas-liquid-solid mass transfer process and thus is more complex than the
once through sodium or double alkali FGD systems which involve only gas-
1iquid mass transfer in the scrubbing step. As a rule, a large portion of
the alkalinity required for SO2 removal in 1ime and limestone systems is
derived from solids dissolution in the scrubber. Since solid-liquid
reactions tend to be significantly slower than do liquid-liquid reactions,
it is advantageous to minimize the amount of solids dissolution required by
maximizing the amount of liquid phase alkalinity in the scrubber feed
liquor. For this reason systems which operate with high magnesium and
sodium concentrations but Tow chloride levels exhibit higher SO2 removals
than systems which are lower in soluble a1kah’n1’ty.81

Gas maldistribution can be a major problem in 1ime and limestone FGD
systems, particularly in large units. Unlike once through sodium and double
alkali systems, 1ime and limestone FGD systems normally utilize "open"
contactors such as spray chambers. While this practice helps to minimize
potential scaling and plugging problems often associated with 1ime and
limestone systems, it is susceptible to gas distribution problems. Portions
of the scrubber can become 1iquid phase alkalinity- limited due to gas
maldistribution even though the total alkalinity entering the scrubber is
sufficient for good 502 removal. Scrubber design should therefore

incorporate straightening vanes and/or open packing to promote good gas
distribution.
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Several design and operating variables should be considered in the
design of a lime or limestone FGD process. The effects of the following
major variables on SO2 absorption efficiency and/or overall process
operations are briefly discussed:

L/G Ratio - Higher SO2 removal efficiencies are achieved at higher
L/G ratios up to the point where flooding and poor gas distribution
occurs.82 Typical L/G's range from 5-~15 z/m3 (35-100 gal/1000 ft3).

Slurry pH - Higher SO2 removal efficiencies are achieved with
higher pH levels. Since scaling can occur at high pH's (pH greater than 9)
typical control points for a Time system are in the pH 8-9 range. Because
limestone systems are buffered, they typically operate in the pH 5-6
range.83

Effects of Soluble Species - The concentration of dissolved ions
in the scrubbing slurry directly affects the 1iquid phase alkalinity and
hence the system's ability to remove sulfur species from flue gas. For a
given set of operating conditions, high concentrations of Na+ and Mg++ will

improve the SO2 removal efficiency and high concentrations of C1 will reduce
.. 84
it.

Ash Removal - Although fly ash can be removed simultaneously with

502, the trend has been to remove it upstream for the following reasons: to
decrease erosion in the scrubber and associated equipment such as pumps,
piping, nozzles, and fans; to provide dry fly ash for sludge fixation; and
to avoid particulate emission excursions during periods of scrubber
inoperation.85
Oxjdation - Forced oxidation systems increase the amount of
calcium sulfate (gypsum) in the waste which is produced by sparging air into
the system. A high sulfate sludge is more easily dewatered and has better
structural properties than does the more difficult to handle thixiotropic

calcium sulfite s1udge.86

Application of forced oxidation to FGD systems
using adipic acid additive may result in degradation of the adipic acid in

the slurry.
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4.2.4 Dry Scrubbing

Dry scrubbing processes that appear to be applicable to industrial
boilers include spray drying of a lime or sodium sorbent, and firing of a
pelletized or pulverized coal and Tlimestone mixture. Each of these
processes produce a dry waste product for disposal. The use of the
coal/Timestone fuel mixture is discussed in Section 4.6.

4.2.4.1 Process Description

4.2.4.1.1 System. In a spray drying process, flue gas is contacted
with a solution or slurry of alkaline material in a vessel of relatively
Tong residence time (5 to 10 seconds).87 Generally the particulate matter
(fly ash) has not been removed prior to entering the absorber, and the spray
drying process acts as a combined particu]ate/SO2 removal system. The flue
gas SO2 reacts with the alkali solution or slurry to form liquid phase salts
which are dried to about one percent free moisture by the heat in the flue
gas. These solids, along with fly ash are entrained in the flue gas and
carried out of the dryer to a particulate collection device such as an ESP
or baghouse. Systems using a baghouse for particulate removal report
additional SO2 sorption occurring in the baghouse. A generalized diagram
for a typical spray drying process is shown in Figure 4.2-6.

Reaction between the alkaline material and flue gas SO2 proceeds both
during and following the drying process. The mechanisms of the SO2 removal
reactions are not well-understood. It has not been determined whether SO2
removal occurs predominantly in the liquid phase, by absorption into the
finely atomized droplets being dried, or by reaction between gas phase SO2
and the slightly moist spray-dried solids. The overall chemical reactions
for this process are shown be1ow.89

SO2 + Na2 CO3 +> Na2503 + CO2 (4.2.4-1)
or

SO2 + Ca0 + 1/2 H20 +> CaSO3 1/2 H20 (4.2.4-2)
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In addition to these primary reactions, sulfate salts will be produced by
the following reactions:

Na2503 +1/20, » Na2504 (4.2.4-3)

503 + Na2C03 > Na2504 + CO2 (4.2.4-4)
or

502 + Ca0 + 1/2 02 + 2H20 +> CaSO4 2H20 (4.2.4-5)

Liquid to gas (L/G) ratios for spray drying are typically 0.03 to
0.042/m3 (0.2 to 0.3 ga]/],OOOfts). This Tow liquid rate is not sufficient
to saturate the gas. Gas exit temperatures are typically in the 65-93°C
(150 to 200°F) range which provides a safe margin against water
condensation.90 :

4.2.4.1.2 Development status. Spray drying technology for removing
SO2 from boiler flue gas has been limited to pilot-scale testing of
industrial boiler sized systems [280 to 560 m3/min (10,000 to 20,000 acfm)]
at several utility locations burning Tow sulfur western coals. This
technology is being commercially offered by several vendors, and five spray
drying FGD systems have been sold for industrial boiler applications. These
systems are being applied to boilers burning coals with a fairly wide range
of sulfur contents (0.6 to 3.5 percent S). Table 4.2-4 summarizes the
commercial spray drying systems sold for application to industrial boilers.
In addition eleven full-scale utility systems have been sold. The utility
systems are being applied to low sulfur (less than 2 percent) coal-fired
units and 502 removal guarantees from the vendors are as high as 90 percent.
However, it still remains to be shown whether spray dryer systems will be
able to achieve high 502 removal efficiencies when applied to full scale
industrial boiler installations firing a range of coal types.

4.2.4.1.3 Applicability to industrial boilers. Spray drying
technology is an applicable SO2 control method for all industrial boilers
firing Tow to medium sulfur fuels (less than 3 percent sulfur). However,
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TABLE 4.2-4. SUMMARY OF INDUSTRIAL BOILER SPRAY DRYING SYSTEMS 91

Fuel SO2 Removal
Company Size Guaraq}ee
Location Vendor Sorbent (1b steam/hr) Type % Sulfur (%)
Strathmore Paper Co. Mikropol Lime 85,000 Coal 2 to 2.5 75% on 3% S coal
Woronoco, MA
(operating)
Celanese Wheelabrator- Lime 110,000 Coal 1 to 2 85% on 2% S coal
Cumberland, MD Frye/
(operating) Rockwell Int.
University of Carborundum Lime 2 units @ Coal 0.6 to 70%
Minnesota Environmental 120,000 acfm 0.7
Minneapolis, MN Systems, Inc. each
Department of Energy Niro Atomizer, Lime 170,000 Coal 3.5 80% ¢
Argonne, IL Inc./Jdoy- (1.2 1b 502/10 Btu)
Western
Precipitation
Division
Container Corp. Ecolaire, Inc. Lime 170,000 Coal 1 NA

Pittsburgh, PA

NA = Not available.

vendor design guarantees under specific operating conditions.



the technical and economic viability of this process is not clear for
applications requiring high 302 removals for coals containing greater than
three percent sulfur.

The potential for condensation in downstream particulate collection
equipment, especially during system upsets, is also a concern. Condensation
problems may be avoided by bypassing the fabric filter during system upsets
and by maintaining spray dryer outlet temperatures at an adequate margin
above the adiabatic saturation point. The effects of condensation on
downstream equipment and system performance using varying quality coals are
questions that will be resolved only after additional operating experience
is obtained in either utility or industrial boiler applications.

4.2.4.1.4 Reliability/operability. Since dry scrubbing is a
relatively recent innovation in industrial boiler FGD, no data is available
on the Tong-term commercial reliability or operability of these systems.

However, since they are less complex mechanically and no more complex
chemically than wet calcium or sodium-based scrubbing systems, they should
ultimately prove to be at least as reliable and operable.

4.2.4.2 Factors Affecting Performance. The performance of a spray
dryer FGD system depends on several factors, the two most important being
the L/G and the stoichiometric ratio of sorbent to 502. Unlike a wet
scrubbing system the amount of water that can be added (the L/G) is set by
heat balance considerations for a given inlet flue gas temperature and
approach to saturation. Typical L/G ratios range from 0.03 to 0.04z/m3
(0.2 to 0.3 gal/1000 ft3). The sorbent stoichiometry is varied by raising
or Towering the concentration of a solution or slurry containing this set
amount of water. As sorbent stoichiometry is increased to raise the level
of SO2 removal, there are two potentially limiting factors:87

e Sorbent utilization may decrease, raising sorbent and disposal
costs per unit of 502 removed.
® An upper 1imit on the solubility of the sorbent in the solution,

or on the weight percent of sorbent solids in a slurry may be
reached.
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Methods of circumventing these limitations include recycling sorbent,
either from solids dropped out in the spray dryer or from the particulate
collection device92 and operating the spray dryer at a lower outlet
temperature; that is, at a closer approach to saturation.88

Based upon pilot unit test results, high SO2 removals (up to
90 percent) can be achieved for lTow-sulfur coal applications, using either
lime or sodium-based sorbents. Stoichiometric ratios of 2.3 to 3.0 were
required for 1ime operations whereas stoichiometric ratios of only 1.0 to
1.2 were required to achieve the same SO2 removal for sodium operations. It
has also been reported that 90 percent 502 removal may be achijeved with a
stoichiometric 1ime requirement of 1.3 to 1.7 by recycling some of the
unreacted sorbent.93 A sodium-based system should be able to achieve higher
SO2 removals than 1ime based systems on high sulfur coals due to the greater
reactivity of sodium hydroxide or sodium carbonate compared to lime.

Spray dryer design can also be affected by the choice of the particu-
late collection device. Bag collectors may have an advantage over ESPs in
that unreacted alkalinity in the collected waste on the bag surface can
react with the remaining 502 in the flue gas. Some process deve;Zpers have

A
disadvantage of using a bag collector is that since the fabric is somewhat
sensitive to wetting, a safe margin above the saturation temperature (on the

reported SO2 removal on bag surfaces on the order of 10 percent.

order of 20 to 35°F) must be maintained for bag protection. Some vendors
claim that ane ESP is less sensitive to condensation and hence can be
operated closer to saturation (less than a 25°F approach) with associated
increase in spray dryer performance. However, they feel that SO2 ;gmova]
within the collector is not 1ikely to be as high as in a baghouse.
4.2.5 Emission Reduction Data

This section presents continuous SO2 emission monitoring data for five

wet FGD systems and a lime spray drying system. Emission data for the wet
FGD systems are representative of the 502 removal capability of well
designed, operated and maintained industrial boiler FGD systems. ATl
sampling and analyses were conducted in accordance with the procedures
specified in 40 CFR 60 Appendix A.
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As with the particulate matter emission data, tests not considered to
be representative of well operated FGD systems are not presented in this
chapter, but are included in Appendix C along with documentation of the
reasons why they were not considered to be representative. Three such tests
of wet FGD systems are discussed in Appendix C.

4.2.5.1 Emission Reduction Data for Wet FGD Systems. This section

presents the results of five continuous S0, emission monitoring tests of
industrial boiler wet FGD systems. A1l of the tests were conducted by EPA.
Data were collected for two dilute double alkali systems, one sodium
throwaway system, a lime system, and a limestone system with adipic acid
addition. Table 4.2-5 summarizes the five test programs and daily average
results are shown in Figures 4.2-7 to 4.2-11. Hourly results and detailed
descriptions of tests procedures can be found in the references cited in the
Appendix C discussions of each of the test sites. Figures 4.2-7 to 4.2-11
show the 24-hour average SO2 removal, boiler load, and scrubbing slurry pH.
Only days with 18 hours or more of test data are presented; missing days
(days where 18 hours of data were not obtained are indicated by a break in
data shown in Figures 4.2-7 to 4.2-11.

Table 4.2-5 shows that each system averaged more than 90 percent SO2
removal over the test period. In addition, average outlet SO2 concentra-
tions for each test period were 192 ng/J (0.45 1b/106 Btu) or less.

Thirty days of continuous emissions data were gathered at the sodium
throwaway scrubbing system at Location I. Figure 4.2-7 shows consistent
high SO2 removal, averaging 96.2 percent for the test period. Table 4.2-5
shows that daily average inlet SO2 concentrations ranged from 1961 .to
2480 ng/J (4.6 to 5.6 1b/1068tu). The scrubbing solution pH was
consistently maintained at about pH 8. As discussed in Section 4.2.1.1,
proper pH control is important maintaining the sorbent feed rate required
for the desired SO2 removal.

Figures 4.,2-8 and 4.2-9 show daily average results for two similar
double alkali systems at Location III. The two systems averaged 91.6 and
92.2 percent SO2 removal over the respective 17- and 24-day test periods.
Daily average inlet SO2 concentrations ranged between 1235 and 2000 ng/J
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TABLE 4.2-5. SUMMARY OF CONTINUOUS SO EMISSION DATA

AT FIVE INDUSTRIAL BOILER WET FGD SYSTEMS

24-hr Average Results

Inlet SO, (ng/J)¢ " Qutlet SO, (ng/d)¢ % S0, Removal
2 2 2
System No. of b d d T
Location Type Days of Data Range Average Range Average Range Average Comments
I Sodium Throwaway 30 1961-2480 2348 54.267 87 88-98 96 Tray & quench liguid scrubber;
coal sulfur = 3.6%
I11/No. 1 .pouble Alkali 17 1235-2000 1646 81-213 138 88-95 92 Two Tray scrubber; Design
pH = 5.5 to 735; Design
L/G = 2.7 &/m”;
IT1/No. 3 Double Alkali 24 1180-2285 1606 37-446 128 74-97 92 Same design as Locatfon III/A.
v Lime 29 1927-2432 2250 94-294 192 88-96 91 Two “inverted venturi stages;
Coal Sulfur = 3.5%.
v Limestone with 30 1333-2765 2125 56-262 122 90-97 94 Coal sulfur 2.2 to 3.5%;

Adipic Acid Addition

Mipic Acid concentrations of
1770 to 3000 ppm.

aMore complete descriptions, data testings, and references for test reports can be found in Appendix C.
%My&ﬁwﬂhwmmormmofmﬂduauemmnm.

Bivide by 430 to convert to 1b/10° Btu.

dArithmetic mean of 24-hr averages for test perfod.
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(2.9 and 4.7 1b/106 Btu) at Boiler No. 1 and between 1180 and 2285 ng/J
(2.8 and 5.3 1b/106 Btu) at Boiler No. 3. The scrubbing slurry pH for both
systems was maintained close to pH 6 during the test periods. The desired
operating pH of most double alkali systems is pH 6 to 8 (Section 4.2.2).
The design pH for the systems at Location III is pH 5.5 to 7.5 and the
design L/G ratio is 2.7¢/m> (20 gal/10° £3).

The lowest SO2 removals observed at Location III, Boiler No. 3 (Test
days 9 and 10 in Figure 4.2-9) were during FGD system start-up after the
scrubber had been taken off-1ine due to low boiler load requirements at the
plant.

Figure 4.2-10 shows the daily average results of tests of a lime
scrubbing system at Location IV. Average SO2 removal for the period was
91.5 percent and daily average inlet SO2 concentrations ranged between 1927
and 2432 ng/J (4.5 and 5.7 1b/106 Btu). The Towest SO2 removals were
observed during the last few days of testing when the scrubbing slurry pH
dropped below pH 6. As discussed in Section 4.2.3, typical control points
for lime systems are more often in the pH 8 to 9 range. Figure 4.2-10 shows
generally higher SO2 removals for the periods during which slurry pH was
maintained near pH 8.

Figure 4.2-11 presents the results of 30-days of testing at Location IV
during which limestone reagent was used (instead of 1ime) and adipic acid
was added to the scrubbing solution. These data show an average SO2 removal
of 94.3 percent for the test period. High SO, removals were obtained over a
wide range of boiler loads. Adipic acid concentrations in the slurry ranged
from 1770 to 3000 ppm and slurry pH was maintained near pH 5. Inlet SO2
concentrations ranged from 1333 to 2765 ng/J (3.1 to 6.4 1b/106 Btu).

The data in Figure 4.2-11 indicate that adipic acid addition contri-
butes to high 502 removals and, with proper pH and adipic acid addition
control, low variability in system performance. Previous testing of the FGD
system at Location IV with Timestone slurry had shown SO2 removals between
50 and 70 percent. It should be noted that adipic acid addition may not
have been solely responsible for the improved SO2 removal efficiency since
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the 1imestone only tests appeared to have been conducted at conditions
outside the design range of the system (See Appendix C).

4,2.5.2 Emission Reduction Data for Lime Spray Drying System.
Figure 4.2.12 illustrates the daily average results for SO2 emission
monitoring of the 1ime spray drying system at Location VI. Removal

efficiencies ranged from 46 to 80 percent. Inlet SO2 removal efficiency
averaged 68.4 percent over the test period. SO2 concentrations averaged
1492 ng/J (3.5 1b/1068tu) and ranged from 1118 to 1905 ng/J (2.6 to
4.4 1b/]06 Btu). Outlet concentrations had a range of 339 to 702 ng/J (0.8
to 1.6 1b/1068tu) while averaging 460 ng/J (1.1 1b/1068tu). Figure 4.2-12
shows SO2 removal efficiencies averaging 75 percent on the days when average
daily SO2 concentrations were 1720 ng/J (4.0 1b/106 Btu) or greater. The
somewhat variable performance of the spray dryer can be attributed in part
to various system upsets that occurred throughout the testing period. These
upsets include slurry pump problems, spray dryer plugging and boiler load
fluctuations. Over the last six days of the testing program, a period in
which no upsets occurred, the average daily SO2 removal remained near
80 percent.232

The average sulfur content of the coal fired during the test was near
2 percent, which is the coal sulfur content the system was designed for. No
data were available for spray drying systems applied to high sulfur coal-
fired boilers.
4.3 COMBUSTION MODIFICATION TECHNIQUES FOR NITROGEN OXIDE (NOX) CONTROL

NOx emissions from industrial boilers are generally classified as one
of two types:

e thermal NOx (formed by the reaction of atmospheric nitrogen and
oxygen in the combustion zone)
e fuel NOx (formed by the reaction of fuel nitrogen and oxygen in
the combustion zone).

N0x includes both NO and NOZ' The Tatter species is typically about
5 percent of the total N0x emissions, although some data indicates that the

NO2 fraction may be somewhat Tower for coal- and oil-fired units than for
gas-fired units.97
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The formation of thermal NOX increases with increases in excess air,
flame temperature, and residence time in the high temperature zone of the
boi]er.g6 Fuel NOX formation occurs at a much lower flame temperature than
those required to form thermal NOX and thus emissions do not generally vary
with flame temperature.

The rate of formation of both thermal and fuel NOx is dominated by
combustion conditions and thus is amenable to suppression through modifica-
tion of the combustion process. The following combustion modifications have
been investigated as N0X control measures for industrial boilers:

e Low excess air (LEA)

e Staged combustion (SC)

e Flue gas recirculation (FGR)

o Low N0X burners (LNB)

e No combustion air preheat or reduced air preheat (RAP)
e Ammonia injection

The mechanism by which each of these techniques reduces NOX formation
and/or emissions, the applicability of the technique to new industrial
boilers, the design or operating factors which influence the N0x reduction
performance of the control technique on an industrial boiler, and any impact
these controls may have on the design and operation of the boilers is
discussed in Subsections 4.3.1 through 4.3.6. Data of the type reported for
FGD systems is not available for NOx combustion modification reliability/
operability. However, a number of qualitative factors or concerns which may
impact the operability of these techniques are discussed in the following
sections. Both short- and long-term performance data are available for LEA,
SC, FGR, and RAP applied to various industrial boiler types and fuels.

These data are presented and discussed in Subsection 4.3.7. No performance
data for ammonia injection were available for operating commercial boilers.
4.3.1 Low Excess Air

Burner and boiler manufacturers usually recommend the lowest excess air
Tevel consistent with safe operation and prevention of smoke for a given
burner/boiler/fuel combination. However, industrial boilers normally
operate with excess air levels above those recommended by the burner or
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boiler manufacturers. For example, a gas/oil burner designed to operate
with 10 to 15 percent excess air often operates with 20 percent or more.
This additional combustion air provides a safety margin designed primarily
to prevent smoke emissions during sudden load surges. It also allows for

98

minimal operator supervision and simple combustion air control equipment.
This additional excess air, however, provides extra oxygen to the flame
zone, and results in increased NOx formation. Excess air levels higher than
the manufacturer's specification also reduce the thermal efficiency of the
boiler by increasing the volume of heated gas released to the atmosphere.99

In Tow excess air (LEA) operation the primary combustion air flow is
reduced; with less combustion air, both thermal and fuel NO_ formation are
r‘educed.]00 In general, the further the excess air is redﬁzed on a given
boiler, the lower the NOx emissions.101

4.3.1.1 Process Description

4.3.1.1.1 System. LEA operation is achieved by reducing combustion
air flow to the windbox serving conventional burners. Air flow control to
the windbox of gas- and oil-fired firetube and packaged watertube boilers is
accomplished by closing the inlet vanes of constant speed forced draft fans
or by closing the vanes at the windbox inlet (if these are provided), or
both. Figure 4.3-1 illustrates the location of the fan and windbox inlet
vanes on two typical arrangements of single-burner packaged boilers. 1In
lTarger gas- and oil-fired industrial boilers equipped with variable speed
induced and forced draft fans, the speed of both fans is controlled to vary

97 Since

the airflow while maintaining the design pressure in the furnace.
pulverized-coal and large gas- and oil-fired boilers are generally
multiburner units, combustion air control requires a compartmented windbox,
and the desired excess air level is obtained by altering the speed of the
fans. For stoker coal-fired boilers, LEA operation can be achieved by
reducing the undergrate air flow. This is accomplished by adjusting the air
vanes and the speed of the fans.]01

4.3.1.1.2 Development status. Low excess air controls are currently

being applied to many types of boilers to improve thermal efficiency and
reduce fuel costs.

4-102



FAN

X
MOTOR
\ h FAN
] INLET
i VALVE
> CONTROL
It O‘,: 4 LINKAGE
1 - NN
. _./|4] T BURNER
— COMBUSTION
() ——— AIR ADJUSTMENT
. ASSEMBLY
WINDBOX
{A) CONTROLLING AIR FLOW TO THE INLET VANES
BURNER WITH FORCED DRAFT FAN
INLET VANES BQ;NER
Al N\
h S
FAN/MOTOR 3
~ ASSEMBLY 3
“~
‘\
CONTROL — | T
LINKAGE //F
d e,
:: COMBUSTION
AIR ADJUSTMENT
| ASSEMBLY

-{B) .CONTROLLING AIR FLOW TO THE
BURNER WITH WINDBOX INLET VANES

Figure 4.3-1. Schematics of two single burner units for packaged
boilers showing location and control of combustion
airflow vanes.

4-103



Recently, manufacturers have been marketing oil- and gas-fired burners
designed specifically for LEA firing. These are termed LEA burners
(distinct from the low NOx burners discussed in subsection 4.3.4). These
burners can safely support complete combustion at oxygen levels lower than
those of conventional burners.98 These burners are already being installed
on new industrial boilers, primarily to improve boiler thermal efficiency in
light of escalating fuel costs.98

4.3.1.1.3 Applicability to industrial boilers. Low excess air

techniques are applicable to all industrial boiler types and fuels. In all
cases, an oxygen trim system is recommended to ensure safe, efficient,

continuous operation of the boiler with no smoke.]01

Commercially available
oxygen trim systems permit automatic LEA operation throughout the boiler's
load range. Excess air in the boiler is measured by the excess oxygen
concentration in the flue gas. A discussion of the relationship between
excess air and excess 02 is presented in Reference 102 (p.6-9). The oxygen
trim system, which consists of in-stack 02 and CO monitors that control
airflow to the windbox, is currently being used in the field. Proper
maintenance of these monitors is important to maintaining good combustion.
For stokers clinker formation is a potential concern during LEA
operation. If the undergrate airflow is maintained sufficiently high

clinkers should not form on the grate.]03

The use of an oxygen trim systems
will help ensure reliable continuous operation at the proper 02 level.

4,3.1.2 Factors Affecting Performance. For a given set of boiler

operating conditions the NOx reduction performance of LEA depends directly
on the excess combustion air setting -- the larger the reduction in excess
air, the greater the decrease in NOx emissions. For coal the reduction of
one percentage point in 02 concentration, from a typical normal operating
level of between 5 and 10 percent 02, represents about a 10 percent
reduction in excess combustion air requirements. For oil and gas the one
percent drop in 02 concentration (from a normal operating Tevel baseline of
between 4 and 8 percent 02) represents a 5 percent reduction in excess air

requirements.101
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Long-term emission tests conducted by EPA demonstrate the NOx reduction
performance of LEA. The continuous monitoring data for residual oil and
spreader stoker boilers, discussed in Section 4.3.7, show that the partial
correlations between NOx emissions and excess oxygen (that is, the correla-
tions between emissions and excess oxygen with boiler load variations
factored out) are statistically significant and positive.

The effectiveness of LEA in reducing NOx emissions from industrial
boilers varies with fuel type and boiler design. Operation at LEA levels is

104 Since a

generally more effective in reducing the thermal NOX component.
large part of the total N0x emissions from coal- and residual oil-fired
boilers are due to fuel NOx formation and since LEA operation primarily
impacts thermal NOX, there is a 1imit to the degree of total NOX reduction
that can be achieved through LEA on coal- and residual oil-fired boilers.
This point is discussed further in Section 4.3.7.

Although it is desirable to reduce combustion air as much as possible
for NOX control purposes and to reduce fuel costs, the excess air level must
be maintained above minimum levels to avoid incomplete combustion and
corresponding higher emissions of CO, HC, and smoke. The minimum excess air
levels achievable without measurable increases in CO, HC, and smoke
emissions vary according to the fuel burned, the firing mechanism, and the
boiler operating load. Table 4.3-1 presents the excess oxygen levels, based
on numerous field tests of existing industrial boilers, that are considered
indicative of minimum levels for safe operation at firing rates above 80

percent of rated capacity.]02

TABLE 4.3-1. SAFE OPERATING LEVELS FOR LEA

Minimum excess 02 Typical normal
Fuel/firing type (percent) excess 0, (percent)
Natural gas 0.5 -3 4 - 8
011 2 -4 4 -8
Coal/Pulverized 3 -6 5-9
Coal/Stoker 4 - 8 6 - 11
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Also 1isted for comparison, are typical normal operating excess 02 levels
for industrial boilers. The actual minimum excess 02 concentration marking
the onset of incomplete combustion varies with boiler load, and generally
increases as the load is reduced.97 Fuels with low carbon/hydrogen ratio,
such as natural gas, can achieve lower excess air levels than heavy oil and
coal before increases in CO and carbon soot formation occur'.]05

Variations in ambient conditions, such as temperature, pressure and
moisture, that alter the density of the combustion air affect burner excess
air and excess 02 at a given setting. The forced draft fans introduce a
constant volume of air to the furnace, but the mass flow changes according
to its density. In the absence of compensating controls, temperature
variations of 10K (20°F) would change the 0, concentration by about one
percentage point for gas-, oil- or pulverized coal-fired boilers, which
normally operate at about 4 percent excess 02 (20 percent excess air). The
same temperature variation would also change the 02 concentration by about
one percentage point in a stoker boiler which normally operates with about
8 percent excess 02 (60 percent excess air). These changes in excess 02
concentration could result in changes in NOx emissions on the order of about
5 percent for all fuel/boiler types. However, new industrial boilers
equipped with flue gas monitors and oxygen trim systems automatically adjust
combustion air flow to offset these ambient variations and maintain a
constant excess 02 level in the firebox.98
4.3.2 Staged Combustion

A second combustion modification technique applicable to industrial
boilers is staged combustion (SC). This technique is often used in
combination with LEA firing and involves diverting a fraction of the
combustion air from the burner(s) and injecting it into the furnace beyond
the burner. Depending on the amount of combustion air that is diverted, the
burners can be made to operate near or below stoichiometric conditions. (At
stoichiometric conditions, 100 percent of the air theoretically needed for
complete combustion is injected through the burner windbox.)
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4.3.2.1 Process Description
4.3.2.1.1 System. Like LEA, SC reduces oxygen availability and flame
temperatures in the primary combustion zone, resulting in lower thermal and

fuel NOx formation. The additional staged air permits the combustion
process to go to completion, oxidizing any unburned fuel and CO formed in
the air-deficient combustion zone. The ports used to inject the staged air
downstream from the primary combustion zone are normally referred to as
overfire air (OFA) ports, sidefire air (SFA) ports, or simply NOx ports.
Depending on the boiler design, either OFA or SFA ports can be used to

. . 98,99
inject staged air.

application of OFA for large units and SFA for packaged units. In SC for

Figure 4.3-2 illustrates schematically the

multiburner units the OFA ports are located above the top burner level.
Unlike OFA, SFA is injected from the sides, the top, or the bottom of the
furnace. In other respects the two techniques are the same.

Although staged combustion is mainly applicable to boilers with burners
(pulverized coal-fired, oil-fired, and gas-fired boilers), staged combustion
also occurs in stoker boilers. Stokers generally achieve some degree of
staged combustion by their inherent design. Fuel is burned relatively
slowly on a grate as compared to the rapid suspension burning which occurs
at burners. Staged combustion is also encouraged through the use of OFA
ports which are used on most stokers to reduce smoking. OFA tends to reduce
undergrate air creating a locally oxygen deficient zone at the fuel bed.
Further staging of combustion air with larger fractions of air introduced at
the OFA ports has been attempted (see Section 4.3.7.1).

For 0il1- and gas-fired boilers, a common method of achieving staged
combustion is to take one or more burners out of service (BO0OS). Burners no
Tonger firing fuel can then be used as OFA or SFA ports. However, many oil-
and gas-fired boilers use only a single burner, making BOOS impossible for
these units. For single burner units, staged combustion must use separate
OFA ports. Many single burner oil- and gas-fired boilers include provisions
for OFA or SFA air ports allowing staged combustion controls to be used.

4.3.2.1.2 Development status. The development status of SC for
various fuels and equipment types is summarized in Table 4.3-2. SC has been
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TABLE 4.3-2. DEVELOPMENT STATUS OF STAGED COMBUSTION FOR APPLICATION TO INDUSTRIAL BOILERS

COAL OIL AND NATURAL GAS
Boiler Type Packaged and field Field erected Field erected Packaged Packaged
erected stokers pulverized watertube watertube firetube
Status Available bgt not Available and Available and Available Not available
implemented implemented implemented and R&D status
implemented

eans that the control technique is commercially offered, but is not presently being implemented
for emission control,
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demonstrated and used commercially on large field-erected pulverized coal-,
0i1-, and gas-fired industrial boilers. For example, new coal-fired units
with heat input capacity greater than 73.3 MW (250 x 106 Btu/hr) thermal
input sold since 1971 are equipped with OFA injection ports to meet
40 CFR 60 Subpart D New Source Performance Standards for NOX. In California
OFA is used routinely on large residual 0il- and gas-fired utility boilers,
generally larger than 73.3 MW (250 x 10° Btu/hr) thermal input, to meet
State and local N0x regulations for existing um’ts.]06 Since large field-
erected industrial boilers are very similar in design and operation to
utility units, they exhibit similar NO_ emission levels and are amenable to
the same control 1:echn1'ques.]07 OFA pzrts are a common design feature of
industrial stoker-fed boilers, primarily to complete combustion and control
smoke. Staged combustion has also been being used on new and existing oil-
and gas-fired steam generators in the California oi]-fie]ds.lo8

4.3.2.1.3 Applicability to industrial boilers. SC is applicable for
all fuel types but not to all existing boiler types. Increased combustion
staging in existing stokers has been attempted in recent field tests to
Tower NOx emissions. The technique involved a reduction in undergrate air
flow. Although N0x emissions were reduced in most cases, consistent NOx
reductions were not demonstrated for all stokers with increased combustion
staging. In general, OFA ports on existing stokers are neither specifically
designed nor positioned for N0x contro].]09

Automatic controls which maintain prescribed airflows to the OFA ports
and individual burners to allow more precise operation are commercially
available. For example, automatic control systems have been installed

recently on two 190 MW (650 x 106 Btu/hr) thermal input pulverized

coal-fired industrial boi]ers.]]o
Potential impacts of OFA for PC boilers include increased smoke and
particulate matter emissions. Increased furnace slagging and corrosion can
also occur when severe SC conditions are implemented. These impacts can be
avoided by proper maintenance of excess air levels and proper distribution
of air between burners and OFA ports. The combustion air metering system

requires a flue gas monitoring system which includes, as a minimum,
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continous O2 and opacity monitors. A compartmented windbox is also required
to assure equal distribution of windbox air to each burner. These control
features are commercially available and are already being impiemented in the
field. 10

With stoker-coal-fired boilers, undergrate air fiow needs to be
maintained high enough to prevent clinker formation, or the bed needs to be
poked periodically to break up any forming clinkers. For 0il- and gas-fired
units, potential problems of smoke and combustible emissions can be avoided
by operating the unit with an oxygen trim system, and maintaining a minimum
of 3 percent excess oxygen for oil-firing and 2 percent for gas—fi\r'ing.]02

4.3.2.2 Factors Affecting Performance. The success of the staged

combustion technique depends primarily on the location of the secondary air
injection ports and the careful control of the airflow between the OFA or
SFA ports and the windbox. Utility boiler experience with staged combustion
has shown that ports located too close to the convective section may cause
high steam temperatures, incomplete combustion, or both. Conversely, OFA or
SFA ports located too close to the burners (or fuel bed in the case of
stokers) may decrease the NOx reduction performance.]]] Manufacturers of
large industrial boilers have relied on utility boiler experience to locate
OFA or SFA ports to lower NOx formation without affecting steam temperatures
or causing incomplete combus1:1'on.”0

The partitioning of combustion air between the OFA or SFA ports and the
windbox, together with the overall excess oxygen level, determine the burner
stoichiometry (or undergrate air in the case of stokers). With combustion
of coal or heavy fuel o0il, operational and safety problems caused by
slagging and corrosion can be avoided by maintaining burner air feed rates
slightly above stoichiometric conditions (e.g., 5 percent excess air at the
bur'ner's).n2

Commercially available airflow controls can be used to maintain the
required staged air injection and windbox combustion air flowrates
throughout the boiler load \range.”2 With distillate oil and gas, burner
stoichiometries as low as 90 percent (i.e., combustion air 10 percent below
that required for complete combustion) are often possible, but careful
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control of the operating parameters is required to avoid losses in boiler
efficiency.”2
4.3.3 Flue Gas Recirculation

A third technique for N0x control by combustion modification is flue
gas recirculation (FGR). This technique involves extracting a portion of
the flue gas and returning it to the furnace through the burner windbox.

4.3.3.1 Process Description

4.3.3.1.1 System. Figure 4.3-3 shows schematics of FGR installations
on both a large and a small packaged industrial boiler. The systems consist
primarily of an FGR fan assembly, an apportioning and mixing syster, and
associated ducting connecting the stack (or flue gas duct) to the windbox.
The forced draft fan has to be larger when FGR is used than without recircu-

lation to overcome the increase in pressure drop caused by the recirculation
of flue gas through the burners. The recirculated flue gas absorbs some of
the heat released during combustion. This lowers the bulk furnace gas
temperature, resulting in a reduction of thermal NOX formation. Further-
more, the addition of flue gas reduces the oxygen concentration in the
combustion air. The effect is to reduce NOxligrmation by decreasing the
oxygen available to react with the nitrogen.
4.3.3.1.2 Development status. FGR is commercially available and
applicable to all gas- and distillate oil-fired industrial boiler types.
For example, in 1978, FGR was installed on two new 15 MW (50 x 106 Btu/hr)

thermal input packaged watertube gas/oil-fired boilers which are now in
115

operation in Southern California.

FGR is not, however, as effective for residual oil- and coal-fired
. 115
boilers.
total NOx emissions may be attributed to formation of N0x from fuel-bound

nitrogen. Limited test data have shown that recirculation rates of up to

When these fuels are burned, as much as 40 to 60 percent of the

15 percent decreased NOx emissions by 17 percent when firing high nitrogen
fuels whereas a similar recirculation rate decreased NOx by as much as
50 percent for gas and distillate oil-fired boilers with no air

preheat.]07’]]]’1]6

4-112



=

BOILER

AIR
MIXING HEATER
DEVICE -
BURNERS al l' <—®—_mn
} j FORCED DRAFT FAN
P-4 w
APP TIONING
Ao FLUE GAS RECIRCULATING FAN

DAMPERS

(A} LARGE INDUSTRIAL BOILER APPLICATIONS'

STACK

y

~ n

——e = == ok %

FGR DUCTS
—=
Li
7y I/ 1
e (O,
| \ /
A i Sl
FRONT VIEW

(B) SMALL PACKAGED BOILER APPLICATIONS

Figure 4.3-3. Schematics for FGR systems for industrial boi]ers.113

4-113



4.3.3.1.3 Applicability to industrial boilers. Implementation of FGR
for NOx control requires extra fan capacity and ducting. Fans are reported
to erode rapidly at the high operating temperatures encountered which may
increase safety hazards and operating problems.

By designing the burner and windbox to account for the increased gas
flow, and by maintaining maximum FGR rates at a safe 20 to 25 percent flame
stability can be maintained. Some burner designs are capable of with-
standing slightly higher FGR rates without incurring flame instabili-
t1'es.”]’”6 Flame sensors should be located and their sensitivity adjusted

to detect the onset of combustion instability.

4.3.3.2 Factors Affecting Performance. The recirculation rate is the
only FGR operating parameter that can be varied to control NOx reductions,
and, as shown in Figure 4.,3-4, NOx emissions decrease as the recirculation
rate is increased. It is important to note that these curves indicate
percentage reductions in emissions rather than absolute reductions (ng/J or
1b/106 Btu). Thus the absolute emission reduction may actually be higher
for the residual oil-fired boiler compared to the natural gas-fired boiler
due to different uncontrolled emissions. The potential for flame
instability at high FGR rates generally limits recirculation to 25 to
30 percent.]os’]]]
4.3.4 Low NOx Burners

4.3.4.1 Process Description. New burner designs are being developed

for industrial boilers which alter the mixing of air, fuel, and combustion
products within the burner flame zone to reduce NOx formation. Lower NOx
emissions are obtained by peak flame temperature reduction, staging, and
local combustion product recirculation. For example, commercially available
LNB's for coal-fired utility boilers use delayed fuel/air mixing and Tow
turbulent flames to produce a staging effect. The oil-fired LNB's that are
currently being developed may use a combination of cooling and staging.
Flame surface area is increased for greater heat dissipation. Local gas
recirculation is promoted to cause rapid quenching of the flame and cool the
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combustion process, and controlled air/fuel mixing is used to provide
staging.”8

Low N0x burners have been classified by a variety of schemes. For
purposes of this evaluation, a Tow NOx burner is considered to be any burner
that internally achieves either of the following NOx reduction techniques:

e Staged combustion (distributed mixing, multiple stage combustion,
or off stoichiometric combustion)
e Self-recirculation
Burners designed to operate under LEA conditions but which do not incor-
porate either of the above techniques are not considered low N0x burners.

In general, commercial demonstration experience with low N0x burners
applied to industrial boilers is very limited. Field testing of small
boilers (3 MW or 10 x 106 Btu/hr) firing gas and o0il has occurred119 and low
NOx burners (self-recirculation type) are currently in use at three 15 MW
(50 x 106 Btu/hr) boﬂers.233 However, several vendors are offering low NOx
burners for certain applications, and widespread commercial utilization of
this technology could occur with the next few years.

The major factor inhibiting widespread application of low N0x burners
to industrial boilers appears to be burner size. Use of low NOX burners on
process heaters, where burner size is generally smaller than 5.9 MW
(20 x 106 Btu/hr), is widespread. Industrial boilers, on the other hand,
may use burners as large as 73 MW (250 x 106 Btu/hr).120

technical constraint to using multiple small Tow NOx burners on large

There is no

industrial boilers, however, the cost of the multiple burner boiler may be
higher than an equivalent single burner boiler. This cost difference is
partly due to the current trend in which single burner boilers can be shop-
erected rather than field-erected.

4.3.4.2 Factors Affecting Performance. Preliminary results suggest

that NO_ emissions increase from gas/oil-fired LNB as oil temperature is

¥21

raised. No final assessment has been made of this effect nor of attempts

to resolve it. Since some LNB designs under development may lead to
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extended flame zones, it may be necessary to use an enlarged firebox to
avoid flame impingement on the back wall of the boiler. However, the need
for an enlarged firebox is not clear at this time.nz’n8

4.3.5 No Combustion Air Preheat or Reduced Air Preheat

4.3.5.1 Process Description. Using combustion air at ambient tempera-

tures instead of preheating it results in a lTower peak temperature in the
primary combustion zone. This in turn lowers thermal NOx production. Most

industrial watertube boilers with design heat input capacities greater than

15 MW (50 x 106 Btu/hr) recover some flue gas heat in combustion air

106 The

installation of an economizer instead of a combustion air preheater on new

preheaters or feedwater economizers to maximize thermal efficiency.

boilers will result in lowered peak temperatures while still allowing for

effective flue gas heat recovery.123

Lowering peak temperatures is
primarily effective for reducing thermal NOX, but has Tittle effect on fuel
NOX. Hence, the technique of no combustion air preheat will result in
higher percent reductions for low nitrogen fuels -- distillate oil and
natural gas.]22
4.3.5.2 Factors Affecting Performance. The only factor affecting the
NOX reductions achievable by reducing combustion air preheat is the degree
of air preheat reduction. Limited testing on distillate oil- and natural

gas-fired boilers has indicated that the reduction of combustion air preheat

is effective in reducing NOx emissions over a wide range of combustion air
temperatures -- 300 to 500K (80° to 440°F).106 RAP is not as effective on
residual oil- and coal-fired industrial boilers due to the fuel nitrogen
contribution to the total NOx emissions and the ineffectiveness of RAP in
reducing fuel NOx emissions. The effectiveness of reducing NOX emissions by
using an economizer instead of an air preheater can be seen in the
difference in NOx emissions between boilers with and without air preheat.
(See Sections 4.3.7.3 and 4.3.7.4).

4.3.6 Ammonia Injection

4,3.6.1 Process Description. Ammonia (NH3) injection involves the
noncatalytic decomposition of NOx in the flue gas to nitrogen and water
using ammonia as the reducing agent. This technique is often referred to as
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selective noncatalytic reduction or thermal DeNOX- At a molar ratio of
1.5 moles NH3 per mole NOX, over 40 percent of the NO can be reduced if the
reaction is designed to take place at a location in the boiler where the
temperature ranges from 1200 to 1260 K (approximately 1700° to 1800°F)
Outside the range of 1175 to 1350 K (approximately 1650° to 2000°F) less
than 10 percent of the N0X in the flue gas can be reduced to nitrogen and
water by ammonia 1'nject1'on.]24 Since ammonia must be injected into the
section of the boiler that is within the narrow optimal temperature window,
some curtailment of load following capability may result. Investigations
with multiple NH3 injection ports are under way to seek a resolution of this
problem, H2 injection with the NH3 can also be used t?zgncrease the
temperature range over which the process is effective.
Sulfur-containing fuels present another potential problem. The
formation of ammonium sulfate or ammonium bisulfate can cause plugging of an
air preheater or corrosion of boiler parts. Increased frequency of water

washing will minimize this pr‘ob1em.]24

To insure that ammonia emissions to
the atmosphere are minimized, ammonia sensors and feedback control systems
for the injectors may be required.

Ammonia injection is applicable to all industrial boiler types and
fuels where there is access in the proper temperature range. Although this
technique is commercially offered, it is not currently applied to any

124

domestic operating industrial boiler. Ammonia injection has been

installed on three gas- and oil-fired boilers ranging in size from about 16
to 79 MW (55 to 270 x 10° Btu/hr) thermal input in Japan.'2® In the U.S.
this technique has been investigated only on pilot-scale facilities, except
for one commercial installation on a crude oil-fired thermal enhanced oil
recovery steam generator.]27 This installation is not currently operating
because of problems experienced with the steam generator. Ammonia injection
is scheduled for application on large residual oil-fired utility boilers in
Southern California by 1982.

4.3.6.2 Factors Affecting Performance. The required reaction tempera-

tures for noncatalytic decomposition of NO with ammonia are found in
different areas of the boiler depending on its design and operating load.
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For example, at full load these temperatures occur in the convective section
of both packaged and field-erected watertube boilers. Changing boiler load,
however, causes a shift in the temperature profile through the boiler,
reducing NOx removal to below 30 percent. For small firetube boilers,
optimal ammonia injection temperatures occur directly in the firebox. In
this area of the boiler, cross-sectional flue gas temperatures are often not
uniform, causing significant degradation of the NOx reduction performance to
below 10 pe\r‘cent.]24

For new units, multiple ammonia injection grids can be strategically
designed and located to compensate for temperature gradients and shifts in
temperature profiles with changing loads. This technique, however, has not
yet been demons'crated.]24

Other factors affecting performance include NH3 injection rate and
residence time at optimal temperature. The optimal NH3/N0x molar ratio has
been established to be approximately 1.5, with no additional NO reduction
gained by increasing the ratio to 2.0. Maximization of the residence time
at optimal temperature can be achieved by proper location of the multiple
injection grids. A cross-sectional temperature profile will be required for
each boiler design to identify these 1ocat1'ons.]24
4.3.7 NO _Emission Reduction Data

This section presents available N0x emission data for combustion
modifications in coal-, 0il-, and natural gas-fired industrial boilers. The
data are presented by fuel type, boiler type, and combustion modification
technique used. All data were collected using EPA approved methods as
specified in 40 CFR 60, Appendix A.

Each subsection contains both continuous monitoring data and "short-
term" data. The continuous monitoring data were obtained on specific units
during test periods ranging from 17 days to 24 months. The short-term data,
however, were collected during 30-minute to 2-hour test periods at a large
number of industrial bojler sites. Considerable variation is evident in the
short-term data due to variations in fuel nitrogen contents, boiler heat
release rates, burner designs, and combustion air temperatures between

boilers. Thus, the short-term data is used primarily to illustrate trends,
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whereas the continuous monitoring is more representative of the N0x emission
levels that can be achieved for a specific boiler/fuel combination over a
range of operating conditions.

Appendix C contains a more detailed 1isting of short-term data used to
construct plots presented in this section. ATl the short-term data were
taken from Reference 128. Appendix C also contains hourly and daily
emission data and more information on each of the continuous monitoring
tests.

4.3.7.1 Coal-Fired Boilers. N0X combustion modification data for

coal-fired boilers are presented according to boiler type (i.e., pulverized,
spreader stoker, and other stokers) and combustion modification technique.
The combustion modification techniques for which coal-fired boiler data are
available are LEA and staged combustion.

N0x emissions of two pulverized coal-fired boilers at Location I (1976
start-up) firing low-sulfur coal were monitored continuously for 24 one-
month periods. At this installation, two 88 MW (300 x 106 Btu/hr) boilers
share a common stack and NOx monitor. The control techniques used at this
installation are excess oxygen control (LEA) and staged combustion (SC)
using manually adjustable overfire air compartments. The first six months,
which are representative of the test period, are shown in Figures 4.3-5
through 4.3-10. During the entire test period, individual 24-hour averages
ranged from 108 to 344 ng/J (0.25 to 0.8 1b/106 Btu); however, all but one
of the monthly averages were at or slightly below 258 ng/J (0.6 1b/106 Btu).
During the test period, one boiler had an average load of 71 percent of
capacity with daily loads ranging from 33 to 94 percent of capacity. The
second boiler, discounting one extremely low load day, averaged 57 percent
of capacity, with daily fluctuations from 26 to 94 percent of capacity. The
vendor NOx emission guarantee for these boilers is 301 ng/J (0.7 1b/106 Btu)
heat input when burning coal. A typical coal analysis indicated a nitrogen
content of about 1.6 percent and a heat content of (14,000 Btu/1b) on a dry
basis.

In a 1977 study, the presence of oxygen in the coal fuel was
hypothesized as a contributer to increased NOx emissions in tangentially
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129 Figure 4.3-11 presents the results of

fired pulverized coal boilers.
this study. This figure predicts the fuel NOx fraction of NOx emissions as
a function of coal nitrogen content and coal oxygen/coal nitrogen ratio.
This study indicates that western sub-bituminous coal may actually result in
s1ightly higher NOx emissions despite the lower fuel nitrogen content due to
the higher coal oxygen/coal nitrogen ratio. However, data presented on coal
properties indicates that coals with high coal oxygen/coal nitrogen ratios
tend to have lower coal nitrogen contents. Thus, the two influences tend to
balance one another resulting in reasonably similar fuel NOx emissions for a
variety of coal types.

As stated earlier, staged combustion is effective in reducing fuel NOx
emissions since it reduces the available oxygen in the flame zone. The four
major pulverized coal-fired boiler manufacturers (C-E, Babcock and Wilcox,
Foster Wheeler, and Riley Stoker) now produce new boilers equipped with
overfire air provisions (staged combustion) that are guaranteed to emit NO
equal to or less than the 1971 NSPS of 301 ng/J (0.7 1b N0 /10° Btu).
Spreader Stoker Boilers

Continuous NOx emission monitoring was conducted by EPA on two spreader
stoker boilers equipped with Tow excess air controls. These data, including
daily average NOx emissions, percent 02 in the flue gas, and boiler load are
shown in Figures 4.3-12 and 4.3-13.

The boiler at Location II (Figure 4.3-12) is a spreader stoker with a
rated steam capacity of 45,400 kg/hr (100,000 1b/hr) which fires a high
sulfur coal. Coal analyses showed an average nitrogen content of
1.3 percent nitrogen and a heating value of 27,940 kJ/kg (12000 Btu/1b).
Daily average NO emissions ranged between 154 and 189 ng/J (0.36 to
0.44 1b/10 Btu), averaging 170 ng/J (0.40 1b/10 Btu) for the 30-day test
period. During the first 20 test days, Figure 4.3-12 shows NOx emissions
decreasing as excess 02 is decreased at relatively constant boiler load.
Test days 27 through 30 show that NOx emissions did not increase signifi-
cantly during lower load operation despite increases in excess air levels.

Other results of EPA testing at Location 1I showed that LEA operation
resulted in a 24 percent decrease in particulate emissions measured at the
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outlet of the mechanical collector relative to normal operation. Other
observations during LEA operation relative to normal operation included: no
effects on plume opacity (constant at 10 percent), no discernable effect on
polycyclic organic matter emissions (POMs), and little effect on boiler
efficiency or carbon monoxide emissions. (See Appendix C for reference).

At Location III (Figure 4.3-13), LEA conditions were maintained only
while the test contractor was onsite, i.e., eight hours per day, five days
per week. Thus, the data plotted in Figure 4.3-14 represent averages of the
eight hour period when LEA conditions were maintained. NOx emissions during
LEA operation averaged 208 ng/J (0.48 1b/106 Btu) ranging from 190 to
231 ng/J (0.44 to 0.54 1b/106 Btu). During the test period, hourly boiler
loads ranged from 37 to 76 percent of capacity, with an average load of
60 percent. Other effects of LEA operation included a decrease of
23 percent (614 ng/J down to 474 ng/J) in particulate emissions, a reduction
in percent opacity from 35 to 25 percent, an increase of approximately
0.5 percent in boiler efficiency. and no observable effect on polycyclic
organic matter or carbon monoxide emissions. (See Appendix C for
reference). For these tests the spreader stoker boiler rated at
72,600 kg/hr (160,000 1b/hr) steam output was firing a coal of about
0.8 percent nitrogen with a heat content of 14790 kJ/kg (8500 Btu/1b).

Figure 4.3-14 shows short-term NOx emissions data from several
different spreader stoker boilers as a function of excess oxygen. These
data were collected on four spreader stoker boilers ranging in size from
22,500-91,000 kg/hr (50,000-200,000 1b/hr) of steam capacity at loads
between 35 and 100 percent. The data in Figure 4.3-14 clearly show that NOx
emissions tend to decrease as excess oxygen is reduced. Scatter in the test
data may be attributed to the fact that fuel characteristics and boiler heat
release rate varied between the boilers tested. However, all the data taken
at excess 02 levels of 7 percent or less (50 percent excess air) fall below
256 ng/J (0.60 1b/106 Btu). Seven percent excess 02 is typically within the
range of safe excess 02 levels for industrial stoker-fired boilers, as
discussed in Section 4.3.1.
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Figure 4.3-15 shows short-term data for a 56,750 kg/hr steam
(125,000 1b/hr steam) spreader stoker operated under staged combustion
conditions. Data taken under normal operating (unstaged) conditions are
also shown for comparison. Boiler loads during these tests varied from
40 to 70 percent. This figure shows that staged combustion has 1ittle or no
effect on NOx emissions. By virtue of their inherent firing technique,
spreader stokers appear to achieve some degree of staged combustion without
the use of additional staging air. Volatile matter is driven off the fuel
bed as the coal is fed onto the grate creating a fuel rich combustion zone
at the grate with lower combustion intensity and relatively slow burning.

Figure 4.3-16 shows short-term data from two mass-fed stoker boilers.
One unit of 27,000 kg/hr (60,000 1b/hr) steam capacity fired coal with a
relatively low nitrogen content of 0.9 percent; NOx emissions from this unit
were generally lower than those from the second unit of 97,000 kg/hr
(215,000 1b/hr) steam capacity which fired coal with a nitrogen content of
about 1.4 percent. Both sets of data show uncontrolled NOx emissions from
mass-fed stokers to be lower than those from spreader stokers - less than
215 ng/J (0.5 1b/106 Btu) under all conditions. No reduction in emissions
was noted during staged combustion tests. Loads during these tests ranged
from 25 to 100 percent of rated capacity.

4.3.7.2 Residual Qil-Fired Boilers. Figure 4.3-17 shows the results
of continuous NOx emission monitoring tests conducted at a 35,900 kg
steam/hr (79,000 1b steam/hr) residual oil-fired boiler at Location IV.
Tests were conducted using low excess air (LEA) and LEA in combination with

staged combustion. Staged combustion conditions were simulated by removing
one of three burners from service. Controlled N0x emissions averaged

112 ng/J (0.26 1b/106 Btu) for the 29-day test period. Emissions during

16 days of LEA testing averaged 123 ng/J (0.29 lb/]O6 Btu). Average
emissions during the remaining 13 days, when staged combustion was used,
were 98 ng/J (0.23 1b/106 Btu). These data show that staged combustion in
combination with LEA achieves greater reduction in NOx emissions than LEA
alone. Other effects noted during LEA/staged combustion operation (relative
to unstaged combustion) included an increase in particulate matter emissions
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(29 ng/J to 43 ng/J), a slight decrease in POM emissions, no effect on
visible emissions or carbon monoxide emissions, and 1ittle change in boiler
efficiency.

The nitrogen content of the fuel fired during the test was
0.26 percent, Although this nitrogen content is typical of many residual
0ils currently used as industrial boiler fuels, combustion of higher
nitrogen oils (up to 0.8 to 1 percent nitrogen) may become more common in
the future in certain areas of the country. Uncontrolled nitrogen oxides
emissions tend to be higher when higher nitrogen fuels are fired due to the
increased levels of fuel NOx evolved. No continuous monitoring data were
available for industrial units burning high nitrogen oil. However,
short-term data were available for boilers firing residual and distillate
0ils with varying nitrogen contents.

These data were obtained on several different boilers at varying levels
of excess air, combustion air temperatures, furnace heat release rates and
boiler loads. Boiler capacities ranged from 7,900 to 90,000 kg/hr
(17,500 to 200,000 1b/hr) of steam and loads varied from 18 to 100 percent.
Using standard statistical techniques, a regression was developed to relate
NOx emissions to the nitrogen content of the fuel at a given level of excess
air and combustion air preheat.104

Excess air (excess oxygen), combustion air temperature (degree of air
preheat), and nitrogen content of the fuel were found to be the major
variables influencing NOx emissions from residual oil-fired boilers. The
correlations (1) between NOx and boiler load and (2) between NOx and furnace
heat release rate were found not to be significant on the units tested.104
The lack of a correlation between boiler load and NOx is expected. As
boiler load is decreased, heat release rate and thus NOx formation tends to
decrease. However, the excess air rate to the boiler must be increased as
load drops, and the increased 02 leads to more NOx formation. Therefore,
the increase in excess air at lower boiler load offsets the benefits of
reduced combustion intensity, and there is 1ittle or no net change in NOx
emissions with boiler load.
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Figure 4.3-18 shows NOx emissions as a function of fuel nitrogen
content for 3 percent excess 02 (Tow excess air) and no combustion air
preheat. This figure was constructed using the following regression:

E = 24.2 70-34 p0-24 , 1055 y1-06 (4.3-1)
where
E = NOx emissions (ppm at 3 percent 05, dry),
T = Combustion air temperature (°R),
A = excess oxygen (mole fraction 02 in flue gas), and
N = fuel nitrogen content (1b/106 Btu)

This regression was developed from 208 short-term data points (see
Appendix C - Tables C.4-17, C.4-18, and C.4-20). These data were obtained
from several boilers both with and without air preheat. The nitrogen
content of the o0il fired in the boilers tested ranged from near zero to
about 0.8 weight percent.

Equation 4.3-1 shows that NOX emissions from residual oil units can be
reduced by any (or a combination) of three methods:

(1) reducing or eliminating combustion air preheat,

(2) reducing the excess air (LEA operation), or

(3) burning oil with a Tow nitrogen content.
Figure 4.3-18 represents the NOX emissions expected at a LEA Tevel of
3 percent 02 (15 percent excess air) and no combustion air preheat. As the
figure shows, NOX emissions are still a strong function of the fuel nitrogen
level. This results from the fact that neither LEA operation nor lower
combustion air temperatures are effective in reducing fuel NOX formation.
Other than burning lower nitrogen content o0il, the most effective technique
for reducing fuel NOX emissions is staged combustion (see Section 4.3.2).

Short-term data were available for 6 residual oil-fired boilers using
staged combustion (See Appendix C). These units burned oils with nitrogen
contents of from 0.14 to 0.49 weight percent. These data were normalized to
3 percent excess oxygen and no air preheat and a factor was developed to
relate the reduction in NO_ emissions with staged combustion relative to

104

unstaged, LEA operation. The results are shown in Figure 4.3-19. The
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factor describing the effectiveness of staged combustion was found to be a
function of fuel nitrogen content. As the nitrogen content of the fuel (and
thus potential fuel NOX emissions) increases, the NOx reduction achieved by
staged combustion increases.

Short-term emission data was also available for a small boiler
L7,900 kg/hr (17,500 1b/hr) steam)] firing residual oil with a 0.14 percent
nitrogen content and using flue gas recirculation (FGR). Loads ranged from
80 to 85 percent. Sixteen tests with FGR showed average emissions of
78 ng/Jd (0.18 1b/106 Btu). Emissions under lTow excess air operating
conditions (3 percent excess 02, no FGR) were 95 ng/J (0.22 1b/106 Btu).
These data indicate that FGR is somewhat effective in reducing NOX emissions
below the levels achieved with LEA (Reference 128, pp. 315- 367).

4.3.7.3 Distillate 0il-Fired Boilers. No continuous NOx emission

monitoring data were available for distillate oil-fired boilers. However,
short-term data, under both unstaged and staged combustion conditions were
available. The unstaged data are included with the short-term residual o0il
data presented in the previous section and used to develop Figure 4.3-18.
These data are also shown in Figure 4.3-20.

Fuel NOX formation in distillate oil-fired boilers is minimal because
most distillates have very low nitrogen contents. The most important effect
on NOx emissions from distillate units, is combustion air temperature. The
data in Figure 4.3-20 are separated into those tests conducted on boilers
equipped with combustion air preheat and those conducted on boilers with
little or no air preheat. Nearly all units with combustion air preheat had
higher NOX emissions than boilers without air preheat. Figure 4.3-20 shows
that on the average, NOX emissions from boilers with air preheat were about
twice those from boilers without air preheat at a given excess 02 level.
Figure 4.3-20 shows NO em1ss1ons from boilers without air preheat to be
less than 86 ng/J (0. 2 1b/10 Btu).

Figure 4.3-21 shows short-term data from a distillate oil-fired boiler
(without air preheat) under staged combustion conditions. The one available
emission test under unstaged operating conditions is shown for comparison.
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This data base is considered too limited to draw any conclusion concerning
the effectiveness of staged combustion on distillate oil-fired boilers.
4.3.7.4 Natural Gas-fired Boilers. Continuous NOx emission data were
available for a small firetube natural gas-fired boiler at Location V with a
steam capacity of 3130 kg/hr (6960 1b/hr). As shown in Figure 4.3-22, NOx
emissions ranged from 27 to 33 ng/J (0.06 to 0.08 1b/106 Btu) over the
21-day test period even though the excess 02 levels were never less than
5.5 percent.

These data demonstrate the relatively low NOx emission rate from small
natural gas units without air preheat. However, NOx emissions from larger
natural gas units, both with and without combustion air preheat, are
generally greater than 43 ng/J (0.1 1b/106 Btu), even at low excess air
levels. Figure 4.3-23 presents short-term NOx emission data collected on
several natural gas-fired industrial boilers under unstaged combustion
conditions. '

The use of combustion air preheat on natural gas-fired boilers can have
a significant impact on both uncontrolled NOx emissions and the NOx Tevels
achievable at low excess air levels. Although there is considerable scatter
in the short-term data, (due to variations in heat release rate, combustion
ajir temperature and burner design), the Towest NOx emissions are generally
observed at excess 02 levels of less than 2.5 percent (approximately
11 percent excess air). [As discussed in Section 4.3.1, the recommended
minimum safe excess 02 levels for gas-fired units range from 0.5 to
3 percent].

Figure 4.3-23 indicates that elimination of combustion air preheat
leads to lower N0x emissions as evidenced by the difference in NOx emissions
between units with and without air preheat. At excess 02 levels of less
than 3 percent, NO_ emissions from units without air preheat are about
86 ng/J (0.2 1b/10° Btu) or less. In contrast, emissions from units with
air preheat range from 86 to 151 ng/J (0.2 to 0.35 1b/106 Btu) at excess O2
levels of less than 3 percent.

Figure 4.3-24 shows the available short-term emission data for staged
combustion in natural gas units. Emissions under normal operating
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conditions are shown for comparison. These data were obtained from five
boilers, four of which had air preheaters. Staged combustion is somewhat
effective in reducing NOX emissions although considerable scatter is
evident. Controlled emissions were 129 ng/J (0.3 1b/106 Btu) or less in
each test conducted under staged combustion conditions.

The only emission data for flue gas recirculation was obtained on a
small firetube unit [8170 kg steam/hr (18,000 1b steam/hr)]. Short-term
data showed that FGR reduced NOX emissions from 28 ng/J (0.07 1b/106 Btu)
at normal operating conditions to an average 13 ng/J (0.03 1b/106 Btu).
(Reference 128, pp. 315-367). This data is considered too limited to draw
any conclusions concerning the performance of FGR on natural gas-fired
boilers.

4.4 POST COMBUSTION TECHNIQUES FOR NOX CONTROL

Post combustion flue gas treatment (FGT) techniques for control of NOX
emissions use either a gas phase reaction or liquid absorption to treat the
flue gas. In most cases the gas phase reaction is between NOX and NH3 in
the presence of a solid phase catalyst. The catalyst is contained within a
fixed or moving bed reactor. The NOX is converted to N2 which exits with
the flue gas. Systems using a liquid absorption technique contact flue gas
with the absorbent in conventional scrubbers. The absorbed NOX either
remains in the scrubbing liquor and is treated in the liquid phase or reacts
with a reductant to form N2 which is liberated and is discharged with the
flue gas.131

The NOX FGT systems discussed in subsections 4.4.1 through 4.4.3
include systems designed for NOX removal only (NOX-on1y) as well as
processes designed for simultaneous removal of 502 and NOX (NOX/SOX). The
NOX-on1y processes described are fixed bed, moving bed and parallel flow
selective catalytic reduction; the NOX/SOX processes described are wet
scrubbing, and electron beam irradiation. The mechanism by which each of
these techniques reduces flue gas NOX concentration, the applicability of
the technique to new industrial boilers, the design or operating factors
which influence the N0X reduction performance of the control technique on an
industrial boiler, and any impact these controls may have on the design and
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operation of the boilers are briefly discussed. No performance data taken
by approved EPA methods was available for any of the techniques discussed.
4.4.1 Selective Catalytic Reduction

Selective catalytic reduction (SCR) is a technique involving removal of
the flue gas NOX by reacting NOX with NH3 in a catalytic reactor to form
elemental nitrogen. With the exception of the use of a catalyst it is

similar to the ammonia injection NOX control technique discussed in
Section 4.3.
4.4.1.1 Process Description

4.4.1.1.1 System. A generalized SCR process flow diagram is shown in
Figure 4.4-1. In this process, ammonia, taken from a liquid storage tank
and vaporized, is injected at molar ratios of 0.7-1.2 moles NH3 per mole of
NOX and mixed with the flue gas prior to the catalytic reactor. The flue
gas passes through the catalyst bed where NOX is reduced to N2. Typically,
a 1.0 mole ratio of NH3 to NO yields a 90 percent reduction in NOX
emissions. The flue gas exits the reactor and is sent to the air preheater
and, if necessary, further treatment equipment for removal of particulates
and S0,. Flue gas must enter the reactor at 350-400°C (662 - 752°F) since
it is in this temperature range that catalysts show the optimum combination
of activity and selectivity. The catalysts used in most SCR processes are
oxides of non-noble metals which have shown the best combination of high
reactivity and resistance to SO2 and SO3 poisoning.

The type of fuel burned in an industrial boiler plays an important role
in the selection of the catalyst bed configuration. The following
discussion presents three common bed configurations and the appropriate
application of these bed types to coal-, oil-, and gas-fired boilers.

Moving Bed Reactor. Moving bed systems for selective catalytic reduc-
tion of N0X are applicable only to §1ue gas streams containing particulate
concentrations less than .998 g/dNm” (.437 grain/SCF). Particulate concen-
trations for all coals are higher, on the order of 0.998-4.99 g/dnm3
(.437-2.18 grain/SCF). In moving bed reactors the catalyst circulates
through the reactor and is screened to remove particulates. A second
possibility would be the use of a moving bed design which would permit the
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periodic removal of catalyst for cleaning. However, it is not expected that
moving bed systems will be used for coal-fired industrial boiler
app]ications.]33

Parallel Flow Reactor. The distinguishing aspect of this process is

that the catalyst is produced in a variety of shapes including honeycomb,
pipe, or plate configurations. The catalyst shapes allow particulate-laden
flue gas to pass through the reactor with no inertial impaction of the
particles while the N0X is transported to the catalyst surfaces by basic
diffusion. These catalysts can handle the particulate levels of boilers
firing all fuels.

The reactors used are similar to standard fixed packed bed units
discussed below. The catalyst is usually prepared in small modules and
manually stacked within the reactor. The specific arrangement will depend
on the particular process under consideration.134

Fixed Packed Bed Reactor. Fixed packed bed systems for selective

catalytic reduction of N0X are applicable only to flue gas streams
containing particulate emissions of less than .021 g/de3 (0.009 grain/SCF).
Particulate emissions for all coals are higher than this level. For this
reason, fixed packed bed SCR systems are not considered applicable to
coal-fired boilers by process vendor's.]35

Although most SCR processes are NOX-on1y, one parallel flow reactor
arrangement using a copper based catalyst is capable of simultaneous NOX/SOX
emission reduction. In this case, the copper-based catalyst functions as an
SO2 adsorbent as well as a N0X reduction catalyst. A generalized flow
diagram of this type process is shown in Figure 4.4-2. In the reactor, SO2
reacts with Cu0 and oxygen to form CuSO4. Copper sulfate then promotes the
reduction of NO with NH3. Several reactors are operated in "swing"
operation, that is, when one reactor is saturated it is taken offline for
regeneration and a freshly regenerated reactor is brought on line.

4.4.1.1.2 Development status. SCR is not considered to be a

commercially demonstrated control technology for coal-fired sources in the

United States. SCR processes have been used commercially in Japan on gas-.
distillate oil-, and residual oil-fired industrial boilers and SCR processes
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on coal-fired utility boilers are currently under construction in that
country. Ongoing studies in the United States are investigating NOx-on1y
and NOX/SOx SCR performance with coal combustion in pilot-scale facilities.
There is no full-scale U.S. or Japanese SCR installation with documented
performance in accordance with EPA test methods, although removals in excess
of 90 percent have been reported for Japanese gas- and oil-fired boiler SCR
applications. The earliest U.S. commercial demonstrations are planned for
1982 on two Tow-sulfur oil-fired utility boilers in Southern Ca]ifornia.135
SCR technology is also expected to be applied to steam generators involved
in thermally-enhanced 0il recovery projects in California. EPA is
sponsoring two pilot scale evaluations of the technology on coal-fired
utility boilers. The Electric Power Research Institute (EPRI) is also
sponsoring a coal-fired utility boiler SCR pilot plant.

4.4.1.1.3 Applicability. SCR is applicable to all industrial boiler

types. Japanese SCR technology relies primarily on two catalyst reactor
designs: fixed bed and parallel flow. The fixed bed reactor which consists
of tightly packed catalytic granules, can become plugged if there is high
grain loadings in the flue gas. Therefore, the Japanese developers
recommend it only for gas-fired boﬂers.]38 In the parallel flow reactor,
the catalyst arrangements resist plugging and blinding of catalytic surfaces
due to dust in the flue gas and are recommended when burning residual oil

and coa].]34
137

A1l three U.S. pilot-scale studies use the parallel flow
design.

The flue gas flow rate from the boiler and the design NOx control Tevel
determine the catalyst volume necessary. Increases in either will increase
the required reactor size. The uncontrolled NOx concentration is primarily
a function of fuel type used to fire the boiler. Higher NOx concentrations
require larger NH3 storage and vaporization equipment; reactor size is not
significantly affected by NOx concentration for a constant control level.
Boiler load can affect several parameters including flue gas temperature,
flow rate and N0x concentration. Temperature control equipment may be
necessary to accommodate large boiler load variations. Where such

4-153



variations are expected, some equipment overdesign may be warranted to
insure a constant control 1eve1.]39

The impacts of parallel flow and fixed packed bed SCR systems on boiler
operation and maintenance should be minor. The primary impact is on the air
preheater since dry residual NH3 will react with SO3 as flue gas temperature
decreases to form ammonijum bisulfate and ammonium sulfate. Bisulfate is
formed by a one-to-one reaction between NH3, SO3, and H20 in the flue gas:

NH3(g) + 503(9) + H20(g) > NH4HSO4 (s)

Bisulfate is corrosive when it condenses on unprotected surfaces; therefore,
use of corrosion-resistant material is warranted where bisulfate deposits
are probable. A minimum NH3 injection ratio is also recommended for Tow NH3
emissions and bisulfate formation. Heat exchanger temperatures must be kept
above bisulfate formation and acid condensation points and should be
equipped with a cleaning apparatus to remove any deposits of these
compounds.

There are some potential adverse environmental impacts associated with
the use of SCR, including gaseous NH3 emissions, disposal of ammonium
bisulfate or ammonium sulfate and disposal of spent catalyst.

4.4.1.2 Factors Affecting Performance. An important design variable

with respect to SCR performance is the space velocity which is expressed as
the volume of catalyst required to treat one volume per hour of flue gas.
Space velocity requirements vary with catalyst formulation, catalyst shape,
and control level. Typical values of space velocity for various catalyst
shapes are shown in Table 4.4-1. Also shown are other catalyst design
variables such as catalyst dimensions, gas velocities, bed depth and
pressure drop. Ranges of values are used since specific values are
different for each catalyst. The values shown are for a design NOX removal
of 90 percent and an NH3/N0X mole ratio of 1:1.]41
Both NH3/N0X ratio and space velocity will change with removal level.

The NH3/N0x mole ratio will range from 0.7-1.2 for control levels of 70 to
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TABLE 4.4-1. CATALYST DESIGN VARIABLES FOR VARIOUS CATALYST SHAPES o141
(Basis: 90% NOx removal at NH3/N0x ratio of 1:1, 350-400°C)

Honeycomb Honeycomb, Parallel Plate
(metallic) tube (ceramic) (Ceramic) Metallic)
Catalyst size (mm)
Thickness 1 2.3-5 8-10 1
Opening 4-8 6-20 8-14 5-10
Gas velocity (m/sec)? 2-6 5-10 5-10 4-8
Bed depth (m) 1-2 1.5-5 4-6 2-5
sV (1,000 hr-T)P 5-8 4-8 1.5-3 2-4
Pressure drop (mmH20) 40-80 40-160 80-160 60-120

aVe'Iocity at 350-400°C in open column (superficial velocity).
bsas volume (Nm3/hr)/catalyst bed volume (m3).
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90 percent.142 The operating temperature range for most of these processes

is about 300-500°C (527-932°F), though more efficient NOX removal usually
occurs in the higher portion of this range. To maintain the reactor
temperature at desirable operating levels during periods of reduced boiler
load, most process vendors recommend bypassing a part of the flue gas around
the economizer. 1In some pilot plant and larger operations, auxiliary
heaters have been used to maintain reactor temperatures during turndown.143

4.4.1.3 Emissions Data. While there are a number of commercial SCR

systems presently treating oil-fired flue gas in Japan, the data on these
units are limited mostly to a single reported removal level. These tests
give only point values of removal and not a set of continuous data. In
addition, the test method and boiler operating conditions are not given.

The results from several catalyst 1ife tests conducted in Japan
demonstrate NOX removal efficiencies of 70 tq 90 percent or greater for low
sulfur, high sulfur, and heavy oil-fired utility boilers. NOX:NH3 ratio for
these tests was equal to 1. Other operating parameters were not specified.
4.4.2 Wet Scrubbing

Wet FGT processes are, in most cases, designed to take advantage of

technology already available from previously developed FGD systems. Most
wet FGT processes were originally designed as simultaneous NOX/SOX systems.
Unfortunately, NO, which represents the majority of industrial boiler NOx
emissions has an extremely low solubility in aqueous solutions. N02, which
is the lesser component of industrial boiler NOx emissions, is much more
soluble than NO although the solubility of NO2 is poor relative to SOZ.
Therefore, the major task associated with any wet NOx removal process is the
absorption of the NOx by the scrubbing solution where it can be concentrated
and converted into other nitrogen compounds.

There are two common methods of removing NOx from flue gas, direct
absorption of NOX in the absorbing solution and gas-phase oxidation to
convert the relatively insoluble NO to NO2 followed by absorption. Wet NOx
removal processes are generally classified as absorption or oxidation
processes, depending on whether or not the flue gas is treated with a
gas-phase oxidant before absorption. Additionally, each of these
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classifications is divided based on the fate of the N0X after it has been
absorbed by the scrubbing solution. Processes which reduce the absorbed N0X
either partially or completely to molecular nitrogen or complex
nitrogen-sulfur compounds are classified as reduction processes. Processes
which do not reduce the absorbed N0x are absorption processes. Absorption-
oxidation processes involve a absorption of NO and liquid phase oxidation to
nitrates which must be removed by wastewater treating techniques. Thus, the
wet NOx processes can be categorized into one of the following groups:
oxidation-absorption-reduction, oxidation-absorption, absorption-reduction,
or absorption-oxidation. A very simplified flow diagram for a wet NOX/SOx
process is shown on Figure 4.4-3. The various processes developed in each
of these categories are described in the technology assessment report on NOx
flue gas treatment listed in Table 4-1.

Development to date for all of these processes has not proceeded beyond
the pilot plant stage. Numerous processes have been piloted on coal and
oil-fired utility boilers but to date prototype plans have all been
abandoned in favor of SCR development. Major problems encountered include
high energy penalties, difficult water treatment problems, and high sorbent
replacement rates.

At Teast two vendors are currently offering absorption-oxidation
systems for oil-fired steam generator applications for thermally enhanced
0oil recovery operations. No commercial applications exist however and no
pilot or prototype data have been published.

4.4.3 Electron Beam Irradiation

This dry process utilizes an electron beam to bombard the flue gas,
removing N0X and SO2 in the process. A block flow diagram for the process
is shown in Figure 4.4-4.

Flue gas downstream of the air preheater is passed through a "cold
side" ESP to remove particulates. After a small amount of ammonia is added,
the gas enters a reactor, with a residence time of 1-20 seconds, at 373 K
(100°C) where it is bombarded with an electron beam at the rate of

105-106 rad/sec.
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The key subsystem of this process is the electron beam accelerator.
Control of this unit's power supply is based upon inlet composition, flow
rate, and temperature of the flue gas. (The penetration of the gas stream
by the beam requires a unique discharge pattern and other special design
considerations.) A powder containing both ammonium nitrate and sulfate is
generated by an unknown reaction mechanism. The gas is then passed through
a second ESP to remove the solid by-product. The by- product treatment
system is still being developed. Various methods being investigated include
thermal decomposition in the presence of an inert gas, steam roasting with
Ca0, or steam roasting with H20. The byproduct may eventually be useful as
a ferti]izer.]so

The Ebara Manufacturing Company in conjunction with Japan Atomic Energy
Research Institute (JAERI) has operated a 1000 Nm3/hr pilot plant treating
flue gas from an oil-fired boiler. In 1976, Ebara began operating a 3000
Nm3/hr pilot plant on the off-gas from an iron ore sintering furnace at
Nippon Steel. This process is licensed in the U.S. by Avco- Everett
Research Laboratory. The U.S. Department of Energy (DOE) is funding
development of an electron beam process offered by Research- Cottrell.

Pilot unit tests with flue gas are scheduled, however, the details of the
program are not yet available.
4.5 PRE-COMBUSTION TECHNIQUES FOR PM, NOX, AND 302 CONTROL

Pre-combustion techniques considered for reducing PM, NOX, and SO2
emissions from industrial boilers include the use of naturally occurring
clean fuels, physically or chemically-cleaned fuels, and synthetic
(coal-derived liquid or gaseous) fuels. A technique for reducing
particulate emissions from oil-fired industrial boilers, involving use of an
oil/water emulsion, is also considered as a pre-combustion emission control
technigue.

Naturally-occurring clean fuels discussed in this section are raw low
sulfur coal and raw Tow sulfur oil which are Tow enough in sulfur content to
meet 502 emission 1imits with no additional controls. The fuel cleaning
processes discussed in this section are physical coal cleaning (PCC) and
hydrodesulfurization (HDS) of oil. These processes are primarily designed
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to control SO2 emissions by reducing the sulfur content of the fuel.
However, they may also aid in the control of particulate emissions by
simultaneously reducing the ash content of the fuel. 0il cleaning may
result in reduced N0X emissions due to reduction of fuel nitrogen content by
hydrotreating.

The synthetic fuels discussed are low-Btu gas (LBG) and solvent refined
coal (SRC). LBG is derived from the gasification of coal and may be burned
in a gas-fired boiler as an alternative to a coal-fired boiler with
conventional emission controls. SRC is either a solid or a 1liquid boiler
fuel derived from noncatalytic coal liquefaction processes which produce a
fuel substantially reduced in ash and sulfur and potentially Tow in
fuel-bound nitrogen. These fuels may replace coal and residual oil use in
some industrial boilers.

The water/oil emulsion technique involves preparing an oil fuel with a
sufficient amount of water to increase the fuel atomization. Unburned
carbon particulate emissions are reduced as a result of the improved
combustion conditions which result.

The applicability of each of these pre-combustion PM, SO2 and N0X
emission control techniques to industrial boilers, the design or operating
factors which influence their pollutant reduction performance, and the
mechanism by which they reduce emissions is discussed in the following
subsections. No performance data are presented for any of the
pre-combustion emission control techniques because their performance is
either obvious (in the case of naturally-occurring clean fuels) or has yet
to be proven (e.g., synfuels or oil/water emulsions).

4.5.1 Naturally-Occurring Clean Fuels

The naturally occurring clean fuels of interest are low sulfur coal and
Tow sulfur fuel oil. Low sulfur coal is defined as run-of-mine (ROM) coal
which can comply with a given emission standard. Where no emission standard
has been delineated, coals with sulfur contents of less than 1 percent by
weight are considered Tow suh‘ur*.]46

The sulfur content of United States coals is quite variable. While

46 percent of the U.S. total reserve base can be identified as low sulfur
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coal because its sulfur content is Tess than 1 percent, 21 percent ranges
between 1 percent and 3 percent in sulfur, and an additional 21 percent
contains more than 3 percent sulfur. The sulfur content of 12 percent of
the coal reserve base is unknown, largely because many coal beds have not
been mined.

Nearly 85 percent of the reserve base of less than 1 percent sulfur
coal is located in states west of the Mississippi River. The bulk of the
western coals are, however, of a lower rank than the eastern coals. On a
heat content basis, it is estimated that at least 20 percent of the nation's
reserve of Tow sulfur coal is in the eas‘c.]46

Low sulfur western coals can be burned in underfeed and traveling grate
stokers as long as they are designed with sufficient control of undergrate
air to handle any caking that may occur. Caking causes an uneven ash layer
to form on the grate which reduces combustion efficiency unless undergrate
air can be distributed properly. It has been reported that current designs
of some spreader stokers cannot handle caking coals because they lack the

ability to control undergrate air distribution.]47

Since design changes to
incorporate the necessary air distribution system have not been
demonstrated, the use of those low sulfur coals which cake or have a low ash
fusion temperature is not applicable to these stokers. Other low sulfur
coals such as eastern bituminous, which do not cake or have a low ash fusion
temperature, can be burned in underfeed and traveling grate stokers. The
demonstrated reserve base of low sulfur eastern bituminous coal as of
January 1, 1974, was greater than 24 billion metric 'cons.]48

Some spreader stokers of current design also cannot handle coals with
ash fusion temperatures below 1477 K (2200°F), which are typical for many
Tow sulfur western coals (e.g., the Wyoming subbituminous, Utah bituminous
and the 1ignites.)]49

Pulverized coal boilers can be designed for almost any type of coal.
The initial choice of coal will determine the type of pulverizer used, the
tube spacing in the boiler and superheater (Tow ash fusion temperature coals
require greater spacing), and the type of materials used in the furnace

wa11.150
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In 1976 domestic refinery capacity for producing fuel oil from low
sulfur crude was 231,000 m3/day (1,452,000 bb1/day), with the difference
made up by imports. In contrast to low sulfur coal, low sulfur fuel oil
derived from naturally-occurring Tow sulfur crude is readily applicable to
all boiler types and sizes that burn a similar grade of 1’ue1.]51

There are no factors affecting the applicability of naturally-
occurring low sulfur coal or oil to reduce 502 emissions, except the actual
sulfur content of the fuel. However, the higher resistivity of the fly ash
from the combustion of low sulfur coal will affect the design of an ESP
relative to that for medium to high sulfur coal. The effect of resistivity
on ESP performance is discussed in Subsection 4.1.1.

4.5.2 Physical Coal Cleaning

Physical coal cleaning is the generic name for all processes which

remove inorganic impurities from coal, without altering the chemical nature
of the coal. Basically, a coal cleaning plant is a continuum of

technologies rather than one distinct techno]ogy.152

Each coal cleaning
plant is a uniquely-tailored combination of different unit operations
determined by the specific coal characteristics and by the commercially
dictated processing objectives.

Overall process design philosophy in coal cleaning plants is to use
step-wise separations and beneficiations, with a goal of eventually treating
small, precise fractions of the feed with the more sophisticated and
specific unit operations. In this way, the least costly technologies are
applied to large throughputs and the more costly to much smaller through-
puts. A characteristic of this design philosophy is that multiple product
streams evolve, each with its own set of size and purity properties. In
conventional cleaning plants the separate product streams are blended prior
to shipment, to produce a composite coal meeting the consumer's specifica-
tions. Within the context of supplying industrial boilers with small
quantities of relatively low-sulfur fuel, opportunities exist for premium
Tow-sulfur coals to be segregated from the final blending operation and

targeted for specialty markets.]53
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4.5.2.1 Process Description

4.5.2.1.1 System. 1In a modern PCC plant coal is typically subjected
to: size reduction and screening, separation of coal from its impurities,
and dewatering and drying. Commercial PCC methods are currently Timited to
separation of the impurities based on differences in the specific gravity of
coal constituents (gravity separation) and on the differences in surface
properties of the coal and its mineral matter (froth ﬂotation).]s4 A
generalized physical coal cleaning schematic is shown in Figure 4.5-1.

Five general levels of coal cleaning are used to categorize the degree
of treatment to which a coal has been subjected. These levels are:

Level 1 -- Crushing and sizing

Level 2 -- Coarse size coal beneficiation

Level 3 -- Coarse and medium size coal beneficiation

Level 4 -- Coarse, medium, and fine size coal beneficiation
Level 5 -- "Deep cleaning” coal beneficiation

Level 1 processes are generally used to size raw coal to user specifi-
cations, and to remove overburden. No washing is done and the entire
process is dry.

Levels 2 and 3, in addition to crushing and screening raw coal also
perform a minimum of cleaning. Level 2 provides for removal of only coarse
pyritic sulfur. Level 3 is basically an extension of Level 2 in that both
the coarse and medium size fractions obtained from screening are washed
whereas in Level 2 only the coarse fractions are washed.]55

Level 4 systems provide high efficiency cleaning of both coarse and
medium coal fractions with lower efficiency cleaning of the fines. The
primary difference between Level 4 and the Tower cleaning levels is the use
of heavy media processes for cleaning specific size fractions above 28 mesh.
For particles smaller than 28 mesh, cleaning by froth flotation is most
commonly used. Level 4 systems accomplish free pyrite rejection and
improvement of heat content.]56

Level 5 coal preparation systems are unique in that two products are
produced, a high quality. Tow sulfur, low ash coal called "deep cleaned"

coal and a middlings product with higher sulfur and ash content. Level 5
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provides the most advanced state-of-the-art in physical coal cleaning with
large reductions in pyrite and ash content and improvement of heat content
at high yields. 1In addition, this system is flexible relative to the types
of coal that can be processed. Variations in raw coal and product
specifications can be handled by varying the heavy medium densities and
careful control of coal sizes treated in various circuits.

Level 5 coal cleaning plants use the techniques and principles utilized
in the first four levels, but combine them in unique ways to maximize mass
and energy recovery. Major operations involved are crushing, screening or
sizing, heavy media separation, secondary separation, dewatering and removal
of fines from process water. The high efficiency of Level 5 is due to the
repeated use of these operations to produce the desired products.]57

4.5.2.1.2 Development status. There are currently over 460 physical
coal cleaning plants in the U.S. 1In 1976 about 340 million tons of raw coal
was processed by these plants. This represents 58 percent of the total 1976
U.S. coal production of 590 million tons. The majority of these plants were

designed for ash removal rather than sulfur removal although many do take
out 20-30 percent of the sulfur in the raw coal. The status of coal
cleaning plants operated in 1976 is summarized in Table 4.5-1. Some plants
use only one major cleaning process, while the majority use a series of
cleaning processes. The capacity of individual plants varies widely from
Tess than 200 metric tons per day to more than 25,000 metric tons per
da),.159

Levels 1 through 4 are currently in use in operating commercial plants
which produce steam coal. There are examples of Level 5 systems at
metallurgical coal plants where both a low sulfur, low ash metallurgical
grade product and a middling (higher sulfur and ash content) combustion
grade by-product are produced. A1l unit operations proposed for a Level 5
plant are presently used in commercial plants. However, the unit operations
have not yet been combined to form a commercial Level 5 plant for producing
steam coa].]60

4.5.2.1.3 Applicability to industrial boilers. Firing of physically

cleaned coal in industrial stoker-fired boilers is not expected to have a
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TABLE 4.5-1. PHYSICAL COAL CLEANING PLANTS CATEGORIZED BY STATES FOR 1976.158

Total Estmated
Nutber of paily Annual

Nurber Plants Copaclty Cnpaclly Nuiber of Plants Using Varlious
Estimated of for Which of .of Cleaning Methods
Total Coal- Capacity Reporting Reporting .
Ooal Production, Cleaning Data Plants, Plants, (3) lieavy Flotation Air Washing
State 1000 tons plants Neported Tons 1000 tons Media Jigs Units Tables Tables Cyclones

Aabama 21,425 22 10 40,600 10,150 0 10 6 1 12 6
Arkansag 670 1 0 - - 1 - - - 1

Oolorado 8,160 2 0 - - 2 - 1 - - -
Illinois 59,251 kX ] 20 136,775 34,195 17 20 4 1 1 8
Indiana 24,922 7 6 42,000 10,500 2° 5 1 - 1 k]
Kansas 568 2 2 3,800 950 - 2 - - - -
Kentncky 146,900 70 418 245,700 61,425 43 27 16 4 20 24
Maryland 2,792 1 0 - - - - - - - 1
Missouri 5,035 2 1 3,500 875 - 2 - - - - -
New Mexico 9,242 1 1 6,000 1,500 1 - 1 - - 1
Ohio 44,582 10 13 102,750 25,690 6 11 - 1 2 5
- Ok lahcma 2‘770 2 1 550 140 1 1 - - - 1
Pennsylvania 5,090 24 14 13,000 3,250 21 4 4 - 3 2

{Anthraci te)
Pennsylvania 81,950 66 50 205,010 71,255 30 19 16 20 15 19
{Bi tuminous)

Tennessee 9,295 5 4 8,520 2,130 1 1 1 2 - 1
Utah 6,600 6 4 23,100 5,775 2 4 2 2 - 2
Virginla 36,500 42 29 143,550 35,090 26 15 9 8 15 11
Washington 3,700 2 1 20,000 5,000 1 1 - - - -
vest Virginia 110,000 152 113 577,375 144,345 104 55 59 12 55 59
Wyaming 23,595 1 1 600 150 - - - 1 - -
Total 603,055 459 318 1,652,030 413,210 266 177 121 52 125 144

(a) The estimated annual-capacity values for the reporting plants were calculated fran the daily~capacity values by assuning an
average plant operation of 250 days per year (5 days per wcek for 50 weeks per year).



significant effect on boiler maintenance requirements. In industrial
pulverized coal-fired boilers, firing of physically cleaned coal may reduce

boiler maintenance costs.]61

Physical cleaning of coal should improve the overall performance of a
stoker-fired boiler provided the resultant coal size is acceptable for
stoker firing (1-1/2" x 1/4" with minimal fines). Physical cleaning
partially removes pyrites, ash, and other impurities, thus reducing both SO2
and particulate emissions. As compared to raw coal, physically cleaned coal
is easier to handle and feed, burns more uniformly with less chance for

clinkering, and reduces ash disposal p\r‘ob1ems.]62

As an example, both a raw
and the corresponding physically cleaned coal were fired in a steam plant
spreader stoker boiler. When firing the raw coal, the boiler could operate
only at about one half capacity. The high ash content of this coal resulted
in nonuniform combustion caused by feeding problems, excessive ash buildup
and clinker formation on the fuel bed. In contrast, the physically cleaned
coal was fired at full capacity with no operational prob]ems.]62

4,5.2.2 Factors Affecting Performance. Sulfur reduction by physical

cleaning varies depending upon the distribution of sulfur forms in the coal.
There are three general forms of sulfur found in coal; organic, pyritic, and
sulfate sulfur., Sulfate sulfur is present in the smallest amount

(0.1 percent by weight or less). The sulfate sulfur is usually water
soluble, originating from in-situ pyrite oxidation, and can be removed by
washing the coal. Mineral sulfur occurs in either of the two dimorphous
forms of iron disulfide (FeSz) - pyrite or marcasite. The two minerals have
the same chemical composition, but have different crystalline forms.

Pyritic sulfur occurs as individual particles (0.1 micron to 25 cm. in
diameter) distributed through the coal matrix. Pyrite is a dense mineral
(4.5 g/cc) compared with bituminous coal (1.3 g/cc) and is quite water-
insoluble thus the best physical means of removal is by specific gravity
separation. The organic sulfur is chemically bonded to the organic carbon
of the coal and cannot be removed unless the chemical bonds are broken. The
amount of organic sulfur present defines the Towest 1imit to which a coal
can be cleaned with respect to sulfur removal by physical methods. Physical
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cleaning typically can remove about 50 percent of the pyritic sulfur,
although the actual removal depends on the washability of the coal, the unit
processes employed and the density of the separating medium.

A trade-off between product yield and purity exists for any one unit
operation of a physical coal cleaning process. Product yield is defined as
the ratio of the clean product heating value divided by the heating value of
the raw coal and can vary from 0 to 1. Product purity refers to the amount
of sulfur retained in the clean product - the lower the sulfur content, the
higher the purity. One unit operation cannot achieve both performance goals
-- either yield is maximized, or purity is maximized, or a compromise is
made between yield and purity. This basic limitation on performance also
applies to an entire plant if that plant only produces one clean coal
product. However, the designer of a multiproduct plant may achieve both
performance goals. As an example, one unit operation may be selected for
maximizing product purity although the quantity of this clean product is
relatively small. In this case, a fine fraction (28 x 0 mesh) may be
produced with a pyritic sulfur content reduced by up to 90 percent, but with
a yield of less than 50 percent. If the rejected portions are washed again
at a relatively high specific gravity in another (sequential) unit
operation, a "middling" product with somewhat higher pyritic sulfur content
may be recovered with an overall recovery (between the two products) of the
majority of the original heating va]ue.164

The inherent design advantages of a multi-product plant do have special
significance for industrial boilers. Since the coal quantities used by
industrial boilers are a small fraction of the total coal demand, it might
be quite attractive for a coal cleaning plant to produce a very clean
product for new industrial boilers and a middling product suitable either
for consumers subject to less stringent emission standards or for large
consumers (i.e., utilities) with additional site-specific SO2 controls.
4.5.3 0il Cleaning

Hydrotreating or hydrodesulfurization (HDS) processes are used to

165

produce 0il fuels substantially reduced in sulfur, nitrogen and ash content.
They are chemical processes, which involve contact of the o0il with a
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catalyst and hydrogen to convert much of the chemically-bonded sulfur and
nitrogen to gaseous hydrogen sulfide (HZS) and ammonia (NH3). These gases
are separated from the fuel and then collected.

4.5.3.1 Process Description

4.5.3.1.1 System. In a typical hydrotreating process, oil to be
treated is filtered to remove suspended material. The o0il is then mixed
with hydrogen, heated to 340 to 450°C (650° to 850°F), and passed over one
or more catalytic reaction beds. The most widely-used catalysts are
composites made up of cobalt oxide, molybdenum oxide, and alumina, where
alumina is the support and the other agents are plr‘omoter‘s.]66

Numerous chemical reactions occur which lead to removal of most of the
sulfur as HZS' Tab}g74.5—2 illustrates some of the types of compounds and
reactions involved. In an HDS process, hydrogen also reacts with other
species besides sulfur compounds. For example, nitrogen compounds break
down to liberate ammonia from the oil. This is referred to as denitrogena-
tion or denitrification. Nickel and vanadium in the oil, which are bound as
organo-metal compounds, are also liberated by reaction with hydrogen. This
is generally referred to as demetallization. Most of the liberated metals
deposit (as the sulfide) on the catalyst surface or in its pores and slowly
deactivate the catalyst. Other reactions which take place break up large
complex molecules such as asphaltenes and lead to a reduction in carbon
residue for the product oil.

Many companies are engaged in developing and using catalytic hydro-
treating or hydrodesulfurization processes. All are similar in basic
concept but vary in specifics such as the type of catalyst employed, the
process conditions, and the process complexity. Figure 4.5-2 represents a
simplified flow diagram of an HDS process currently being commercially
marketed. Its basic elements are a feed filter, a heater, a single- stage
catalytic reactor, a gas/liquid separator, a fractionating column, and a gas
treatment section. This system is capable of producing fuel oil of approxi-
mately 1 percent sulfur from a feedstock such as atmospheric residual o1l
containing 2 percent sulfur. To produce a lower sulfur content product,
additional catalytic reaction stages must be added. A system with two
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Table 4.5-2. CHEMISTRY OF HYDRODESULFURIZATION REACTIONS IM
PETROLEUM CRUDE 0IL 167

Name Structure Typical reaction —
Thiols {mercaptans) R—SH R-SH + Hp —— RH + HyS

Disulfides R-S—-S—R’ R—S—S—R’' + 3H ——» RH + R'H + 2H,S
Sulfides R—-S—R’ R—S—R'+2H, — RH+ R'H + H5S

R
Thiophenes @ Il 'l + 4H2 — n-CyqHyp + HoS
‘ S

R
Benzothiophenes @j @j +3H—» CHacH{O + HpS
s s
R
Dibenzothiophenes @\—ID +2Hy; —» +HgS
s v
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catalytic reaction stages can produce a fuel of approximately 0.3 percent
sulfur content from a 2 percent sulfur feedstock. A more advanced process
using three catalytic reactors can produce fuel oils with sulfur contents as
Tow as 0.1 per‘cen'c.]69

4.5.3.1.2 Development status. Over 30 hydrotreating processes are

actively in use, and more than 250 processes have been described in the
patent literature since 1970.170 Many of these processes have been in
commercial existence for over 10 years. The particular process selected by
a refinery depends on the existing or planned refinery products. In
existing facilities, a fuel desulfurization process is usually chosen to
minimize modification or retrofit and/or satisfy refinery product mix goals
and feedstock purchase expectations. Hence, the desulfurization process
selected depends on the required sulfur content of the product and the
feedstock properties.

4,5.3.1.3 Applicability to industrial boilers. Like Tow sulfur fuel
0il produced from naturally-occurring low sulfur crude, oil that has been

treated by an HDS process is readily applicable to all boiler types and
sizes that burn a similar grade of fuel. Use of this cleaned o0il should not
adversely affect the operation of the boiler. In fact, boiler performance
may even be improved due to the potential for less corrosion and deposit
formation in the boiler due to the chemical composition changes in the oil
as a result of hydr‘o'cv'ea'cing.]71

4.5.3.2 Factors Affecting Performance. The composition of the feed-
stock to a hydrotreater strongly influences the amount of hydrogen and
catalyst consumption in the process. Major feedstock variables are density
(expressed as °API), sulfur content, and metals content.

Hydrogen consumption has been correlated with sulfur reduction for a

variety of residual oil feeds. Figure 4.5-3 illustrates these results on
feedstocks varying from 4 - 18° API gravity. It can be seen that to obtain
90 percent reduction in sulfur for a 19° API feedstock, about 0.1 Nm3 of
hydrogen are consumed per liter of oil processed (650 scf/barrel); whereas,

a 4° API feed would require 0.2 Nm3/11ter (1200 scf/bav'v'e]).]73
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As previously discussed, removal of metals by hydrotreating results in
metals deposition on the catalyst surface or in the pores. This leads to
deactivation of the catalyst, which can be overcome by a temperature or
pressure increase to maintain acceptable processing rates. The increase 1in
required severity of process conditions leads to more hydrocracking with a

174 Further complication from

subsequent increase in hydrogen consumption.
the metals content of the feed is a shortening of catalyst life. Even
though some deactivation can be tolerated, the resultant increase in
hydrogen consumption means the catalyst must be changed out more frequently.
The effect of metals is shown in Figure 4.5-4. This figure shows that
for 90 percent sulfur removal from a 25 ppm metals content feedstock, about
27 barrels of oil can be processed per pound of catalyst; to achieve the
same sulfur removal with a 100 ppm metals content feedstock, only 4.5
barrels can be procesed per pound of catalyst; a feedstock containing
300 ppm metals requires almost 1 pound of catalyst per barrel. Clearly,
high metal feedstocks are a problem to the refiner. Therefore, many
refiners are using a separate stage of lower cost catalyst material prior to
the special hydrodesulfurization catalysts. These separate stages may be
packed with a material such as alumina or clay, which collects the metals
and "guards" the subsequent high activity catalyst. For this reason, some
refiners refer to this stage as a "guard reactor" or "guard vesse]".176
4.5.4 Low-Btu Gasification

Converting coal into a "clean" Tow-Btu gas with subsequent combustion

in a boiler, reduces 502, NOX, and particulate emissions (versus direct coal
combustion) by removing the pollutant's precursors. With respect to
particulate emissions, the coal ash content is physically separated from the
gas when coal is gasified. Any entrained ash or coal particles are
subsequently removed from the gas in hot cyclones and in the gas quenching
and cooling steps. 502 emissions are reduced by removing sulfur species
such as HZS and COS from low-Btu gas prior to combustion. Nitrogen oxide
emissions are reduced because low-Btu gas contains only small quantities of
nitrogen compounds (NH3 and cyanides) which are oxidized to N0X (fuel N is
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low compared to coal). Moreover, low-Btu gas burns with a low flame

temperature which helps reduce the formation of N0X by thermal fixation.177

4.5.4.1 Process Description

4.5.4.1.1 System. As shown by Figure 4.5-5 a Tow-Btu gasification
system consists of three basic process steps: coal pretreatment, coal
gasification, and product gas purification. Coal pretreatment is necessary
to supply uniformly size coal to the gasifier. In the coal gasification
step, pretreated coal is reacted with a steam/air mixture to produce a
low-Btu gas with a heating value of apprxoiamtely 5.6 MJ/m3 (150 Btu/scf).
In the gas purification step, particulate matter, sulfur, and nitrogen
compounds may be moved from the product gas. If not removed, the sulfur and
nitrogen compounds would be oxidized to SO2 and N0X in the boiler and the
particulate matter would erode the burner.

Close to 70 different low and medium Btu gasifier types have been used
commercially in the past or are currently under development. Among the
important characteristics which distinguish one gasifier from another are:

e Bed type,

e Operating conditions,

e Gasification media,

e Coal feeding technique,
e Ash removal process,

e Energy input, and

e Type of gas produced.

To produce a clean fuel, the critical parts of a coal gasification
system are the gas purification and acid gas removal (AGR) operations.
Removal of coal dust, ash, and tar aerosols entrained in the raw product gas
leaving the gasifier is accomplished with cyclones, ESP's, and water or oil
scrubbers. In the gas quenching and cooling section, tars and oils are
condensed and particulates and other impurities, such as ammonia and
cyanides, are scrubbed from the raw product gas.

Acid gases such as HZS’ cos, CSZ’ mercaptans, and SO2 are also removed
with varying effectiveness from the raw product gas in the gas quenching and
cooling section. Either low sulfur coal or AGR systems must be used to
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avoid excessive sulfur emissions. Commercially available AGR techniques
include physical and chemical solvent processes, direct conversion and

178 1he

catalytic conversion processes, and fixed-bed adsorption processes.
specific process used depends on the major acid gas constituents.

4.5.4.1.2 Development status. LBG from coal has been produced both in

the United States and overseas for many years. It is estimated that at one
time there were some 11,000 coal gasifiers in use in the U.S. As the
availability of natural gas increased, the number of operating gasification
systems declined significantly. At the present time there are only a few

179 and

coal gasifiers operating in the United States on a commercial basis,
all of these are used to fuel process furnaces. Some of these furnaces have
a heat transfer medium to transfer the energy from the combustion operation
to the process, and, hence, they are similar in design to boilers. They
also operate at combustion temperatures typical of industrial boilers, which
indicates that Tow-Btu gas can be burned in industrial boilers. None of
these systems incorporate an AGR process for gas cleanup. However, AGR
processes are commercially available from a number of process licensors and
vendors.

4,5.4.1.3 Applicability to industrial boilers. Low-Btu gasification
systems are applicable to any size industrial boiler. For an 8.8 MW
(30 x 106 Btu/hr) industrial boiler, one 3 m (10 ft) diameter Wellman-
Galusha gasifier is required. For larger boilers, multiple gasifiers would
be used (ten 3 m diameter gasifiers are required for a boiler with a thermal
input of 117.2 MW or 400 x 106 Btu/hr). A1l of the low-Btu gasification
systems examined in the individual technology assessment report for

synthetic fuels are sources of gaseous emissions, liquid discharges, and
solid wastes. However, with suitable precautions there do not appear to be
any uncontrollable adverse environmental impacts associated with the
production and use of low-Btu gas.

The use of coal-derived low-Btu gas in new industrial gas-fired boilers
has several advantages over the use of coal in direct coal-fired boilers.
First, a gas-fired boiler is a much simpler piece of equipment to operate
than a coal-fired boiler. There is no need for ash handling equipment and
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the only fuel handling equipment required is piping. However, ash handling
equipment will be required at the gasifier location. Second, due to the
Tess complex nature of gas-fired boilers, maintenance requirements will be
less than for coal-fired boﬂers.]80

On the other hand, the production and use of coal-derived gases at an
industrial site can have adverse impacts. The primary concerns are the
reliability/operability of the gasification system and how that affects the
operability of the boiler. In order to minimize adverse impacts, installa-
tion of spare capacity or sparing of key process units in the gasification
system may be required. Another alternative would be to provide a backup
fuel source (such as distillate fuel oil) for the boiler. The incorporation
of either of these options into a gasification/steam generation system
design must be done on a case by case basis, taking into consideration the
particular requirements of the system. 1In addition, in the selection and
design of the boiler, consideration must be given to the different
combustion characteristics (e.g., heat release rate and flame temperatures)
of coal-derived gas versus natural gas.]80

4.5.4,2 Factors Affecting Performance. The performance of LBG as an
emission control technique for industrial boilers depends on the performance

of the gas purification system operation. More specifically, it depends on
the performance of the acid gas removal unit in removing HZS and organic
sulfur compounds (predominantly COS) from the product gas. The demonstrated
acid gas removal processes are capable of removing over 90 percent of the
sulfur species from the raw gases.181

502 emissions can be predicted accurately from the producer gas
analysis, which is available from several gasifier/acid gas removal system
combinations. An upper limit on particulate emissions can also be
predicted, based on the particulate content of the cleaned gas and
experience with gas-fired boilers. Particulate emissions are estimated to
approach those for natural gas-fired boilers. NOx emission data for
specific coal and gasifier types which are necessary to accurately predict
NOX emission levels from industrial boilers firing low-Btu gas are not

available.
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4.5.5 Solvent Refined Coal

The Solvent Refined Coal (SRC) process is a fuel pretreatment process
designed to produce clean solid (SRC-I) and liquid (SRC-II) fuels. Both the
SRC-I and SRC-II processes use a noncatalytic hydrogenation step in which
coal is partially dissolved in a hydrogen-rich solvent to produce a fuel

substantially reduced in sulfur and ash content compared to the raw coal.
Fuel nitrogen content may also be reduced.

4.5.5.1 Process Description

4.5.5.1.1 System. The two SRC processes are shown schematically in
Figure 4.5-6. In the SRC-I process, slurried coal is liquified and the
product is separated from the unreacted residue by filtration. Recycled

solvent for coal-slurry preparation is recovered from the product mixture by
distillation. The rest of the liquid product is solidified to produce a
boiler fuel. 1In the SRC-II process, more hydrogen (almost double the amount
required in the SRC-I process) is added to the coal in the liquefaction
reactor. The unreacted solids are separated from the product by vacuum
distillation, and a fraction of the liquid product is recycled for slurry
preparation. The product liquids may be hydroprocessed for further
upgrading, depending on the product quality desired.

4.5.5.1.2 Development status. Systems to produce SRC fuels are in
advanced stages of development and could be commercially available in the

late 1980's. Both solid and liquid boiler fuels are currently being
produced in DOE sponsored SRC-I and SRC-II pilot p]ants.]83 Table 4.5-3
presents a comparison of the status of development of the two SRC processes.

4,5.5.1.3 Applicability to industrial boilers. Preliminary results
from SRC-I handling and burning tests indicate that some industrial boijler
modifications may be required for the operation of the fuel handling and
storage equipment, pulverizers, burners, and the combustion process if SRC
fuels are used.]85 In pulverized coal-fired boilers, for example,

pulverizer temperatures must be lowered to prevent the SRC-I fuel from
melting during pulverization. Pulverizer temperatures can be lowered by
reducing the amount of air that the pulverizer receives from the air

pr‘eheater‘.]86 In addition, the solid fuel produced by the SRC-I process is
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Table 4.5-3. GENERAL COMPARISON AND RELATIVE TECHNICAL
STATUS OF THE SRE-1 AND SRC-I1

184
LIQUEFACTION PROCESSES
Technical Status SRC-1 SRC-T1
Pilot unit
Scale of Operations 0.9 0.9
(metric tons/day, coal)
Size of Pilot Plant a) 45 27.3
(metric tons/day, coal) b) 5.5
Pilot Plant began a) Late 1974 M1d-1977
Operat ion b) Mid-1976
Fuel Types Refined coal Distillate oil
(solid fuel)
Coal Feed Eastern Eastern (high
Western ‘pyrites only)
General Cb@parisons
Fuel Flexibility Developed to Poor
produce
substitute
solid boiler
fuel only
Reactor Operating Severity Moderate High
Process Scale-up Risk Moderate High
Number of New Components High High
and Design of Commercial
Equipment '
Reactor Comﬁlexity Moderate Moderate
Fuel Utilization,
Combustion
Raw Product, Stability, Moderate Poor
Compatibilicy
Combustion Experience Moderate Limited
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not applicable to all industrial coal-fired stoker boilers. SRC-I solids

have a low melting point (approximately 615 K or 310°F) and would melt on

the grate of current fixed-bed stoker boilers before they are combus'(:ed.]87
Fuels from the SRC-II process may be used to replace residual fuel oil

as an industrial boiler fuel with minor modificatons in the combustion

process.]88

4.5.5.2 Factors Affecting Performance. The primary operating
variables which could affect the conversion of sulfur and nitrogen in the
raw coal to hydrogen sulfide and ammonia for removal from the fuel are:

e Characteristics of the raw coal,

e Process operating variables,

e Hydrogen consumption,

e Reactor space velocity, temperature, and pressure, and
e The degree of hydroprocessing of the raw product fuel.

The higher the sulfur and nitrogen content of the coal processed, the
greater the hydrogen consumption will be. Nitrogen removal is more
difficult than sulfur removal because the reaction between nitrogen and
hydrogen does not take place easily. Nitrogen removal from the feed coal
ranges from approximately zero to 40 percent with about half of the nitrogen
removed going into the production of ammonia.]89

Reactor space velocity, temperature, and pressure all affect hydrogen
consumption. An increase in reactor temperature and pressure results in
increased reaction rates with an increase in hydrogen consumption. An
increase in residence time (decrease in space velocity) also increases the
consumption of hydrogen. Since hydrogen consumption is influenced by all
these variables, it is used as an indicator of the sulfur and nitrogen
r‘emova1.]90

Reactor temperature and residence time have greater effects on sulfur
removal than reactor pr'essur'e.]90 At Tow temperatures, the relationship
between sulfur removal and hydrogen consumption is approximately linear.
However, as the temperature is increased, more sulfur is removed but at a
lower rate. Sulfur removal can also be increased by increasing reactor
pressure and residence time.
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An increase in reactor temperature also increases hydrogen consumption
to react with nitrogen; however, nitrogen removal at higher temperatures
does not significantly change.mO It appears that the effect of reactor
pressure changes on hydrogen consumption for nitrogen removal is small, on
the order of 0.1 percent nitrogen content change for a change in pressure
from 8.86 to 10.49 MPa (1280 to 1520 psi).

Raw coal-derived liquid fuels differ from petroleum-derived fuels in
that they are very aromatic and, as such, are hydrogen deficient. Hydro-
processing can be used to increase the hydrogen content of coal-derived
fuels by catalytically reacting hydrogen with the fuel. Hydrogenation also
further decreases the sulfur and nitrogen content of the coal-derived liquid
fuel produced. The hydroprocessing variables that affect sulfur and
nitrogen removal from coal-derived liquids are catalyst type and hydrogen
consumption.191

There is Timited storage and combustion data on coal 1liquefaction
products from either of the two SRC processes. The Ft. Lewis, Washington,
SRI-I pilot plant with a capacity of 45 metric tons per day, produced a 2725
metric ton sample of solid SRC-I fuel for combustion testing at the 22 Mwe
Plant Mitchell power station of the Georgia Power Company. The combustion
tests were performed in the second quarter of 1977.192
home heating units and industrial boilers, and some limited laboratory tests
have been performed with SRC-II liquid fue]s.]92
4,5.6 0il/Water Emulsions

0il/water emuisions can be fired in distillate and residual oil-fired

Small-scale tests on

boilers to enhance the atomization of the fuel and obtain improved
combustion. As a result of improved combustion, the firing of an oil/water
emulsion in an industrial boiler can result in decreased particulate
emissions, and, in some cases, decreased NOx emissions.

4.5.6.1 Principle of Operation. The oil/water emulsion process is

based upon the firing of a stable emulsion in a conventional oil-fired
boiler. Emulsion preparation equipment commercially available uses
ultrasonics or mechanical means to produce stable emulsions. Surfactants
are required to produce a stable emulsion with distillate oil; whereas,
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residual oil, because it typically contains natural surfactants, will form a
stable emulsion without surfactant addition.]c‘?”]94

When firing an oil/water emulsion, each fuel droplet contains one or
more small droplets of water. During combustion the internal water droplets
vaporize, causing mini-explosions of the fuel droplets, leading to a much
finer atomization and a very thorough mixing of air and fuel. This allows
complete combustion with much less excess air and results in a dramatic
reduction in soot production. Use of less excess air means that less heat
is carried out the stack by the exhaust gases and the reduction of soot
formation keeps the boiler heat transfer surfaces clean. Thus, boiler
efficiency is 1'mproved.]95’]96

Improved combustion conditions result in less unburned carbon being
emitted from the boiler with a resulting decrease in particulate emissions.
Some tests have, however, shown that particulate emissions from firing an
emulsion may have a smaller size distribution resulting in increased visible
197 1n addition to
reductions in particulate emissions, use of oil/water emulsion technology

emissions although the mass emissions decrease.

has been reported to lower NOX emissions for distillate oil firing due to
the Tower excess air used and the reduced combustion temperatures which
resu]t.]98 However, no significant reduction was observed for residual oil
emu]sio?sgdue to the high nitrogen content of the residual oil fuel

tested.

4.5.6.1.2 Development status. O0il/water emulsifiers have been

marketed commercially in the United States and Europe since the early
1970's.2%0
purpose of increasing boiler efficiencies through improved combustion.

Emulsifiers sold to date have been primarily used for the

Environmental benefits have, apparently, not been a major factor in sales of
emulsification systems, and consequently, actual performance data concerning
emission reductions achieved by this technology are not available.

4.5.6.1.3 Applicability to industrial boilers. 0il/water emulsion

systems are generally applicable to industrial boilers burning either
distillate oil or residual oil. Applications to date have been retrofits
for the primary purpose of improving the combustion efficiency of older
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boilers. Improved combustion conditions typical of new boilers, with
improved burner designs and instrumentation, will result in essentially the
same benefits that emulsion firing has been shown to provide. Consequently,
this technology will probably continue to have as its major application the
improvement of the performance of existing installations.
4.6 COAL/ALKALI COMBUSTION TECHNIQUES FOR 502 CONTROL

Both combustion of coal/alkali fuel mixtures or coal in a bed of
alkaline sorbent are being developed as alternatives to post-combustion 502
control. Two of the most promising alternatives are combustion of coal/
Timestone fuel mixtures and combustion of coal in a fluidized bed of
Timestone. With these combustion techniques, fuel sulfur is converted to
802 which reacts with calcium oxide and excess oxygen in the fuel bed
according to the following overall reaction.

502 (g) + Ca0 (s) + % 02 (g) = CaSO4 (s)

The Ca0 is produced by a rapid calcining of calcium carbonate (1imestone) in
the fuel bed using the heat of combustion. Most of the calcium sulfate
formed stays in the fuel bed and is removed from the system along with the
bottom ash. Some CaSO4 may become entrained in the flue gas and /
subsequently be collected in a downstream particulate control device.

This section describes two methods that may be used to burn coal/alkali
fuel mixtures for 502 control. Fluidized bed combustion (FBC) is discussed
first followed by coal/limestone pellet (CLP) combustion. It should be
noted that CLP technology is still in the developmental stage and any
information presented should be considered as preliminary and subject to
change. FBC technology has been used on a limited basis with jts use
expected to increase in the future.

Development of another process involving combustion of coal/limestone
fuel mixtures is currently being funded by EPA, with future plans for a
joint EPA/DOE development program being considered. In this process, a
pulverized mixture of coal and limestone is fired in a 1ow-N0X burner to
reduce 502 and NOx emissions (relative to the combustion of coal in a

4-187



conventional burner.) However, development of this process had not
progressed beyond bench scale at the time of this report.
4.6.1 Fluidized Bed Combustion for SO, and NO_ Control

Fluidized bed combustion (FBC) is a boi]e; design option which, because
of the nature of its operation, results in lower SO2 and N0x emissions.
Because of its SO2 and N0x emission reduction potential, FBC is discussed
here as a pollution control technique rather than as a boiler type in

Chapter 3. FBC technology offers a variety of advantages over conventional
boiler designs, including 502 emission reduction without use of FGD systems,
smaller more compact boilers, and flexibility in fuel use.

Although both pressurized and atmospheric fluidized-bed designs are
currently being developed, it appears that atmospheric fluidized bed combus-
tion (AFBC) will dominate the FBC market for industrial boiler applications
in the near future. Apparently. the additional complexity of the
pressurized designs (and associated cost) is not offset by increased
performance in industrial boiler applications. Pressurized designs may,
however, prove to be economical in utility, co-generation, and combined

cycle power p]ants.ZO]

In the following discussion, only AFBC designs will
be considered.

4.6.1.1 Process Description

4.6.1.1.1 System. A simplified schematic diagram of an AFBC boiler is
presented in Figure 4.6-1. The unit is comprised of a bed of sorbent (or
inert material) which is suspended or "fluidized" by a stream of air at
0.3 to 4.6 m/sec (1 to 15 ft/sec).

Coal is injected into this bed and burned. A sorbent (usually 1ime-
stone or dolomite) is also injected to react with the 502 formed upon
combustion. The gas velocity is set so that the bed particles are suspended
and move about in random motion. Boiler tubes submerged in the bed remove
heat at a high rate to maintain bed temperatures in the range of 760° to
870°C (1400° to 1600°F).203

Particulate matter emitted from the boiler passes to a primary cyclione
where 80 to 90 percent of the larger carbon containing particies are
removed. This collected material can be recirculated back to the FBC unit,
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fed to a carbon burnup cell (CBC) to maximize combustion efficiency, or
disposed of. A carbon burnup cell is a separate FBC reactor which is
operated at higher temperatures [1090°C (2000°F)] than the main FBC to
achieve maximum carbon utilization.

In addition to the cyclones normally incorporated in an atmospheric FBC
design, additional particulate control equipment such as "hot-side" or
"cold-side" ESPs or fabric filters (see Section 4.1) may be used to further
reduce particulate emissions.

FBC technology can reduce SO2 emissions by up to 90 percent or more
depending upon the rate of sorbent addition to the bed and the FBC design
and operating conditions. Nitrogen oxide (NOX) emissions from FBC are
inherently lower than uncontrolled emissions from conventional combustion.
Combustion temperature is considerably lower in FBC (815° to 930°C [1500° to
1700°F]) than conventional combustion (1500°C [2700°F]). The lower FBC
combustion temperature results in lower NOx emissions due to reduced
fixation of atmospheric nitrogen. Formation of NOx at the Tower

temperatures is primarily due to the oxidation of fuel nitrogen.204

2N (fuel) + 02 > 2NO

The NO is formed rapidly as the coal burns and is thought to be reduced in
the presence of carbon monoxide and other products of incomplete combustion,

by a reaction such as the fo]]owing:zo4

2C0 + 2NO  ~» 2C02 + N,

Some combustor design and operating conditions tend to increase NOx
emissions. For example, increasing bed temperature, increasing excess air,
decreasing gas residence time, and possibly increasing fuel nitrogen content
can all contribute to increased NOx emissions. However, the influence of
these variables on NOx emissions has not been quantified or correlated; and
the mechanisms of NOx formation and decomposition in FBC are not well
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understood. Hence, it is not possible to design FBC's for Tow NOX emissions
with the same reliability possible for 50,.7%°
4.6.1.1.2 Developmental status. Development of coal-fired FBC

industrial boilers is continuing on several fronts. Much of the work is
being conducted with funding and guidance from the U.S. Department of Energy
(DOE) as part of the National Energy Research, Development, and
Demonstration Program. Recently the State of Ohio has supported FBC
development. In addition, several vendors now offer commercial FBC
industrial boilers independent of government funding. Finally, industrial
boiler FBC development is being supported through utility FBC development
work: The Electric Power Research Institute (EPRI) is actively involved in
this program. ,

DOE 1ists four major demonstration FBC boilers currently operating or

under construction.206

The installation at Georgetown University has been
operating since mid-1979. This unit is a two-bed design with a total
capacity of 44,840 kg/hr (100,000 1b/hr) of saturated steam. Another major
demonstration project is the 22,420 kg/hr (50,000 1b/hr) boiler at the Great
Lakes Training Center in I11inois. This unit is currently scheduled for
start-up in early 1981. The remaining DOE demonstration projects are part
of an investigation into the use of anthracite culm (mine tailings) in
industrial boilers. A 8,970 kg/hr (20,000 1b/hr) boiler is under construc-
tion in Paxinos, Pennsylvania and will supply a paper reprocessing plant.
Finally, a larger 44,840 kg/hr (100,000 1b/hr) boiler is planned to supply
the City of Wilkes-Barre, Pennsylvania with steam for heating and air
conditioning.

At least three manufacturers now offer FBC industrial boilers on a
commercial basis. Units as large as 50,000 1b/hr are available as package
boiler units. The largest of the industrial FBC boiler manufacturers
reports 14 sales of coal-fired industrial boilers, 10 of which will burn
pure coal with the remaining four burning mixtures of coal and other
fue]s.207

Despite the availability of commercial units, FBC is still an emerging
technology. Long term data on the performance of FBC units is lacking.
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Future work is currently being directed toward the confirmation of long-term
SOx removal efficiency in large scale units. Documentation of the influence
of gas phase residence time and sorbent particle size on SO2 removal are
other major areas of research. Other investigations are required to assess
limestone characteristics and availability as well as alternative
sorbents.208

Experimental work is continuing in an effort to gain a better under-
standing of N0x formation/reduction mechanisms in FBC, and of the
correlation between emissions and the key FBC design/operating conditions
which can influence emissions. The goal of these studies is to provide the
capability to better predict and control N0X emissions through adjustment of
standard design/operating conditions. Also, several investigators are
beginning to address combustion modifications, deliberately aimed at
reducing N0x emissions from FBC, such as staged combustion, flue gas
recirculation, ammonia/urea injection, and stacked beds. It is necessary to
define the effects of such combustion modification techniques, not only on
NOx emissions, but on other system parameters, such as combustion efficiency
and materigé; corrosion and the potential increase of SO2 particulate
emissions.

4,6.1.1.3 Applicability to industrial boilers. Fluidized bed combus-

tion can be used in place of practically any type of industrial boiler

(stoker, pulverized coal, gas/oil). FBCs can be used for saturated/
unsaturated steam, process heating (water, air, crude oil), and direct/
indirect heating applications.

In the industrial boiler capacity size range of less than 73.3 MW
(250 x 106 Btu/hr) it is expected that most, if not all, FBC units will
operate at atmospheric pressure with a once-through sorbent processing
scheme. Most industrial FBC boiler users probably will not have sufficient
need for onsite electric power generation to justify the additional capital
and operating costs and operational complexity associated with pressurized
FBC systems. A similar argument of economics, operational complexity, and
technological demonstration holds for sorbent regeneration systems. It is

expected that the typical industrial user will select a once-through sorbent
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operating scheme, due to its demonstrated -simplicity and Tower costs, at
least for first generation FBC 1nsta11ations.210

The concensus of opinion indicates that widespread application of
coal-fired FBC industrial boilers will be limited to systems greater than 15
to 30 MW (50 to 100 x 106 Btu/hr) thermal input. This is due primarily to
the high cost of related coal and ash handling equipment for smaller units.
However, there does not appear to be any lower capacity technical Timit to
coal firing with FBC techno]ogy.211

Fuel flexibility is an important advantage of FBC use in the industrial
sector due to the incentive to burn industrial byproducts and Tow-grade,
high sulfur fuels not easily burned in conventional boilers. FBC boilers
have multifuel capability and can burn all ranges of coal, oil, and gas and
some industrial wastes.

FBC industrial boilers produce higher amounts of solid waste, relative
to conventional cumbustion, since spent sorbent as well as ash must be
disposed of. It is possible that waste disposal requirements for FBC may
1imit its use in areas with severe solid disposal Timitations. For most
installations, solid disposal will not be a major factor influencing the use
of FBC boilers.

4,6.1.2 Factors Affecting Performance.

S0, Control. Of the factors which affect SO, emission control, the

calcium to sulfur molar feed ratio (Ca/S) has the greatest impact. As the
calcium content of the bed is increased, greater SO2 removal is achieved.
Westinghouse Research and Development Center has developed a model which
projects sorbent requirements to attain certain levels of SO2 removal
efficiency. Figure 4.6-2 illustrates the rapid increase in sulfur retention
with increasing Ca/S based on the model. For sorbents with a particle size
of approximately 500 um, the relationship is nearly linear below about

75 percent SO2 removal. Above this Tevel, sulfur retention approaches

100 percent asymptotically. However, further data from larger systems and
for high levels of SO2 removal are required to fully support the model

projections.213
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Sorbent particle size is also an important factor influencing SO2
reduction. As the particle size of a given sorbent is decreased, the
calcium utilization is increased. Thus, with the same Ca/S molar feed
ratio, the 502 reduction efficiency can be increased significantly by
decreasing the sorbent particle size. The increased reactivity of smaller
sorbent particles is due to their greater surface area.214

A third major factor which affects the sulfur removal efficiency of the
system is the time the gas phase remains in the bed and is defined as the
ratio of the expanded bed height to the superficial gas velocity.

Figure 4.6-3 illustrates the calculated relationship between gas phase
residence time and Ca/S molar feed ratio required to achieve 90 percent SO2
removal, at various particle sizes for two types of limestone. As gas
residence time is increased, the required calcium to sulfur molar feed ratio
decreases. Figure 4.6-3 also indicates that there is a critical gas
residence time (0.6 to 0.7 sec) below which sulfur retention efficiency is
severely \r'educed.Z]6

These three control factors are interrelated and can be varied to
obtain the optimum SO2 removal efficiency. A ;;gde-off must be made among

There are, however,

factors other than these which affect emission control. Overbed feeding is

these factors in designing the optimum system.

technically simpler than underbed feeding, but solid and gas residence time
may be less than desirable. SO2 released above the bed could be captured
with reduced efficiency and sorbent may be entrained in the flue gas before
it has a chance to \r'eac’c.Z]7
The temperature within the bed may have a direct effect on the
efficiency of the reaction between sulfur dioxide and calcium oxide.
Several investigators have shown that optimum temperatures for calcium use
are between 760° and 870°C (1400° and 1600°F), depending upon the coal and
sorbent used. Figure 4.6-4 shows pilot scale results comparing sulfur
retention versus temperature for two coals. The lower temperature limit is
determined by the temperature at which calcination occurs; that is, CaCO3
releases C02, forming Ca0, the reactive form of the sorbent. Below 760°C

(1400°F) calcination is not complete. The lower sulfur retention observed
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at temperatures greater than the optimum temperature may be caused by the
release of 502 after capture due to local reducing conditions in the bed, or
by slight changes in other variab]es.219
EQX Control. Design and operating factors which influence the
formation and control of NOx in AFBC boilers include:
e Temperature
e Excess air
e Gas residence time
e Fuel nitrogen
e Coal particle size
e Factors affecting local reducing conditions
The kinetics and mechanisms of NOx reduction in AFBC boilers are not
well understood. Research to date indicates over 98 percent of N0x
emissions are NO and, furthermore, over 90 percent of the NO emitted is
derived from fuel nitrogen. Surprisingly, however, N0x emissions appear to
be relatively independent of fuel nitrogen content. It is thought that NO
is formed near the base of the bed and is then reduced to elemental nitrogen
as the gases rise through the bed. Many of the factors above affect this
reduction. In summary, AFBC boilers emit considerably less NOx than
conventional boilers because of the lower combustion temperatures. However,
the further reduction of emissions by combustion modifications will probably
need to await further investigation.220
Particulate Matter (PM) Control. For the most part, factors affecting

the generation of PM emissions and the performance of control devices are
similar to those affecting conventional boilers. FBC boilers can use fabric
filters, ESP's and cyclones for PM control . Cyclones are commonly used for
recycling elutriated bed material back to the boiler or to a separate carbon
burnup cell.

4.6.1.3 Emission Test Data. Nearly all the available emission data

for AFBC industrial boilers was obtained from tests run on small pilot plant
or demonstration projects. Because these units are primarily research and
development facilities, this test data may not be characteristic of full-
scale industrial size units. In addition, the majority of the data has been
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obtained using sampling and analytical techniques other than EPA reference
methods. Rigorous testing with established EPA reference test methods is
usually done to determine whether a boiler is complying with specific
emission standards. So far, the need for this type of testing has been
Timited.

The situation, insofar as the availability of standard test data
obtained from full scale, continuously operating units, is changing rapidly.
Several large scale commercial units are scheduled for start up within the
next year and will 1ikely require compliance tests.

S0, Emission Data Summary. Figure 4.6-5 is a summary of SO2 data
obtained at eight AFBC test facilities under a wide variety of test
conditions. The bounded area is an indication of the range of performance
expected from FBC systems at high gas-phase residence times and small
sorbent particle size. Much of the experimental data falls within these
boundaries. Deviations from the band are noted in the data from the B&W
3 ft x 3 ft unit and the PER-FMB unit. If the units and test conditions are
considered closely these deviations from the band are expected. The B&W 3
ft x 3 ft unit has a shallow bed which allows less than optimum sorbent/gas
contact. Gas phase residence times are approximately one- third of the
recommended 0.67 sec. The PER-FBM data were also obtained using Tow
gas-phase residence times in the range of 0.13 to 0.26 sec.222

A continuous emission monitoring program for SO2 was conducted at the
Georgetown University 45,400 kg (100,000 1b) steam/hr coal/limestone feed
fluidized-bed boiler. Because this system was still in an extended
shakedown phase, several key operating conditions (e.g., level of excess
air, percent fly ash recycle) were not operating in the intended design
range. On a daily average basis, desulfurization was greater than
75 percent on all 14 days of record, greater than 85 percent on 9 days, and
greater than 90 percent on 5 days. Throughout the duration of the testing
program boiler load varied between 50 to 60 percent. Coal feed properties
ranged from 10 to 15 percent ash and 1.2 to 2.5 percent su]fur.234 The
complete 502 data set is presented in Appendix C.
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NO_ Emission Data Summary. The composite diagram of N0x emission data

measured over the range of normal FBC operating conditions is shown in
Figure 4.6-6. In the temperature range of interest (800° to 900°C), most of
the data points are below 215 ng/J (0.5 1b/106 Btu). However, about
10 percent of the test results in the temperature range of interest show NOx
emissions above 300 ng/J (0.7 1b/106 Btu). A1l of these higher values are
from the Argonne 6 in. diameter bench-scale unit.224
These data are reported from experimentation with units where there was
generally no intentional variation of design of operating conditions to
reduce NOx emissions. Increased gas residence times to enhance SO2 control
may contribute to additional reduction of NOx emissions even further.225
A continuous emission monitoring program for NOx was conducted at the
Georgetown University 100,000 1b steam/hr coal/limestone feed fluidized-bed
boiler. NO  emissions ranged from 441 ng/J (1.0 1b/106 Btu) to 218 ng/J
(0.5 1b/106 Btu) and averaged 281 ng/J (0.7 1b/106 Btu) for a 16 day period.
Boiler 1oad ranged from 48 to 61 percent capacity and percent oxygen values
ranged from 8.8 to 12.3 percent on a dry basis. Fuel nitrogen was
consistent at about 1.5 weight percent.235

presented in Appendix C.

The complete test results are

PM Emissions Data Summary. Available data concerning emissions from

primary cyclones, which are considered part of the FBC boiler process,
indicate that emissions at the cyclone outlet are in the range of 215 to
2150 ng/J (0.5 to 5.0 1b/106 Btu) with a mass mean particle size of 5 to
20 um.226 These emission characteristics are comparable to those for
conventional mass feed spreader stokers. Thus, it is expected that
controlled emissions from FBC boilers would be generally equivalent to those
stokers equipped with the same controls (i.e., ESPs or fabric filters).
Table 4.6-1 summarizes the results from particulate emission tests
conducted at the Georgetown University 45,400 kg (100,000 1b) steam/hr
coal/limestone feed fluidized-bed boiler. The FBC unit is equipped with a
mechanical collector and baghouse for particulate control. The percent ash
in the fuel was high throughout the duration of the testing program and
ranged between 10.6 and 15.0 percent on an as received basis. Average
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TABLE 4.6-1. RESULTS OF PARTICULATE EMISSION TESTING AT
THE GEORGETOWN FBC UNIT.Z234a
August 23 September 13
Run number P-1 P-2 P-3 P-4 P-5 P-6
Boiler load (1b/hr) 53,600 52,000 51,000 54,000 47,000 50,000
CO2, % 8.0 8.0 8.0 8.9 8.0 8.0
05, % 11.5 11.5 11.5 10.1 10.6 10.6
Excess air, % 117.9 117.9 117.9 89.5 97.3 97.3
Avg. stack temp., °F 337.2 337.1 336.2 347.8 349.4 348.8
Stack gas volume, dscfm 18,890 19,245 18,296 17,607 18,121 18,177
Isokinetic ratio, % 96.74 95.87 98.58 98.56 98.40 98.36
Total particulate
ng/J 47.04 37.79 24.58 32.31 20.92 19.62
1b/10° Btu 0.1094 0.0879 0.0572 0.0751 0.0487 0.0456
Average ng/J 36.5 24.3
1b/10% Btu 0.0848 y 0.0565




emissions ranged from 36.5 ng/J (0.0848 1b/106 Btu) to 24.3 ng/J
(0.0565 1b/106 Btu) for the August and September tests, respectively.
During the August set of runs there was noticeable puffing from the stack at
regular intervals, indicating leakage in a compartment of the baghouse.
After replacing several bags the extent of the puffing was reduced but not
completely eliminated. An inspection of the baghouse prior to conducting
the September runs revealed that extensive blinding of the teflon bags had
occurred. After repairs were made, overall baghouse performance improved as
evidenced by the results presented in Table 4.6-1. It should be noted that
throughout the testing program mechanical collector plugging occurred which
may have affected the inlet loading to the baghouse.236
4.6.2 Coal/Limestone Pellets

4.6.2.1 Process Description

4.6.2.1.1 System. Coal/limestone pellet (CLP) technology is an SO2
removal technique currently being studied by the EPA. In this process,
coal/limestone pellets are fired as ordinary fuel in stoker boilers. The
SO2 formed during combustion reacts with limestone present in the fuel
pellets to form calcium sulfite and calcium sulfate salts. The majority of
calcium salts remain in the ash bed and are discharged from the boiler along
with the bottom ash. This system does produce an increase in boiler
particulate emissions which may affect the design of fly ash control
equipment.227

There are several processes available for the manufacture of CLP.
These processes include the pellet mill process, briquette production
process, auger extrusion process, and disk production process. In all cases
the pellets are composed of coal, 1imestone and a cement or organic binder.

Pellet production studies have been conducted with the goal of pro-

228 Ideally, these pellets would

ducing a CLP suitable for industrial use.
have the mechanical strength, durability and weatherability characteristics
comparable to those of raw coal. Table 4.6-2 compares the physical
properties of coal and coal/limestone pellets (Ca:S ratio of 3.5) produced
by two different processes using different binders. The mill production

method creates a pellet with physical properties that exceed raw coal in all
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TABLE 4.6-2. COMPARISON OF PHYSICAL PROPERTIES OF RAW COAL AND FUEL PELLET229
Pellet Formulatlon(n) Compression Post Weathering
Production Coal Limestone Purability Strenglh, Heather Durability(h) Strength,
Hethod Type z Type 4 Dinder Index (b) 1b Index (b) index ib
Raw cosal Tllinois 76 100 - - - 85t 2 74 1 12 89 ¢+ 1 75 58
Raw coal E. Kentuchy 100 - - - 85 ¢+ 2 83 ¢ 22 94 ¢ 1 83 94
Raw coat iignite 100 - - - 17 &+ 4 92 ¢ 22 A0 + 4 34 45
Raw coal Nosebud 100 - - - 84 + 2 50 + 15 19+ 2 20 68
CPM lab mill T1linois 76 70 Piqua 30 2% Allbond + IX 87 112 100 85 >112
Polyco 2136
Bauner
extruslon I1iinole #6 70 Piqua 130 1.5%2 Allbond 200 + 94 84 100 62 60
1X M-167 .01

(n) Hater a‘ded as uweeded.

)

Percent survival =100 - percent fines.



respects while the extrusion process produces a pellet with properties
comparable to raw coal.

4.6.2.1.2 Developmental status. The use of CLP as an 502 control
technique for industrial boilers is still in the developmental stage. It
must be shown to be economically viable, applicable to industrial boilers
and effective at removing 502 before commercialization can begin.

As part of an EPA-funded program to evaluate this technology, studies
aimed at resolving these questions are currently underway. These studies
include:

e Battelle Columbus Labs: assess the technologies 502 removal
capabilities for various boiler types, fuel types and quality.
Development of a suitable pelletizing process.

e Versar, Inc.: address the impacts of this technology on boiler
design. Evaluation of Battelle pelletizing process.

e (Charles River Associates and Versar: address the cost to produce
the pellets, marketing aspects and ability of potential pellet
vendors to supply the projected demand.

At this time final results from the studies mentioned above are not
available. However, some preliminary information has been supplied in the
form of pellet production and emission data studies conducted by Battelle.
These preliminary data indicate that Battelle-Columbus Laboratories has
developed a pellet (Ca:S 3.5:1) suitable for industrial use with sulfur
retention capability of about 50 percent. However, problems with the
pelletizing process have impeded continued development.

4.6.2.1.3 Applicability to Industrial Boilers. Coal/limestone pellet

502 control technology is applicable to any type of coal-fired stoker
boiler. Preliminary data suggest that bed temperature, steam production
rate, fly ash loading, and bottom ash loading will be affected to some

degree when firing coal/limestone in stoker boi1ers.229

4-206



Based on preliminary data from a "demonstration test" conducted at the
Battelle Lab steam plant, it was found that CO levels from pellet firing
were relatively high (usually greater than 100 ppm) compared to those from
the firing of conventional stoker coals. These higher CO levels may be
related to the nature of the burn and/or to the fact that the overfire air
flow rate was decreased during the pellet firings. Because of the
compactness of the pellet and the lTimited access of air into the pellet, the
capture process first involves the formation of calcium sulfide via

2 Ca0 + FeS + 2CaS + Fe0 + CO

2

which can account for the part of this increase in CO.

Particulate emissions at the outlet of the mechanical collector during
the "demonstration test" from the firing of the 3.5:1 Battelle pellet were
258 ng/J (0.6 1b/106 Btu). The smoke opacity was only 20 percent which
would appear low for a particulate loading of 258 ng/J (0.6 1b/106 Btu) if
the fly ash were from coal firing alone. Fly ash from pellet firing is
about 50 percent more dense and considerably more coarse than from firing
coal alone.228 For equivalent mass loadings, optical density varies
inversely with particle size and density. Thus, the apparent discrepancy
between smoke opacity and particulate loading is explained partially by the
laws of optics. A change in particle size distribution over that of raw
coal firing could affect the design of fly ash collection equipment.
However, additional data are needed (particle size distributions) in order
to quantify this effect.

Boiler thermal efficiency may be affected by the addition of limestone
to the boiler feedstock. Limestone present in the bed will absorb thermal
energy that would normally be used to produce steam. Numerical estimates
for the potential efficiency reduction are not currently available. In
addition the calcination of Timestone is an endothermic reaction which will
further reduce the thermal efficiency.
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For an existing coal-fired boiler using CLP technology, the steam
production rate is expected to be reduced by 20 percent of the rated
capacity.229 This is due primarily to a decrease in the heating value
(Btu/1b fuel) of the coal/limestone mix relative to that of raw coal. In
order to produce the energy equivalent of 100 kg (220 1b) of coal, 163 kg
(359 1b) of coal/limestone mix would have to be burned.229 Therefore, it is
unlikely that a boiler could achieve its rated steam production capacity
unless modifications to the fuel feeder mechanism prove successful in
providing increased mass feed rates to the boiler.

Flue gas volumetric flow rate is expected to increase by 8 percent over

that of raw coal firing.229

This increase can be attributed to the 602
produced when calcining of calcium carbonate (limestone) occurs by the

reaction:
CaCO3" » Ca0 (sorbert) + co,

This increased flow is expected to affect the design and cost of new boilers
and could affect the performance of existing boilers and controls using CLP.
Wider tube spacing will be required on new boilers in order to maintain the
standard design velocity past the tubes. In existing boilers using
coal/limestone pellets this increased velocity could affect the heat
transfer rate while simultaneously increasing corrosion of the tubes.
Increased I.D. fan horsepower will also be required in order to accommodate
the higher flue gas volume for both new and existing installations.

Total ash loading on the boiler and controls can be expected to
increase with CLP use. Initial estimates show that 3 to 4 times as much ash

may be generated over that of raw coal firing.228

The impact resulting from
this could take the form of increased bottom ash capacity and/or an
increased number of bottom ash removal cycles, both which would affect
boiler capital and/or maintenance costs.

The factors mentioned in this section could affect the applicability of
this technology to industrial boilers with respect to boiler design,

operation, maintenance and cost.
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4.6.2.2 Factors Affecting Performance. An important factor affecting

the performance of coal/limestone pellets as an SO2 control technique is the
calcium/sulfur ratio. A preliminary test using pellets with a 7:1 ratio
demonstrated between 70-80 percent sulfur removal. Subsequent tests using
pellets with a 3.5:1 ratio show removal efficiencies of from 45-67 percent.
The calcium/sulfur ratio also affects the physical properties of the fuel
(strength, durability and weatherability) and thus, the handling
characteristics of the pellets. When conducting tests on the 7:1 ratio
pellets, it was found that they lacked strength and broke under the stress
from the fuel feed system. Although broken pellets may not affect SO2
removal, particulate emissions may be increased.

A second factor affecting SO2 removal efficiency appears to be the
combustion or bed temperature. In preliminary tests on a small spreader
stoker using pellet ratios of 7:1 and 3.5:1, removal efficiencies from
52-72 percent were reported (see emissions data section). Thermochemistry
suggests that sulfur capture is reduced at higher bed temperatures.
Additionally, an analytical model developed to serve as an interpretive tool
suggests that maximum sulfur capture occurs for a minimum pellet surface

area/volume ratio.228

Thus, it is not surprising that the pillow-shaped
briquet with a relatively high surface area/volume ratio has the lowest
sulfur capture of any of the production techniques.

4.6.2.3 Emissions Data. A series of preliminary emissions tests have

been conducted using coal/Timestone pellets developed by Battelle- Columbus
Labs. Initial model spreader tests used both the 3.5:1 and 7:1 Battelle
pellets as the feedstock to a 20 brake horse power model spreader stoker
boiler. Subsequent demonstration and checkout tests were conducted on an
11,340 kg/hr (25,000 1b steam/hr) spreader stoker at Battelle Laboratories
using the 3.5:1 Battelle pellet only. 1In all of the tests a high sulfur
coal was used (3-4 percent sulfur) to produce the pellets. Because these
units are primarily research and development facilities, these test data may
not be characteristic of full-scale commercial units.

Results from the model spreader stoker tests are summarized in
Table 4.6-3. A preliminary test, using a raw coal feedstock was run to
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TABLE 4.6-3.

MODEL SPREADER STOKER EXPERIMENTS

228

Predicted

Measutey Sul fur

SOz,(a) S0,, Retention,

Fuel Ca/s Froduction Technique ppm ppm percent
I11fnois No. 6 0 - 3700 3700 0
Cement-bound pellets 7 Pellet mil]l (cylinders) 1040 3700 72
Cement-bound pellets 3-1/2 Ditto 1220 3700 67
Methylcellulose-bound pellets 3-1/2 Ditto 1480 3700 60
Ditta Ditto Nltto 1260 3700 67
Ditto DMtto Briquettes 1780 3700 52
Ditto Ditto Auger extrusion {(cyliunders) 1370 3700 63
Nitlo Ditto Disc (spheres) Pellets did not have adequate strength




TABLE 4.6-4. EMISSION DATA SUMMARY FOR FUEL PELLET DEMONSTRATION228

Smoke €0 at Fuel H Fuel S )
Load, 0,, €02, CO, NO, S0z, Opacity, 320,, NO at 3% 09, ppm Converted, 507 at )2 07, ppm_  Emitted Porticulates,
rph X h 4 ppm  ppm  ppm X ppm Computed  Measwred 4 Computed Mengured b4 1h/M Btu
20,000 8.5 10.5 Jo0 310 1600 20 420 2250 440 20 h100 2250 55 0.6

11e-v

TABLE 4.6-5. SULFUR BALANCE

Sulfur Retained In
Computed Fuel S In, Emitted as 50, Bed Ash .as S0,,
16/106 Beu 16/106 Btu 16/106 Btu

1.4 4.1 1.3




document uncontrolled emissions. Sulfur retention values for the model
spreader tests were calculated using this as the baseline emission level.
The 7:1 Battelle pellet achieved 72 percent sulfur retention while the 3.5:1
peilets demonstrated retentions of from 52-67 percent. Variations in sulfur
capture for the 3.5:1 pellet were attributed to variations in bed tempera-
tures, with sulfur capture tending to be reduced at higher bed temperatures.
Further testing of the 7:1 Battelle pellet was not conducted due to its lack
of physical strength.

A demonstration test was conducted using twenty tons of CLP with a Ca:$S
ratio of 3.5. The pellets were fired in an 11,340 kg/hr (25,000 1b/hr)
steam spreader-stoker boiler at the Battelle steamplant. Two types of
pellets were used, a lTower density (0.9 to 1.2 g/cc) pellet produced by
Banner Industries using auger extrusion and a higher density pellet
(1.4 g/cc) produced by Alley-Cassetty Coal Company using a pellet mill.

Both types of the pellets were fired under a variety of boiler conditions.
During the demonstration tests, the pellet feed rate was maintained at
approximately 1.36 Mg/hr (1.5 tons/hr) at a boiler load of 80 percent.
Tables 4.6-4 and 4.6-5 summarize the results of this test. As indicated in
Table 4.6-4, the sulfur capture was 45 percent during the demonstration
test. The greater sulfur retention of the earlier model spreader tests was
attributed to the lower bed temperatures which were seldom higher than
1260°C (2300°F). The bed temperatures during the demonstration tests were
seldom less than 1371°C (2500°F) and as high as 1455°C (2650°F).
Additionally with a pulsating ash discharge stoker, the fuel bed is
violently disturbed. Ash can therefore be recirculated back into the hot
zone. Thus, if sulfur is retained in the ash at a lower bed temperature, it
may be released when the ash is exposed to a higher temperature.

The Battelle steam plant boiler facility uses a mechanical collector to
control particulate matter. Depending on the ash and sulfur content of the
coal, earlier experiments had shown that particulate loadings varied between
86 and 258 ng/J (0.2 and 0.6 1b/106 Btu). Generally, for low S, Tow ash
coals, particulate loadings were less than 129 ng/J (0.3 1b/106 Btu). The
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particulate loading during the demonstration test was 258 ng/J
(0.6 1b/10° Btu).
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